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Chapter 1: Executive Summary

This 2009 Avoided-Energy-Supply-Component (AESC) report provides
projections of marginal energy supply costs which will be avoided due to
reductions in the use of electricity, natural gas, and other fuels resulting from
energy efficiency programs offered to customers throughout New England. All
reductions in use referred to in the report are measured at the customer meter
unless noted otherwise.

These projections were developed to support decisions during 2009 and 2010
regarding the design, evaluation and approval of energy efficiency programs to be
implemented in 2010 and 2011 respectively. These projections should not be
regarded as proxies for the market prices of any commodity. For example, these
projections do not attempt to forecast short-term variations in natural or electric
energy prices due to volatility in those markets. Instead the purpose of these
projections is to provide an estimate of these avoided costs in the long-term.

The 2009 AESC Study updates the 2007 AESC Study to reflect current market
conditions and cost projections. The report provides detailed projections of
avoided costs by year for an initial fifteen year period, 2010 through 2024, and
extrapolated values for another fifteen years from 2025 through 2039.

All values are reported in 2009% unless noted otherwise. For ease of reporting and
comparison many results are expressed as a levelized value over 15 years. These
levelized results are calculated at discount rate of 2.22% solely for illustrative
purposes.

1.1. Background to Report

The 2009 AESC Study was sponsored by a group of electric utilities, gas utilities
and other efficiency program administrators (collectively, “program
administrators” or PAs). The sponsors, along with non-utility parties and their
consultants, formed a 2009 AESC Study Group to oversee the design and
execution of the report. The 2009 AESC sponsors include Berkshire Gas
Company, Cape Light Compact, National Grid USA, New England Gas Company,
NSTAR Electric & Gas Company, New Hampshire Electric Co-op, Bay State Gas,
Northeast Utilities (Connecticut Light and Power, Western Massachusetts Electric
Company, Public Service Company of New Hampshire, and Yankee Gas), Unitil
(Fitchburg Gas and Electric Light Company, Unitil Energy Systems, Inc, and
Northern Utilities), United Illuminating, Southern Connecticut Gas and
Connecticut Natural Gas, the State of Maine, and the State of Vermont. The non-
utility parties represented in the Study Group were Connecticut Energy
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Conservation Management Board, Massachusetts Department of Public Utilities,
Massachusetts Department of Energy Resources, Massachusetts Attorney General,
Massachusetts Energy Efficiency Advisory Council, Massachusetts Low-Income
Energy Affordability Network (LEAN) and other Non-Utility Parties, New
Hampshire Public Utilities Commission, and Rhode Island Division of Public
Utilities and Carriers.

The 2009 AESC Study Group specified the scope of work, selected the Synapse
Energy Economics (Synapse) project team, and monitored progress of the study.
The Synapse project team presented its analyses and projections to the 2009 AESC
Study Group in nine substantive tasks. The draft deliverable for each task was
reviewed in a conference call. The relationship between the chapters in this report
and the task deliverables is as follows:

e  Chapter 2. Wholesale Markets for Electric Energy, Capacity and Renewable
energy—Task 3;

. Chapter 3. Wholesale Market for Natural Gas—Task 4;

e  Chapter 4. Avoided Costs of Natural Gas—Task 6;

e  Chapter 5. Avoided Costs of Crude Oil and Related Fuels—Tasks 5 and 9;
e  Chapter 6. Avoided costs of Electricity—Task 7;

e  Chapter 7. Sensitivity of Wholesale Electric Energy Prices to Changes in Key
Inputs—Task 8;

e  Chapter 8. Instructions for Applying avoided electricity Costs—Task 10.

The report was prepared by a project team assembled and led by Synapse.

Dr. David White and Ben Warfield of Synapse were responsible for projecting
wholesale electric energy prices. Paul Chernick of Resource Insight led the analysis
of wholesale capacity costs and DRIPE. Bob Grace and Jason Gifford of
Sustainable Energy Advantage (SEA) provide estimates of renewable energy
credit demand, supply and price. lan Goodman and Brigid Rowan of The
Goodman Group prepared an analysis of the economic development impacts of
Massachusetts efficiency programs with input from Dr. William Steinhurst.

Dr. Carl Swanson of the Swanson Energy Group led the analysis of avoided natural
gas costs and Rick Hornby developed projections of other fuels. Chris James, Max
Chang and Bruce Biewald of Synapse developed externality values for air emissions
avoided due to reductions in electricity and fuel use. Rick Hornby served as project
manager with support from Max Chang. Adam Auster of Resource Insight provided
editorial support.
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1.2. Avoided Costs of Electricity to Retail Customers

An electric energy efficiency program that enables a retail customer to reduce his
or her annual electricity use has a number of key energy cost benefits. The benefits
from those reductions include some or all of the following avoided costs:

Avoided electric energy costs due to a reduction in the annual quantity of
electric energy that has to be generated, including renewable energy to
comply with the applicable Renewable Portfolio Standard (RPS);!

Avoided electric capacity costs due to a reduction in the annual quantity of
electric capacity and/or demand reduction that ISO-NE requires load serving
entities (LSES) to acquire from the Forward Capacity Market (FCM) to
ensure an adequate quantity of generation during hours of peak demand;

Avoided electric energy costs due to a reduction in the price of electric
energy that is generated to serve remaining load, because that remaining load
will be met at prices set by more efficient generating units. This reduction is
referred to as energy Demand Reduction Induced Price Effect, or energy
DRIPE;

Avoided electric capacity costs due to a reduction in the price of electric
capacity that is acquired to serve remaining load, because that remaining load
will be met at prices set by less expensive capacity resources. This reduction
is referred to as capacity DRIPE;

Avoided environmental externalities due to a reduction in the quantity of
electric energy that has to be generated. An environmental externality is the
value of an environmental impact associated with the use of a product or
service, such as electricity, that is not reflected in price of that product.
AESC 2009 uses the externality value of carbon dioxide emissions as a proxy
for these externalities.

Avoided costs of local transmission and distribution (T&D) infrastructure
due to a reduction in the timing and/or size of new projects that have to be
built resulting from the reduction in electric energy that has to be delivered.

AESC 2009 provides estimates of each category of avoided costs except for
avoided T&D, which is utility specific and beyond the scope of the study. These
costs are provided by geographic area and then by year and costing period within
the year.

1Electric energy is measured in kilowatt hours (kWh) or megawatt hours MWh; electricity capacity is
measured in kilowatts (kW) or megawatts (MW).
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Avoided electric energy costs are the largest of these benefits. The relative
magnitude of each component for the summer peak costing period is illustrated in
Exhibit 1-1 for an efficiency measure with a 55% load factor implemented in the
Northeast Massachusetts zone (NEMA).

Exhibit 1-1 :Avoided Electricity Costs for NEMA Zone, AESC 2009 vs. AESC 2007
(Summer Peak 15-year levelized results, 2009 dollars)

Difference relative
AESC 2007 AESC 2009 to AESC 2007

Component (cents/kWh)| (cents/kWh)| | (cents/kWh) %

Avoided Energy Costs 10.5 9.6 -0.9 -9%

Avoided Capacity Costs2 2.3 0.4 -1.9] -84%
DRIPE

Energy” 17 4.3 2.6] 156%

Capacity® 0.4 0.3 0.2 -39%

CO, Externality 3.2 2.9 -0.3] -10%

TOTAL 18.1 17.5 -0.7 -4%

a) Avoiding costs from purchasing from the Forward Capacity Market
b) Values are for total DRIPE (Intrastate and Rest of Pool)
¢) Assuming a 55% load factor.

The 2009 AESC projections of avoided energy plus avoided capacity cost are
approximately 20% to 25% lower than those from the 2007 AESC while the
projection of total avoided costs is approximately 10% to 15% lower. The factors
driving those differentials are discussed below.

1.2.1.Avoided electric energy costs

Avoided electric energy costs are an estimate of the value of a reduction in annual
electric energy use by retail customers. The major inputs to this calculation are
avoided wholesale electric energy market prices, avoided costs of Renewable
Energy Certificates (RECs) and a wholesale risk premium of 9 percent.

The avoided wholesale electric energy market prices are estimates for a
hypothetical future, “Reference Case”, in which no new energy efficiency is
implemented from 2010 onward. The major drivers of the prices in this Reference
Case are the forecasts of load, natural gas prices, carbon emission regulation
compliance costs and renewable energy quantities required to comply with the
Renewable Portfolio Standard of each state. (The carbon emission compliance
costs assume limits imposed under the Regional Gas Greenhouse Initiative or
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RGGI through 2012 and federal cap and trade regulations thereafter.2) The only
significant quantity of new capacity added under the Reference Case is from
renewable resources. See Exhibit 1-2.

Exhibit 1-2: AESC Reference Case, Capacity by Source (MW)

AESC 2009 Reference Case - Capacity by source (MW)
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Natural gas is the dominant source of generation under the Reference Case, but its
dominance is reduced over time by generation from renewable resources.
Forecasts of annual generation from natural gas and from renewables are depicted
in Exhibit 1-3.

2 The exception is Rhode Island, whose avoided electricity costs assume carbon regulation according to
RGGI for the entire study period.
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Exhibit 1-3: Reference Case, Generation by Source (GWh)

AESC 2009 Reference Case - Generation by source (GWh)
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The avoided costs of RECs are a function of two factors. One is the forecast
quantity of renewable energy that load serving entities (LSEs) will have to acquire
in order to comply with the relevant Renewable Portfolio Standard. The second is
the forecast premium over wholesale electric energy market prices that LSE will
have to pay to acquire that renewable energy. The forecast REC premium is based
upon an estimate of the cost of new entry of Class | renewables from 2012 onward
and the forecast annual wholesale electric energy price. See Exhibit 1-4.
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Exhibit 1-4: Forecast Wholesale Electric Energy Prices and REC premiums
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The 15 year levelized projections of avoided electric energy costs for the 2009 and

2007 AESC studies are shown in Exhibit 1-5.
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Exhibit 1-5: 15 Year Levelized Avoided Electric Energy Costs—AESC 2009 vs.
AESC 2007 (2009 dollars)

Winter |Winter Offf Summer | Summer
Peak Peak Peak Off-Peak

Energy Energy Energy Energy

AESC 2009 $KWh $KWh FkWh $/kWh
1 Maine (ME) 0.083 0.070 0.086 0.069
2 Vermont (VT) 0.089 0.074 0.093 0.072
3 New Hampshire (NH) 0.087 0.073 0.091 0.070
4 Connecticut (statewide) 0.095 0.079 0.099 0.076
5 Massachusetts (statewide) 0.092 0.076 0.095 0.072
6 Rhode Island (RI) 0.082 0.067 0.084 0.063
7 SEMA 0.091 0.076 0.094 0.072
8 Central & Western Massachusetts (WCMA) 0.091 0.076 0.095 0.073
9 NEMA 0.092 0.076 0.096 0.072
10 Rest of Massachusetts (non-NEMA) 0.091 0.076 0.094 0.072
11 Norwalk / Stamford (NS) 0.096 0.080 0.100 0.076
12 Southwest Connecticut (SWCT) including Norwalk/Stamford 0.096 0.080 0.100 0.076
13 Southwest Connecticut (SWCT) excluding Norwalk/Stamford 0.096 0.080 0.100 0.076
14 Rest of Connecticut (hon-SWCT) 0.094 0.078 0.098 0.075

AESC 2007 $KWh $KkWh $kWh $/kWh
1 Maine (ME) 0.088 0.065 0.090 0.063
2 Vermont (VT) 0.100 0.073 0.105 0.072
3 New Hampshire (NH) 0.094 0.069 0.097 0.067
4 Connecticut (statewide) 0.102 0.074 0.109 0.073
5 Massachusetts (statewide) 0.098 0.072 0.104 0.071
6 Rhode Island (RI) 0.097 0.071 0.102 0.069
7 SEMA 0.093 0.068 0.098 0.066
8 Central & Western Massachusetts (WCMA) 0.098 0.073 0.103 0.071
9 Boston (NEMA) 0.099 0.072 0.105 0.071
10 Rest of Massachusetts (non-NEMA) 0.097 0.072 0.103 0.070
11 Norwalk / Stamford (NS) 0.103 0.075 0.116 0.074
12 Southwest Connecticut (SWCT) including Norwalk/Stamford 0.103 0.075 0.110 0.073
13 Southwest Connecticut (SWCT) excluding Norwalk/Stamford 0.098 0.072 0.102 0.070
14 Rest of Connecticut (non-SWCT) 0.101 0.074 0.108 0.072

Change from AESC 2007 $kWh $kWh $kWh $/kWh
1 Maine (ME) (0.005) 0.006 (0.004) 0.006
2 Vermont (VT) (0.011) 0.001 (0.011) (0.000)
3 New Hampshire (NH) (0.007) 0.003 (0.007) 0.003
4 Connecticut (statewide) (0.007) 0.005 (0.011) 0.003
5 Massachusetts (statewide) (0.006) 0.004 (0.009) 0.002
6 Rhode Island (RI) (0.015) (0.004) (0.018) (0.005)
7 SEMA (0.002) 0.008 (0.004) 0.006
8 Central & Western Massachusetts (WCMA) (0.007) 0.003 (0.009) 0.002
9 Boston (NEMA) (0.007) 0.004 (0.010) 0.001
10 Rest of Massachusetts (non-NEMA) (0.006) 0.004 (0.008) 0.002
11 Norwalk / Stamford (NS) (0.007) 0.004 (0.016) 0.003
12 Southwest Connecticut (SWCT) including Norwalk/Stamford (0.007) 0.005 (0.010) 0.003
13 Southwest Connecticut (SWCT) excluding Norwalk/Stamford (0.002) 0.008 (0.002) 0.006
14 Rest of Connecticut (hon-SWCT) (0.007) 0.004 (0.010) 0.003

% Change from AESC 2007 % % % %

1 Maine (ME) -6% 8% -4% 10%
2 Vermont (VT) -11% 1% -11% 0%
3 New Hampshire (NH) -71% 5% -1% 4%
4 Connecticut (statewide) 7% 7% -10% 4%
5 Massachusetts (statewide) -7% 6% -9% 2%
6 Rhode Island (RI) -15% -6% -18% -8%
7 SEMA -2% 11% -4% 8%
8 Central & Western Massachusetts (WCMA) -1% 4% -8% 2%
9 Boston (NEMA) 7% 5% 9% 2%
10 Rest of Massachusetts (non-NEMA) -6% 6% -8% 3%
11 Norwalk / Stamford (NS) -1% 6% -14% 4%
12 Southwest Connecticut (SWCT) including Norwalk/Stamford -71% 6% -9% 4%
13 Southwest Connecticut (SWCT) excluding Norwalk/Stamford -2% 10% -2% 9%
14 Rest of Connecticut (non-SWCT) -1% 6% -9% 4%
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On an annual average basis the 15 year levelized 2009 AESC avoided energy costs
are within approximately 3% of those from AESC 2007. However, on a state-wide
basis the avoided energy costs during winter peaks and summer peaks are 6% to
18% lower. The lower avoided energy costs during peak periods are due to lower
projections of peak load and greater quantities of generation from renewable
resources in peak periods. As a result of those two factors the prices during peak
periods in the AESC 2009 Reference Case are set by somewhat more efficient gas
units, i.e., those with lower heat rates, than in the AESC 2007 Reference Case
which in turn results in lower market prices in those peak periods.

1.2.2.Avoided Capacity Costs

Avoided electric capacity costs are an estimate of the value of a reduction in
energy use by retail customers during hours of system peak demand. The major
inputs to this calculation are avoided wholesale electric capacity costs, an ISO-NE
adjustment of 8% for transmission losses, and the wholesale risk premium of 9%.3

Again, the avoided wholesale electric capacity market prices are estimates for a
hypothetical future in which no new energy efficiency is implemented from 2010
onward. The major drivers of avoided capacity costs are load, quantity of existing
capacity, retirements and capacity from resources added to comply with RPS
requirements.

The 15-year levelized projections of avoided capacity costs from purchasing from
the Forward Capacity Market (FCM) from the 2009 and 2007 AESC studies are
shown in Exhibit 1-6.

Exhibit 1-6: 15 Year Levelized Avoided Electric Capacity Costs—AESC 2009 vs.
AESC 2007

Annual Market Capacity Value 2009$/kW-yr
Zone AESC 2007 AESC 2009 Change
Maine (ME) 106.9 17.81 -83%
Vermont (VT) 108.1 17.11 -84%
New Hampshire (NH) 106.9 17.81 -83%
Connecticut (statewide) 106.9 17.81 -83%
Massachusetts (statewide) 106.9 17.81 -83%
Rhode Island (RI) 106.9 17.81 -83%
SEMA 106.9 17.81 -83%
Central & Western Massachusetts (WCMA) 106.9 17.81 -83%
NEMA 106.9 17.81 -83%
Rest of Massachusetts (non-NEMA) 106.9 17.81 -83%
Norwalk / Stamford (NS) 106.9 17.81 -83%
Southwest Connecticut (SWCT) including Norwalk/Stamford 106.9 17.81 -83%
Southwest Connecticut (SWCT) excluding Norwalk/Stamford 106.9 17.81 -83%
Rest of Connecticut (non-SWCT) 106.9 17.81 -83%

3 Vermont Public Service Board requires a wholesale risk premium of 11.1%.

Synapse Energy Economics- AESC 2009 1-9



The AESC 2009 projected values of avoided capacity costs are approximately 83
percent lower than those from AESC 2007 on a 15 year levelized basis. The lower
projected values reflect our analyses of the empirical information on the actual
operation and results of the FCM available from FCAs 1 and 2, the quantity of
existing capacity available to bid relative to the quantity required and the projected
quantity of renewable resource capacity expected over the study period. There is
considerable uncertainty regarding prices for power years from June 2013 onward,
and hence in the avoided capacity costs for those power years.

The amount of wholesale electric capacity costs that kW reductions from an
energy efficiency measure will avoid will vary according to the approach followed
by a Program Administrator (PA). An efficiency measure can avoid capacity costs
in a given year indirectly if the responsible PA bids its kW reduction into the
Forward Capacity Auction (FCA) for that power year and the FCA for subsequent
power years. The revenues from each FCA for each power year offset the capacity
costs for that power year. However, this bid must be submitted when each FCA is
held, which is approximately three years in advance of the applicable power year.
Alternatively an efficiency measure can avoid capacity costs directly by reducing
the quantity of capacity that has to be bought from the FCM. However there may
be a four year lag between the first year in which the reduction causes a lower
actual peak demand, i.e., the power year in which the energy efficiency measure is
installed, and the year in which ISO-NE translates that reduction into a reduction
in the quantity of capacity that has to be purchased from the FCM. The time lag
results from the fact that ISO-NE sets the quantity of capacity a LSE must acquire
from the FCM up to three years in advance of the actual power year.

The actual strategy that a particular PA follows will likely fall somewhere between
bidding the entire reduction from its efficiency measures into the FCM and
bidding none of the reductions. An illustration of an approach that consists of
bidding 50% of the 100 kW reduction from a five year program into the relevant
FCAs is presented in Exhibit 1-7.
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Exhibit 1-7: Value of Illustrative Alternative Approaches to Avoiding Capacity
Costs via Efficiency Measure Reductions in Peak Demand for NEMA Zone

Hypothetical measure assumptions—Installation in 2010, peak reduction of 100 kw, 5

year measure life

Values per ISO-NE NICR and FCA

PA bids 50 kw into FCA 1 (held in
2008) and into FCAs 2 through 5

Impact of
. . Value of
. Reduced Reduction | Reduction .
Sell into o Reduction
FCA # Purchase Bid into on NICR .
FCA in Peak
from FCA FCA set for
demand
power year
$ per kw-
Units yr $ per kw-yr kw kw
e=(a*c)+
Year a B c d
(b* d)

2010 1 $65.84 $67.71 50 0 $3,292
2011 2 $50.58 $52.02 50 0 $2,529
2012 3 $35.74 $42.03 50 0 $1,787
2013 4 $16.85 $19.85 50 0 $842
2014 5 $16.85 $19.86 50 50 $1,835
Net Present Value @ 2.2% $9,734

1.2.3.Demand-Reduction-Induced Price Effects (“DRIPE")

The Demand-Reduction-Induced Price Effect (DRIPE) is the reduction in prices in
the wholesale energy and capacity markets, relative to those forecast in the
Reference Case, resulting from the reduction in need for energy and/or capacity
due to efficiency and/or demand response programs. Thus DRIPE is a measure of
the value of efficiency in terms of the reductions in wholesale prices seen by all
retail customers in a given period, whereas avoided electric energy costs and
capacity costs measure the value of efficiency in terms of the reductions in the
quantity of energy used by retail customers in a given period.

In order to estimate DRIPE one begins by estimating the impact a reduction in
load will have upon the market price and then estimates the pace at which
suppliers participating in that market will respond by taking a different set of
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actions than they would have taken in the Reference Case. The responses taken by
suppliers will eventually offset, or dissipate, the DRIPE impact.

DRIPE impacts are small when expressed as percentage impacts on the market
prices of energy and capacity. However, DRIPE impacts are significant when
expressed in absolute dollar terms, since very small impacts on market prices,
when applied to all energy and capacity being purchased in the market, translate
into large absolute dollar amounts. Moreover, consideration of DRIPE impacts can
also increase the cost-effectiveness of DSM programs on the order of 15% to 20%,
because the estimated absolute dollar benefits of DRIPE are being attributed to a
relatively small quantity of reductions in energy and/or capacity.

DRIPE will have an impact on market prices within the zone where the reduction

occurs, referred to as intrastate impacts, as well as throughout the rest of the New

England market, referred to as rest of pool. Thus DRIPE impacts can be expressed
as intrastate only or total (intrastate + rest of pool) according to the perspective of
the analyst.

AESC 2007 presents 15-year levelized energy and capacity DRIPE estimates by
zone in Exhibit 1-8. The values reported are total DRIPE, except for
Massachusetts and Connecticut. The statewide and zone values for those two
states are intrastate only. We recommend that program administrators include
DRIPE values in their analyses of demand side management (DSM), unless
specifically prohibited from doing so by state or local law or regulation.
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Exhibit 1-8: AESC 2009 and 2007 15 Year Levelized Energy and Capacity DRIPE
for Installations in 2010 by Zone

Energy DRIPE Capacity
Winter Peak | Winter Off-Peak | Summer Peak Summer Off-Peak DRIPE
Zone $/kWh $/kwh $/kWh $/kWh $IKW-yr
Maine (ME) 0.029 0.019 0.032 0.020 2.20
Vermont (VT) 0.028 0.018 0.031 0.019 0.68
New Hampshire (NH) 0.029 0.020 0.033 0.019 1.14
Connecticut (statewide) 0.019 0.012 0.020 0.009 6.45
Massachusetts (statewide) 0.025 0.019 0.027 0.014 12.29
Rhode Island (RI) 0.034 0.024 0.032 0.021 1.97
SEMA 0.025 0.019 0.027 0.014 12.29
Central & Western Massachusetts (WCMA) 0.025 0.019 0.027 0.014 12.29
NEMA 0.025 0.019 0.027 0.014 12.29
Rest of Massachusetts (non-NEMA) 0.025 0.019 0.027 0.014 12.29
Norwalk / Stamford (NS) 0.019 0.012 0.020 0.009 6.45
Southwest Connecticut (SWCT) including Norwalk/Stamford 0.019 0.012 0.020 0.009 6.45
Southwest Connecticut (SWCT) excluding Norwalk/Stamford 0.019 0.012 0.020 0.009 6.45
Rest of Conneticut 0.019 0.012 0.020 0.009 6.45
AESC 2007

Maine (ME) 0.008 0.007 0.014 0.006 25.63
Vermont (VT) 0.008 0.006 0.015 0.005 25.63
New Hampshire (NH) 0.008 0.007 0.015 0.006 25.63
Connecticut (statewide) 0.010 0.008 0.023 0.011 25.63
Massachusetts (statewide) 0.010 0.008 0.019 0.007 25.63
Rhode Island (RI) 0.009 0.007 0.016 0.007 25.63
SEMA 0.011 0.009 0.020 0.008 25.63
Central & Western Massachusetts (WCMA) 0.009 0.007 0.002 0.006 25.63
Boston (NEMA) 0.008 0.007 0.017 0.007 25.63
Rest of Massachusetts (non-NEMA) 0.010 0.008 0.019 0.007 25.63
Norwalk / Stamford (NS) 0.010 0.008 0.023 0.011 25.63
Southwest Connecticut (SWCT) including Norwalk/Stamford 0.009 0.008 0.020 0.010 25.63
Southwest Connecticut (SWCT) excluding Norwalk/Stamford 0.010 0.008 0.023 0.011 25.63
Rest of Connecticut (non-SWCT) 0.010 0.008 0.023 0.011 25.63

On a 15-year levelized basis the 2009 AESC estimates of capacity DRIPE are
lower than those from AESC 2007. This reduction is primarily due to the absence
of any price impacts in the 2010, 2011 and 2013 power years since FCAs 1-3
clear at the floor price. In contrast, the 2009 AESC estimates of total energy
DRIPE are approximately double those from 2007. These higher estimates are
attributable to differences in the assumptions regarding the phase-in and the phase-
out of energy DRIPE effects between AESC 2009 and AESC 2007.

The AESC 2009 results reflect an immediate phase-in energy DRIPE effects. This
phase-in assumes that wholesale energy prices reflect anticipated load reductions
from efficiency programs and thus the impacts of those reductions on wholesale
prices are fully reflected in the prices charged to retail customers. In contrast,
AESC 2007 assumed that retail prices would gradually reflect energy DRIPE
effects over a few years according to the mix of contracts under which retail
customers were acquiring their electricity supply.

Second, the AESC 2009 results reflect a longer phase-out or dissipation of energy
DRIPE effects up to 14 years versus the 5 years assumed in AESC 2007. The
longer projected dissipation of energy DRIPE is based upon an analysis of the
various factors that tend to offset the reduction in energy prices. Those factors
include demand elasticity, renewable resource additions, existing generator
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deactivations (and reactivations) and incremental improvements, and the timing of
municipally-owned generation additions. This anticipated longer duration of
energy DRIPE is consistent with the results of our Reference Case, which indicate
a significant excess of capacity relative to Net Installed Capacity requirements
through 2024 due to additions of renewable resources to comply with RPS
requirements. That excess is shown in Exhibit 1-9.

Exhibit 1-9: Capacity Requirements vs. Resources (Reference Case)

AESC 2009 Reference Case - Capacity Requirements vs Resources(MW)
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Although there remains uncertainty regarding the projections of energy DRIPE
and capacity DRIPE, the Study Group believes that these projection incorporate
and reflect the most recent and available information..

1.2.4.Carbon-Dioxide Externalities

Externalities are impacts from the production of a good or service that are neither
reflected in the price of that good or service nor considered in the decision to
provide that good or service. There are many externalities associated with the
production of electricity, including the adverse impacts of emissions of SO,,
mercury, particulates, NO, and CO,. However, the magnitude of most of those
externalities has been reduced over time, as regulations limiting emission levels
have forced suppliers and buyers to consider at least a portion of their adverse
impacts in their production and use decisions. In other words, a portion of the
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costs of the adverse impact of most of these externalities has already been
“internalized” in the price of electricity.

AESC 2009 identifies the impacts of carbon dioxide as the dominant externality
associated with marginal electricity generation in New England over the study
period for two main reasons. First, policy makers are just starting to develop and
implement regulations that will “internalize” the costs associated with the impacts
of carbon dioxide from electricity production and other energy uses. The Regional
Greenhouse Gas Initiative and anticipated future federal CO, regulations will
internalize a portion of the “greenhouse gas externality,” but AESC 2009 projects
that the externality value of CO, will still be high even with those regulations.
Second, New England avoided electric energy costs over the study period are
likely to be dominated by natural gas-fired generation, which has minimal
emissions of SO,, mercury, particulates and NOy, but substantial emissions of
CO..

The AESC 2009 estimate of $80/ton is higher than the AESC 2007 estimate of
$60/ton. While based on the same approach as AESC 2007, i.e., the cost of
limiting CO, emissions to a “sustainability target” level, the higher estimate
reflects the most recent literature on the cost of achieving this level. Efficiency
measures can lead to reductions in the absolute quantity of CO, emissions
primarily by demonstrating that existing caps can be met at less cost than
anticipated and thus justifying new, tighter caps.

AESC 2007 estimates of 15-year levelized CO, additional environmental costs by
zone are presented in Exhibit 1-10 below.# As with DRIPE, we recommend that
program administrators include CO, additional environmental costs in their
analyses of DSM, unless specifically prohibited from doing so by state or local
law or regulation.

4 Values for Rhode Island incorporate RGGI only scenario.
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Exhibit 1-10: Fifteen-Year Levelized CO, Avoided Externality Costs by Zone
($/kWh)>

Winter |Winter Offf Summer Summer
Peak Peak Peak Off-Peak

Energy Energy Energy Energy

AESC 2009 $/kWh $/kWh $/kWh $/kWh
Maine (ME) 0.029 0.030 0.029 0.031
Vermont (VT) 0.029 0.030 0.029 0.031
New Hampshire (NH) 0.029 0.030 0.029 0.031
Connecticut (statewide) 0.029 0.030 0.029 0.031
Massachusetts (statewide) 0.029 0.030 0.029 0.031
Rhode Island (RI) 0.039 0.039 0.038 0.041
SEMA 0.029 0.030 0.029 0.031
Central & Western Massachusetts (WCMA) 0.029 0.030 0.029 0.031
NEMA 0.029 0.030 0.029 0.031
Rest of Massachusetts (non-NEMA) 0.029 0.030 0.029 0.031
Norwalk / Stamford (NS) 0.029 0.030 0.029 0.031
Southwest Connecticut (SWCT) including Norwalk/Stamford 0.029 0.030 0.029 0.031
Southwest Connecticut (SWCT) excluding Norwalk/Stamford 0.029 0.030 0.029 0.031
Rest of Connecticut (hon-SWCT) 0.029 0.030 0.029 0.031

The 2009 AESC estimates of CO, externalities per KWh are approximately 10%
lower than those from those of AESC 2007 on a 15-year levelized basis. These
lower values are primarily due to the fact that the gas units on the margin in the
AESC 2009 Reference Case are more efficient than those in the AESC 2007
Reference Case, and therefore emit less CO, for every kWh they generate. Also
the CO, emission prices are slightly higher so that the externality differences are
less.

1.3. Avoided Costs of Natural Gas to Retail Customers

Gas efficiency programs, like electric energy efficiency programs, have a number
of key energy cost benefits. The benefits from those reductions include some or all
of the following avoided costs:

e  Avoided gas supply costs due to a reduction in the annual quantity of gas that
has to be produced, transported by pipeline and possibly stored;

e Avoided costs of local transmission and distribution (T&D) infrastructure
due to a reduction in the timing and/or size of new projects that have to be
built resulting from the reduction in electric energy that has to be delivered,;
and

e  Avoided environmental externalities due to a reduction in the quantity of gas
that is burned.

The largest component of avoided gas supply costs is the cost of producing gas.
AESC 2009 uses the price of gas at the Henry Hub in Louisiana as a proxy for that
cost. The forecast is based upon the New York Mercantile Exchange (“NYMEX")

5 One megawatt-hour = 1 MWh = 1,000 kilowatt-hours = 1,000 kwh
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gas futures prices for the Henry Hub for the years 2009 to 2011 and the Energy
Information Administration (“EIA”) Reference Case forecast from Annual Energy
Outlook (“AEQ™) 2009 for the years 2012 through 2024. The forecast is presented
in Exhibit 1-11.

Exhibit 1-11: Comparison of Henry Hub Gas Price Forecasts
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AESC 2009 provides forecasts of Henry Hub prices under base, high and low
cases. Actual daily and monthly Henry Hub prices are volatile and will vary from
day-to-day and month-to-month around the expected average prices forecast in
each of those three cases. AESC 2009 does not attempt to forecast the actual
prices that would result from that volatility because it is forecasting prices used to
evaluate avoided costs in the long-term. Our analyses indicate that the levelized
price of gas over the long-term would not be materially different if one estimated
increases from an occasional one to three day price spike during a cold snap or
even the type of several month gas price increases following Hurricane Katrina in
the fall of 2005.

AESC 2009 provides estimates of each category of avoided costs for three regions.
These are Connecticut and Rhode Island (“southern New England”),
Massachusetts, Maine and New Hampshire (“central and northern New England™)
and Vermont. For each region the estimates are presented by year and major end-
use. These estimates of avoided gas costs reflect all fixed and variable costs that
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would be avoided due to a reduction in gas use. Unlike the electric industry, which
has an FCM separate from the energy market, there is no separate avoided gas
capacity cost beyond, or additional to, the estimated avoided gas supply costs.

The 2009 AESC projections of avoided natural gas costs to retail customers over
the next fifteen years range from $10.00 to $12.00 per dekatherm (DT)¢ (2009%)
depending on the end-use and location as shown in Exhibit 1-12.

61 dekatherm (DT) = 10 Therms = one-million British Thermal Units (Btu) = 1 mmBtu
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Exhibit 1-12: Comparison of Levelized Avoided Costs of Gas Delivered to Retail
Customers by End Use: AESC 2005 and AESC 2007 (2007$/Dekatherm)

Summary of Levelized Avoided Cost Of Gas Delivered To Retail Customers AESC 2009 versus AESC 2007

(2009%/Dekatherm)
COMMERCIAL &
RESIDENTIAL INDUSTRIAL ALL
Non Hot Non RETAIL
Heating | Water | Heating All Heating | Heating All
5- 6- 5- 6- 5-

AESC 2007 end-use period (a) annual | month month Annual | month month month
Southern New England
AESC 2009 11.42 11.42 14.52 13.52 9.88 11.83 11.21 12.26
AESC 2007 11.62 12.84 12.48 9.50 10.72 10.36 11.65
2007 to 2009 change -1.71% | 13.09% | 8.33% 4.04% | 10.36% | 8.25% 5.25%
Northern & Central New
England
AESC 2009 10.87 10.87 13.54 12.68 10.02 12.05 11.40 12.03
AESC 2007 11.32 12.35 12.04 10.19 11.23 10.92 11.74
2007 to 2009 change -3.95% | 9.62% | 5.28% -1.65% | 7.31% | 4.40% 2.44%
Vermont
AESC 2009 9.75 9.75 12.51 11.62 8.05 9.53 9.07 10.00
AESC 2007 10.43 11.67 11.31 8.34 9.58 9.21 10.37
2007 to 2009 change -6.52% | 7.22% | 2.82% -3.48% | -0.48% | -1.56% -3.53%

(a) In AESC 2007 the end-use profiles was defined as a certain number of months in the winter period,;

e.g. 5-months is Nov.—March.

(b) Factor to convert 2007$ to 2009 $
Note: AESC 2007 levelized costs for 16 years, 2007—2022 at a discount rate of

2.2165%.

1.0420

AESC 2009 levelized costs for 15 years 2010—2024 at a discount rate of 2.22%.
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Other than residential hot water use, AESC 2009 is projecting somewhat higher
avoided costs for each end use than AESC 2007 did. The higher avoided costs for
those end-uses are due to higher distribution costs in general and a higher
allocation of avoided distribution costs to heating loads based upon a more
detailed analysis of the shape of each end-use load.

1.4. Economic-Development Impact of Massachusetts Energy-
Efficiency Programs

In addition to energy cost benefits, energy-efficiency programs have economic-
development benefits. These benefits include direct and indirect jobs supported by
direct spending on energy efficiency plus the jobs supported by retail customers
spending their energy cost savings.

The Massachusetts members of the Study Group sponsored an analysis of the
economic development impact of the 2010-2012 Massachusetts Joint Statewide
Three-Year Electric and Gas Efficiency Plans. The key results of the analysis are
summarized in Exhibit 1-13.

Exhibit 1-13: Economic Development Impacts of Massachusetts Electric and Gas
Energy Efficiency (EE) (Net Impact Multipliers per $1 million)

Electric EE Gas EE
Net Impact Net Impact
MULTIPLIERS (per $1 million, 2009 $)
Employment (job-years) 22.9 19.1
Earnings $1,126,900 $885,200
Value-Added $1,478,300 $891,500

The exhibit indicates that the Net Employment Impact of electric energy
efficiency programs is 22.9 job-years per $1 million. In terms of other economic
activity, electric energy efficiency expenditures of $1 million yield Earnings of
$1,126,900 and Value-Added of $1,478,300. On the gas side, the Net Employment
Impact of gas energy efficiency is 19.1 job-years per $1 million. In terms of other
economic activity, gas energy efficiency expenditures of $1 million yield Earnings
of $885,200 and Value-Added of $891,500.

Exhibit 1-14 provides the results on a physical unit basis (Electric EE Net Impact
per lifetime GWh and Gas EE Net Impact per million lifetime therms). The
economic development impacts of a given amount of EE can be calculated on the
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basis of: (a) expenditures or (b) physical units. The impacts as calculated on the
basis of (a) or (b) are not additive.”

Exhibit 1-14 Economic Development Impacts of Massachusetts Electric and Gas
Energy Efficiency (EE) (Net Impact Multipliers per GWh and million therms)

Electric EE Gas EE

Net Impact Net Impact

(per lifetime (per lifetime million

GWwh) therms)
MULTIPLIERS

Employment (job-years) 1.09 7.8
Earnings (2009 $) $53,300° $362,800°
Value-Added (2009 $) $69,900° $365,300°

& Expressed per lifetime kwWh, the Electric EE Net Impact Multipliers would be $0.053 for Earnings
and $0.070 for Value-Added (multiplier per kWh = multiplier per GWh/1,000,000).

b Expressed per lifetime dekatherm, the Gas EE Net Impact Multipliers would be $3.63 for Earnings
and $3.65 for Value-Added (multiplier per dekatherm = multiplier per million therms/100,000).

Investment in electric and gas energy efficiency leads to a shift in economic
activity from environmentally stressful, low multiplier supply to more
environmentally benign, high multiplier efficiency measures, as well as a large
amount of respending. Cost-effective energy efficiency reduces the cost of living
and operating businesses and thus promotes economic development in
Massachusetts. It increases the efficiency of the overall economy and makes the
state a more attractive place for residents and businesses. Moreover, given the
current economic downturn and the potential for continued high unemployment
rates (particularly in construction) over the next several years, energy efficiency
represents an excellent and very timely opportunity for Massachusetts.

1.5. Avoided Costs of Other Fuels

Some electric and gas efficiency programs enable retail customers to reduce their
use of energy sources other than electricity or natural gas. The benefits from
reducing the use of other fuels include avoided fuel supply costs and avoided
environmental externalities.

The major driver of these avoided fuel costs are forecast crude oil costs. Given the
significant uncertainty regarding the future price of crude oil, the AESC 2009
forecast of crude oil prices is based upon NYMEX futures through 2011, an
interpolation of NYMEX futures and the EIA AEO 2009 Reference Case forecast

7 These values should not be added to avoided costs.
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through 2017 and the AEO 2009 Reference Case forecast thereafter. The AESC
2009 and AESC 2007 forecasts are presented in Exhibit 1-15.

Exhibit 1-15: Low-Sulfur Crude Actual and Forecast (2009 dollars per bbl)
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The AESC 2009 forecasts of avoided costs of fuels by sector and region are
summarized in Exhibit 1-16.

Exhibit 1-16: Comparison of Levelized Avoided Costs of Other Retail Fuels

No.2 | No.2 NOI':Se'Te(}ISO'sv“a' orovane| Kerosene | BioFuel B5 | BioFuel (820 .
Distillate | Distillate P Blend) Blend)
sulfur)

Sector Res Com Com Res Res & Com Res Res Res
AESC 2009 Levelized Values (2009$/MMBtu)

2010-2024 [ 22.83]  21.68] 17.52]  $34.02 | 22.17| 22.83| 22.83] 8.22
AESC 2007 Levelized Values (2009$/MMBtu)

2010-2024 [ 1531 1350] 9.15] 30.99] 15.92 | 15.31 | 15.31 | 5.48
Percent Difference from AESC 2007

2010-2024 | 49.1%|  60.6%| 91.6%| 9.8%| 39.2%| 49.1%)| 49.1%)| 49.9%
Notes
Res Residential Sector
Com Commercial Sector
AESC 2007 values from Exhibit 4-6 New England Average Price Forecast of Other Fuel Prices by Sector (AESC 2007)

The AESC 2009 avoided costs for these fuel prices are generally higher than those
from AESC 2007 primarily due to a higher forecast of underlying crude oil prices.
On a 15 year levelized basis the AESC 2009 values are higher by 10% to 6 0%
depending on the fuel and sector. The wood values are for cordwood. Values for
wood pellets would be approximately twice as high according to the limited data
on wood pellet prices.

Synapse Energy Economics- AESC 2009

1-22



Chapter 2: Methodology and Assumptions
Underlying Projections of Avoided Electricity
Supply Costs

2.1. Background

The goal of the AESC study is to project the electricity supply costs that would be
avoided by reductions in retail energy and/or demand. These avoided electricity
supply costs incorporate: avoided electric-energy-market prices, avoided capacity-
market prices, avoidable costs not internalized in those market prices, and demand
reduction induced price effects (DRIPE).

We use Market Analytics, under license from Ventyx (formerly Global Energy
Decisions), to simulate the operation of the wholesale electric-energy market. Our
own spreadsheet model simulates future Forward Capacity Auctions in the
forward capacity market.

Section 2.5 describes the methodology and assumptions we use to develop a
forecast of the components of avoided electricity supply costs that are not
internalized in the wholesale market prices for energy and capacity.

In Chapter 6, we provide a set of avoided electricity supply costs for the New
England region as a whole as well as for each of 14 component zones in each year
of the planning horizon (2009-2039). Each set of avoided electricity supply costs
comprises avoided energy costs by year for the four energy costing periods:
Summer Peak, Summer Off-Peak, Winter Peak, Winter Off-Peak.

2.2. Wholesale Market Prices for Electric Energy and Capacity—
Common Methodologies and Assumptions

2.2.1. Structure of Wholesale Markets

The ISO-New England (ISO-NE) market is part of the Northeast Power
Coordinating Council and includes the six states of Connecticut, Maine,
Massachusetts, New Hampshire, Rhode Island, and Vermont.8 1ISO-New England
Is the regional transmission organization for the New England power market. It
coordinates several markets for electric-power products including energy,
capacity, and operating reserves markets (Regulation Up and Down, spinning
reserves, ten-minute non-spinning reserves, and thirty-minute non-spinning
reserves).

8parts of northeastern Maine are not included in 1ISO-New England.
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2.2.1.1. Wholesale Energy Markets

The wholesale energy markets are managed by ISO-NE. There are two primary
markets: (1) the Day-Ahead Market where the majority of the transactions occur
and 2) the Real-Time Market where the remaining energy supplies and demands
are balanced. These two markets represent the bulk of the electricity transactions
and their prices on average are very close to each other, although there is greater
volatility in the real-time market.

The following material from the 2007 Annual Market report provides more details
about how these markets operate.

According to ISO-New England (2007, 23-24):

The ISO calculates and publishes day-ahead and real-time LMPs at five
types of locations, called pricing locations. These include the external
interface proxy nodes, load nodes, individual generator-unit nodes, load
zones, and a trading hub (Hub). New England is divided into the following
load zones: Maine, New Hampshire, Vermont, Rhode Island, Connecticut,
Western/Central Massachusetts (WCMA), Northeast Massachusetts and
Boston (NEMA), and Southeast Massachusetts (SEMA). The Hub, which
contains a specific set of predefined nodes, is used to establish a reference
price for electric energy trading and hedging. The Hub also is a location
used in the FTR markets.

The market-clearing process calculates and publishes LMPs at these
locations based on supply offers, virtual bids, and day-ahead demand bids
in the Day-Ahead Energy Market and on supply offers and real-time load
in the Real-Time Energy Market. A generator is paid the price at its node,
whereas participants serving demand pay the price at the load zone. This is
a load-weighted average price of the zone’s load-node prices. LMPs differ
among locations as a result of the marginal costs of congestion and losses.
Congestion is caused by transmission constraints that limit the flow of
otherwise economic power. Congestion costs arise because of the need to
dispatch individual generators to provide more or less energy to respect
transmission constraints. The marginal cost of losses is a result of physical
losses that arise as electricity travels through the transmission lines.
Physical losses are caused by resistance in the transmission system and are
inherent in the existing transmission infrastructure. As with the marginal
cost of congestion, the marginal cost of losses has an impact on the
dispatch level of generators to minimize total system costs.

If the system were entirely unconstrained and had no losses, all LMPs
would be the same, reflecting only the cost of serving the next increment
(in megawatts) of load. This incremental megawatt of load would be
served by the generator with the lowest cost, and energy from that
generator would be able to flow to any node over the transmission system.
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In the Day-Ahead Energy Market, market participants may bid fixed
demand (i.e., they will buy at any price) and price-sensitive demand (i.e.,
they will buy up to a certain price) at their load zone. They also may offer
virtual supply and bid virtual demand (see Section 2.2) at the Hub, load
zones, the external interface pricing nodes, or individual generator or load
nodes. Appendix A.1 provides a monthly breakdown of energy market
volumes by numerous categories. Generating units offer their output at the
pricing node specific to their location. The intersection of the supply and
demand curves as offered and bid, along with transmission constraints and
other system conditions, determines the Day-Ahead Energy Market price
at each node. The processing of the Day-Ahead Energy Market results in
binding financial schedules and commitment orders to generators. In the
Day-Ahead Energy Market, participants have incentives to submit supply
offers that reflect their units’ marginal costs of production, which are
largely driven by fuel costs. Supply offers also incorporate the units’
operating characteristics. Separate start-up and no-load offers are
submitted as well. Demand bids reflect participants’ load-serving
requirements and accompanying uncertainty, tolerance for risk, and
expectations about congestion.

After the Day-Ahead Energy Market clears, the supply at each location
can be affected in two ways. First, generators that were not committed in
the Day-Ahead Energy Market can request to self-schedule their units for
real-time operation. Alternatively, units that were committed can incur a
forced outage or request to be decommitted. Second, as part of its Reserve
Adequacy Analyses (RAA) (see Section 6.1), the ISO may be required to
commit additional generating resources to support local-area reliability or
to provide contingency coverage.s Finally, all generators have the
flexibility to change their incremental energy-supply offers during the
reoffer period.

In the Real-Time Energy Market, the ISO dispatches generators to meet
the actual demand on the system and to maintain the required operating-
reserve capacity. Higher or lower demand than that scheduled day ahead,
actual generator availability, and system operating conditions all can affect
the level of generator dispatch and therefore the real-time LMPs. In the
Real-Time Energy Market, the 1SO balances supply and demand, while
ensuring that reserves are sufficient and transmission line loadings are
safe. Unexpected increases in demand, generating-unit outages, and
transmission line outages all can cause the 1SO to call on additional
generating resources to preserve the balance between supply and demand.

2.2.1.2. Wholesale Capacity Market

The Federal Energy Regulatory Commission (FERC) has approved a new
framework, the Forward Capacity Market (FCM), which will go into effect in June
2010. The power year for the FCM, also referred to as an FCM year, is from June
through May. Thus, for a calendar year the unit cost of capacity in the FCM,
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expressed as dollars per kW-year, will be the average of January through May
from one power year and June through December of the following power year.

The transition period from the current installed wholesale capacity market to the
forward capacity market is December 2006 through May 2010. ISO-NE has set the
installed-capacity prices to be paid to suppliers for each power year during that
transition. The prices for the remaining portion of the transition period covered by
AESC 2009 are $4.10/kW-month for June 2009 through May 2010. Reductions in
energy use from new energy efficiency initiated during this transition period
would have no effect on the total capacity costs incurred by New England load
since all resources are paid the settlement price during this period.

Under the FCM, ISO-NE will acquire sufficient capacity to satisfy the installed
capacity requirement (ICR) it has set for a given power-year through a forward-
capacity auction (FCA) for that power-year.® The price for capacity in that power
year will be based upon the results of the FCA for that year. The FCA for each
power-year will be conducted roughly three years in advance of the start of that
year. ISO-NE has held two FCAs to date, FCA 1 for the June 2010 power year and
FCA 2 for that of June 2011.

Under the FCM, ISO-NE set a ceiling price and a floor price for each of the first
three FCASs.10 For FCA 1 and FCA 2 the floors were $4.50/kW-month (60% of
$7.50, the estimated cost of new entry) and $3.60/kW-month respectively. For
FCA 3 the floor is $2.95/kW-month. At this point in time there is no provision for
ISO-NE to set floors or ceilings for future FCAs although there have been
discussions within ISO-NE on that issue.

Suppliers of capacity whose bids are accepted in the FCA will be paid an amount
equal to the quantity of capacity they bid multiplied by the final auction price. In
each month of the capacity year, this amount will be reduced by peak energy rent,
(PER), an estimate by ISO-NE (2006, 9) of the annual energy profits that a

9Some of the ICR (1,400 MW in the first FCA, 911 MW in the second FCA) was met by installed capacity
credits from the Phase /11 interconnection, which are allocated to the transmission owners with
entitlements in the line. The Hydro Quebec Interconnect Certificates are priced at the market-clearing price,
and the actual auction acquired the remaining ICR, called the net ICR.

101f, in a given FCA, more capacity clears at the floor price than is required to satisfy the ICR, each cleared
resource must accept downward proration of either the quantity of capacity that it bid or the final auction
price. For example, if the capacity clearing at the market is roughly 6% above the net ICR (as in FCA 1),
each resource must choose between being paid 94% of the floor price (about $4.23 in FCA 1) for all its bid
capacity, or the floor price for 94% of its bid capacity. In FCA 2, the excess remaining at the floor price
was 4,914 MW and resources will be paid $3.60 for about 87% of their bid capacity or $3.12 for 100% of
their capacity.

Synapse Energy Economics- AESC 2009 2-4



generator with a heat rate of 22,000 Btu/kWh would earnil. These suppliers will
also be subject to penalties for any failure to perform.

Load (customers) will pay costs equal to the quantity of capacity it is required to
support in the power-year times the auction price for that power-year. (These costs
will be reduced by the PER as well as by credits for any supplier performance
penalties.) The quantity of capacity that a particular load is required to hold in the
power-year is set by ISO-NE and is called the Capacity Load Obligation (ISO-NE
Market Rule 1 8111.13.7.3). This obligation is based on the estimated contribution
of that load to the 1ISO annual peak in the preceding power year. Thus, the total
cost of capacity to a load for a given power yeatr, i.e., required kW of capacity
multiplied by FCA price in dollars per kW, is set in advance of that power-year
and, once set, is essentially fixed or unavoidable regardless of the load’s actual
peak demand.

An energy efficiency program that produces a reduction in peak demand has the
ability to avoid all, or a portion, of these wholesale capacity costs. The capacity-
cost amount that a particular reduction in peak demand will avoid in a given year
will depend upon the approach that the program administrator responsible for that
energy efficiency program takes towards bidding all, or some, of that reduction
into the applicable FCAs.

A program administrator (PA) can choose an approach that ranges between
bidding 100% of the anticipated demand reduction from the program into the
relevant FCAs to not bidding any reduction into any FCA.

e A PA that wishes to bid 100% of the anticipated demand reduction from the
program into the relevant FCA has to do so when that FCA is conducted,
which can be up to three years in advance of the program implementation
year. For example, a PA responsible for an efficiency program that will be
implemented starting January 2010 would have had to have bid 100% of the
forecast reduction in demand from that program into FCA 1, which was held
in 2008. Since a bid is a firm financial commitment, there is an associated
financial risk if the PA is unable to actually deliver the full reduction for
whatever reason. The value of this approach is the compensation paid by
ISO-NE, i.e. the quantity of peak reduction each year times the FCA price for
the corresponding year.

e IfaPA does not bid any of the anticipated demand reduction into any FCA,
the program can still avoid some capacity costs if it has a measure life longer

11 Our analyses do not adjust for PER as it appears to be minimal based on a review of estimates for 2007
through 2009.
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than three years. Under this approach, a PA responsible for an efficiency
program starting January 2010 simply implements that program.

Exhibit 2-1 below illustrates the various approaches that a Program Administrator
could choose for avoiding wholesale capacity costs via a hypothetical energy
efficiency measure that is implemented in 2010 and produces a 100 kw reduction
for a five year period, 2010 to 2014. In this example, the PA considers three
approaches.

The first approach is to bid 100% of the projected reduction, 100 kw, into each of
the relevant FCAs, i.e. FCAs 1-5. Under this approach the reduction avoids
capacity costs equal to its revenues from the FCM each year, i.e., | to 100 kW
times the FCA price in each of the 5 years, 2010 through 2014. However the PA
would have had to bid that 100-kw reduction, which is scheduled to start in 2010,
into three FCAs held prior to 2010. These are FCA 1 and FCA 2, both of which
were held in 2008, and FCA 3 which will be held in October 2009.

The second approach is to bid none of the projected reductions into any FCA.
Under this approach the reduction avoids capacity costs equal to the value of the
reduction in installed capacity it causes in 2014. That value is 100 kW increased
by the reserve margin in 2014 and multiplied by the FCA price in 2014. The
avoided capacity cost is limited to the impact in 2014 because 1SO-NE sets the
Installed Capacity Requirement (ICR) to be acquired in each power year three
years in advance of that year. Thus, in this approach, ISO-NE would first see the
100 kW reduction as a lower actual peak load in 2010. However, 2014 is the
earliest power year for which ISO-NE could reflect the actual reduction in 2010
because, by July 2011 ISO-NE will have forecast peak load for 2014, set the ICR
for 2014 and run FCA for 2014.

The third approach is to bid 50% of the projected reduction, 50 kw, into each of
the relevant FCAs.
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Exhibit 2-1: Hlustration of Alternative Approaches to Capturing Value from
Reductions in Peak Demands

Hypothetical measure installed in 2010, reduces peak by 100 kw for 5 years

ISO-NE sets NICR and
Conducts FCA

Example 1—PA bids
100% of expected
demand reduction into
each corresponding

Example 2—PA bids
zero expected demand
reduction into each
corresponding FCA

Example 3—PA bids
50% of expected
demand reduction into
each corresponding

FCA FCA
Impact of Impact of Impact of
. Reduction . Reduction . Reduction
Reduction Reduction Reduction
FCA | Calendar | FCA for o on NICR L on NICR L on NICR
Bid into Bid into Bid into
# year power set for set for set for
FCA FCA FCA
year power power power
Starting year year year
kw kw kw kw kw kw
1 2008 6/1/2010 100 0 50
2 6/1/2011 100 0 50
3 2009 6/1/2012 100 0 50
4 2010 6/1/2013 100 0 0 0 50 0
5 2011 6/1/2014 100 0 0 0 50 0
2012 0 0 0
2013 0 0 0
2014 0 100 50

2.2.2.Loads and Resources

2.2.2.1.

Load Forecast

In order to forecast electric energy and capacity prices that would occur in the
absence of new DSM programs, the project team developed a forecast of peak
demand and energy requirements in the absence of new DSM programs. 12

12The purpose of the overall the study is to develop avoided costs for program administrators to use in their

economic evaluations of measures for inclusion in DSM program budgets for calendar years 2010 and

beyond. The program administrators will submit those proposed budgets in regulatory filings from mid-

2009 onward. If the program budgets are approved, the measures would be installed after January 1, 2010,

causing savings from that point onward.
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Our proposed load forecast for 2010 through to 2018 is the same as that in 1SO-
NE CELT (2009a), as discussed below. Beyond 2018, we extrapolate our
estimates using the long-term (2009-2018) Compound Annual Growth Rate
reflected in that report..

Analysis of ISO-New England’s Forecast

We based our load forecast on a review of ISO-NE’s (2009) forecast of peak
demand and energy requirements through 2018. The 1SO uses econometric models
to forecast energy and peak demand.13

The ISO forecasts annual energy for New England as a whole and for each
individual state. ISO-NE (2009a) is based on previous-year usage along with real
electricity price, real personal income, and heating and cooling degree days (1SO-
NE 2009b). The ISO developed the model and its coefficients by analyzing the
historical relationships between energy requirements and those independent
variables over the period 1984 through 2008. Therefore, the forecast implicitly
assumes some level of reductions from efficiency programs because the programs
in effect during the historical period would have influenced the actual level of
energy use and be reflected in the derived model coefficients, most likely for the
personal income and electricity price variables. However, it is difficult to estimate
the size of the effect of prior DSM on the energy forecast. One way to calculate
those effects would be to explicitly include the DSM energy savings and
recalculate the model coefficients. This would be a fairly significant task to
undertake and is beyond the scope of this project. Such work would probably best
done by ISO-NE.

For the peak-load forecast, the ISO develops peak-load models for each calendar
month, for New England as a whole and each state, using daily historical data for
2000 through 2008. The models are based on the annual energy load, a
temperature humidity index and several dummy variables for weekends and
holidays. The historical peak loads are explicitly reduced by the other demand
resources (ODRs) based on DSM programs that qualified for transition
payments.14 Thus the peak-load forecasts based on these models represent loads
after the effects of ODRs. As Ehrlich (2009, 24) explains, ISO-NE’s (2009a) peak-
load forecast is produced using this model with the addition of 350 MW of ODR
for all the years (2009-2017) to represent what the peaks would be without the

13Further information about the CELT (Capacity, Energy, Loads and Transmission) forecasting process
can be found at ISO-NE’s web page, http://www.iso-ne.com/trans/celt/fsct_detail/index.html as of June 15,
20009.

14150-NE (2009a) indicates that the ODR resources, on average, provided 385 MW during 2008.
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existing ODR reductions. The 350 MW of ODR corresponds to 1.24% of the
forecasted 2010 peak load.

We use ISO-NE’s (2009a) peak-load forecast. This is consistent with the purpose
of the avoided-cost calculations, to represent costs in the absence of energy-
efficiency effects. We also use ISO-NE’s (2009a) energy forecast since it is public
and fully documented, and since adjusting it upward for embedded DSM effects
would be a major task beyond the scope of this project, and since the revised
energy load is unlikely to have a material impact on energy prices. We test that
potential impact in our scenario analyses described in more detail in Chapter 7.

For modeling of the capacity market, we use ISO-NE’s (2009a) published forecast
of load, and include the ODRs as resources.

AESC 2009 Forecast

Beyond 2018, we extrapolate using the long-term compound annual growth rate
(CAGR) reflected in the CELT 2009 forecast. For context, ISO-NE’s (2009a)
long-term annual average rate of summer peak growth for the ISO-NE control area
is 1.17%.

The following two exhibits show ISO-NE’s (2009a) projections of summer peak
load and annual net energy consumption for ISO-NE relative to historical levels.

Exhibit 2-2: ISO-NE Peak Summer Load

Historical and Projected ISO NE Summer Peak Load (MW)
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Exhibit 2-3: ISO-NE Net Annual Consumption

Historical and Projected ISO NE Annual Net Energy Consumption
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Specific information regarding the load forecast used in this study is provided in
Section 2.3.2.2 below on pages 2-25-2-27.

2.2.2.2. Transmission

The interface limits used in the simulations reflect the existing system, ongoing
transmission upgrades including those discussed in the ISO-NE Regional System
Plan, and the reference Market Analytics database. We also consider any
congestion identified during our modeling.

The detailed transmission assumptions are closely related to the modeling
topology and are presented in below in Section 2.3.2.3 (pages 2-27-2-28).

2.2.2.3. Retirements

In most situations, a plant that has been operating through the last decade or so of
restructured markets would almost certainly continue to operate as long as market
and regulatory conditions were to remain unchanged. The exceptions would arise
from any of the following circumstances:

e  Construction of new generation at the site of existing generation, requiring
retirement due to lack of space, transmission capacity or emissions offsets.

e  Failure of major components in old and marginally cost-effective units. In
these situations, restoring the plant to service may not be cost-effective.

e  The expiration of nuclear, hydro or other licenses for plants that cannot
economically meet requirements for license extension.
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Since restructuring of the New England electric-utility industry, several units have
retired in connection with construction of new generation, such as Mystic 4-6 and
the Edgar jets. No pending generation additions will require similar retirements,
even those at existing plant sites, such as Middletown, New Haven, and Devon.
When new generic units are added, some existing units on those sites may retire;
we assume that the additions will offset the retirements with little effect on market
prices.

Component failure is inherently unpredictable. Our assumptions about the
retirement of older capacity reflect anticipated effects of equipment failure.

We describe the relicensing of New England nuclear units in Section 2.3.2.5
below, specifically on pages 2-33-2-34.

Relicensing of hydroelectric plants has resulted in reduced capacity or retirement
of a few small units; we do not anticipate any significant effects on hydro capacity
in the future.

The effects of changing conditions—environmental and economic—are discussed
in Section 2.3.2.4 below.

2.2.2.4. Resource Additions

New generation resources will be needed in addition to the existing mix of
generating capacity in order to satisfy renewable portfolio standards, meet future
load growth, and respond to retirements. Since Market Analytics is not a capacity
expansion model, these additions have been input manually. Our assumptions
regarding new additions are presented below.

Additions to Meet Renewable Portfolio Standards

Each New England state has adopted some form of renewable portfolio standard
or renewable energy standard, referred to here generically as RPS. The major
requirements by state are presented in tabular form in Appendix C

All but Vermont currently require the use and retirement of NEPOOL Generation
Information System certificates, commonly referred to as Renewable Energy
Certificates (RECs) to demonstrate compliance.15 The quantity of new or
incremental renewables that will be added each year during the study period will
be driven by these requirements, primarily requirements for “Class I”

15Currently, Vermont’s requirement will allow RECs to be sold off elsewhere (presumably for compliance
in other states), therefore not leading to incremental renewable-energy additions beyond what would be
predicted in the presence of other states’ requirements. (However, it has been argued that the Vermont
requirements will support financing and therefore lead to more renewables being built, and therefore less
reliance on Alternative Compliance Payments). We assume that by 2012, Vermont’s standard will be
altered to require retirement of RECs, and which increase the total RPS additions we project.
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(Connecticut, Massachusetts, New Hampshire, Maine) or “new” (Rhode Island)
renewables RPS tiers, plus the ‘Class II’ (solar) tier in New Hampshire
(collectively referred to herein as “New Renewables RPS Tiers”). In the near
future, Massachusetts will be subdividing its Class | requirement to create a
behind-the-meter tier which would include, at a minimum, solar.

The gross demand for new renewable generation resources is derived by
multiplying the load of obligated entities (those retail load-serving entities subject
to RPS requirements, often excluding public power) by the applicable annual RPS
percentage target for New Renewables RPS Tiers.

The net demand for incremental renewable generation within New England is
derived by subtracting from the gross demand: (a) existing eligible generation
already operating (including biomass co-firing in existing facilities); and (b) the
current level of RPS imports.

Over time, the net demand to be met by resources within ISO-NE will be further
reduced by an estimate of additional RPS-eligible imports over existing tie lines,
phased in towards a maximum level of usage (consistent with competing uses of
the lines and appropriat