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1. INTRODUCTION AND PURPOSE OF TESTIMONY 1 

Q Please state your name, business address, and position. 2 

A My name is Jeremy Fisher. I am a scientist with Synapse Energy Economics, Inc. 3 

(Synapse), which is located at 485 Massachusetts Avenue, Suite 2, in Cambridge, 4 

Massachusetts. 5 

Q Please describe Synapse Energy Economics. 6 

A Synapse Energy Economics is a research and consulting firm specializing in 7 

energy and environmental issues, including electric generation, transmission and 8 

distribution system reliability, ratemaking and rate design, electric industry 9 

restructuring and market power, electricity market prices, stranded costs, 10 

efficiency, renewable energy, environmental quality, and nuclear power. 11 

Q Please summarize your work experience and educational background. 12 

A I have ten years of applied experience as a geological scientist, and five years of 13 

working within the energy planning sector, including work on integrated resource 14 

plans, long-term planning for utilities, states and municipalities, electrical system 15 

dispatch, emissions modeling, the economics of regulatory compliance, and 16 

evaluating social and environmental externalities. I have provided consulting 17 

services for various clients, including the U.S. Environmental Protection Agency 18 

(EPA), the National Association of Regulatory Utility Commissioners (NARUC), 19 

the California Energy Commission (CEC), the California Division of Ratepayer 20 

Advocates (CA DRA), the National Association of State Utility Consumer 21 

Advocates (NASUCA), National Rural Electric Cooperative Association 22 

(NRECA), the state of Utah Energy Office, the state of Alaska, the state of 23 

Arkansas, the Regulatory Assistance Project (RAP), the Western Grid Group, the 24 

Union of Concerned Scientists (UCS), Sierra Club, Earthjustice, Natural 25 

Resources Defense Council  (NRDC), Environmental Defense Fund (EDF), 26 

Stockholm Environment Institute  (SEI), Civil Society Institute, and Clean 27 

Wisconsin. 28 
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I have provided testimony in electricity planning and general rate case dockets in 1 

Wyoming, Utah, Kansas, Kentucky, Oregon, and Wisconsin. 2 

Prior to joining Synapse, I held a post doctorate research position at the 3 

University of New Hampshire and Tulane University examining the impacts of 4 

Hurricane Katrina.  5 

I hold a B.S. in Geology and a B.S. in Geography from the University of 6 

Maryland, and a Sc.M. and Ph.D. in Geological Sciences from Brown University.  7 

My full curriculum vitae is attached as Exhibit JIF-1. 8 

Q On whose behalf are you testifying in this case? 9 

A I am testifying on behalf of Citizens Action Coalition and Sierra Club.  10 

Q Have you testified in front of the Indiana Utility Regulatory Commission 11 
previously?  12 

A No, I have not. 13 

Q What is the purpose of your testimony? 14 

A My testimony evaluates the reasonableness of Indianapolis Power and Light’s 15 

(IPL or the Company) application for the issuance of a certificate of public 16 

convenience and necessity (CPCN) for construction and use of environmental 17 

equipment at five coal-fired power plant units, namely Petersburg Units 1 through 18 

4 and Harding Street Unit 7, or the “Big Five” as named by the Company. 19 

Specifically, I evaluate the testimony and workpapers of Mr. James Ayers, 20 

critique the methodology employed by the Company to justify these new 21 

investments, and propose an alternate economic evaluation methodology to 22 

determine the economic outcome of the Big Five. 23 
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Q How much is the Company proposing to invest as part of this application? 1 

A To comply with the recently promulgated federal Mercury and Air Toxics 2 

Standard (MATS), the Company anticipates spending about $511 million1 (before 3 

allowance for funds used during construction, AFUDC) to install new baghouses 4 

and upgrade existing electrostatic precipitators (ESP), upgrade existing flue gas 5 

desulfurization (FGD), and implement dry sorbent injection (DSI) and activated 6 

carbon injection (ACI) systems.2  7 

In addition, the Company anticipates spending between $xxx and $480 million3 8 

in the near future to comply with other upcoming federal regulations, including 9 

proposed National Ambient Air Quality Standards (NAAQS) for oxides of 10 

nitrogen (NOx) and particulate matter (PM), the proposed Coal Combustion 11 

Residuals (CCR) rule requiring the mitigation of existing coal ash impoundments 12 

and new coal waste handling techniques, the emerging Effluent Guidelines under 13 

the National Pollutant Discharge Elimination System (NPDES) permit program 14 

governing the disposal of wastewaters into surface waterways, and the proposed 15 

Water Intake Structures rule (known as provision 316(b)). The Company is not 16 

seeking recovery of these costs in this application, but it did include $xxx million 17 

as incremental costs in its economic evaluation. 18 

Q What are your findings regarding the Company’s application? 19 

A The Company’s application is deficient regarding the economic justification for 20 

the controls requested in this CPCN. The economic evaluation methodology 21 

presented by Company witness Ayers is insufficient, structurally flawed, 22 

inconsistent with the application and materials provided in discovery, contains 23 

numerous errors, does not explore the full range of resource options available to 24 

the Company, does not adequately test the sensitivity of its proposed strategy for 25 

uncertainties in key assumptions, and, generally, does not comport with 26 

                                                           
1 IPL Witness Cutshaw, Supplemental Direct Testimony, p3 line 8. 
2 IPL Witness Moore, Direct Testimony, p5 lines 4-8. Also Petitioner’s Exhibit SC-3, p3 Table 1. 
3 See sum of Petitioner’s Exhibit JMA-2, column “CAPEX” ($480 million) and workpapers of witness 
Ayers, tab “OTHER ENVIRO + TOTAL”, cell T15 ($xxxmillion). 
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reasonable planning practice. The Commission should reject Mr. Ayers’ analysis 1 

and conclusions in full. 2 

Q Did you provide an alternative economic evaluation methodology to that 3 
provided by Mr. Ayers? 4 

A Yes. To create a reasonable and auditable framework for analysis, I created a cash 5 

flow model using the Company’s assumptions and inputs, when available and 6 

feasible, and using public information otherwise. I will describe my model and 7 

inputs later in this testimony. 8 

Q What are the results of your analysis? 9 

A Using the mid-range gas price that IPL obtained from Ventyx,4 a mid-range 10 

carbon dioxide (CO2) price forecast,5 and other cost-based assumptions provided 11 

by IPL,6 I find that retrofit of each of the Big Five units is non-economic relative 12 

to a new combined cycle gas turbine (CCGT) replacement unit. Individually, each 13 

unit is non-economic by anywhere from $17 to $158 million (2012$) on a present 14 

value basis (see Table 1, below). Collectively, I estimate that ratepayers would 15 

pay an additional $373 million between 2015 and 2040 if IPL retrofits this fleet of 16 

units relative to replacing them with similarly-sized CCGTs. 17 

Table 1. Benefit of Coal Unit Retirement with mid-gas and Synapse mid CO2 price. 18 

 Peters-
burg 1 

Peters-
burg 2 

Peters-
burg 3 

Peters-
burg 4 

Harding 
Street 7 

Big Five 
Units 

PVRR Coal Unit  
(M 2012$) $1,540 $2,123 $3,198 $2,086 $2,652 $11,599 

PVRR Gas 
Replacement 

 (M 2012$) 
$1,459 $1,965 $3,181 $2,026 $2,596 $11,226 

Benefit of 
Retirement 

(M 2012$) 
$81 $158 $17 $60 $57 $373 

                                                           
4 The same as provided to the Company by Ventyx from the Spring 2012 case, and referenced in Mr. Ayers 
analysis. 
5 The Synapse 2012 Mid forecast, discussed in more depth later in this testimony. 
6 Cost-based assumptions include capital costs, depreciation expenses, fixed and variable operations and 
maintenance costs, coal prices, and financial assumptions such as inflation rate, discount rate, book life, 
and gross revenue conversion factor.  
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Benefit of 
Retirement 

(2012 $/kW) 
$352 $365 $32 $112 $134 $172 

 1 

Petersburg 1, 2, and 4 are either non-economic or marginal even at low CO2 2 

prices. I discuss the range of results and implications later in this testimony. 3 

Q What are your recommendations to the Commission regarding the 4 
Company’s application for CPCN at Petersburg Units 1 – 4 and Harding 5 
Street Unit 7? 6 

A Based on my review of Mr. Ayers’ workpapers and analysis, and my own 7 

reconstruction of the Company’s analysis, I recommend that the Commission 8 

deny CPCN for Petersburg Units 1, 2, and 4 unconditionally.  9 

Further, I recommend that the Commission order the Company to re-file the 10 

application for CPCN on Petersburg Unit 3 and Harding Street Unit 7 at such time 11 

that the Company is able to produce a reasonable and transparent economic 12 

analysis of the costs and benefits of retrofitting these units, with adequate 13 

alternatives and sensitivities explored and explained. 14 

2. OVERVIEW OF THE COMPANY’S ECONOMIC ANALYSIS 15 

Q Please describe the economic evaluation methodology used by the Company 16 
to justify the equipment contemplated in this CPCN. 17 

A Mr. Ayers presents an analysis designed to test the economic viability of 18 

retrofitting all of the Petersburg units by testing the cost of implementing the 19 

retrofits against replacing the plant with a single CCGT. Individual units were not 20 

analyzed; rather the analysis reviews the proposition that the entire plant is either 21 

retrofitted or retired as a single bundle. The results of this analysis were scaled to 22 

the Harding Street Unit7. 23 

The analysis considers three basic input variables – incremental capital costs, 24 

incremental fixed and variable operation and maintenance (O&M) expenses – and 25 

a ‘penalty’ for operating a CCGT rather than a coal unit.  At its core Mr. Ayers’ 26 

analysis translates the capital cost of the retrofits into a dollar per kilowatt ($/kW) 27 
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basis, adds in the cost of operations and maintenance (O&M)7 on a $/kW basis, 1 

and compares that total cost to the capital cost of a replacement gas unit with 2 

O&M expenses (also on a $/kW basis).  3 

Key to the analysis is a single value called the “CCGT ‘Penalty.’”8 This value 4 

represents the Company’s estimate of the difference between the variable 5 

production cost of dispatching a coal plant and dispatching a gas plant.  It also 6 

includes an adjustment for the annual quantity of electricity the Company would 7 

purchase from the market (to the extent that the gas capacity is dispatched in 8 

fewer hours than the coal capacity). The dispatch spread is measured in $/MWh, 9 

and translated into $/kW. 10 

Table 2, below, shows the basic variables that go into the Company’s analysis.  11 

Table 2. Elements of Ayers Economic Analysis 12 
Variable Existing Coal Plant CCGT Replacement 
Capital Cost Capital Cost of Retrofits Capital Cost of CCGT 

O&M 
Expenses 

O&M of Existing Coal + 
O&M of Retrofits 

O&M of new CCGT 

CCGT 
‘Penalty’ of 
Gas Operation 

 Difference between projected coal 
and gas variable cost in 2016, 
with market purchase adjustment 

 13 

The Company derives a “breakeven” capital cost for the retrofits – i.e. the level of 14 

cost that the retrofits would have to reach in order to tip the balance towards the 15 

CCGT replacement unit. It is also expressed in $/kW. As long as the Company’s 16 
                                                           
7 It is not clear if the cost of O&M includes variable O&M expenditures or ongoing capital expenses. Ayers 
workpaper tab “O&M + Fixed 10-year” states “Projected Capital + O&M (above) includes operating 
maintenance capital and expense and existing environmental O&M costs…” However, the annual number 
cited for 2012 for all of Petersburg (xxxxxxxxxx) is less than the total “base” fixed O&M by unit provided 
by the Company in CAC-SC DR 1-48 Supplemental (xxxxxxxxxxx), is approximately the same order of 
magnitude as total non-fuel expenses listed in FERC Form 1 for Petersburg in 2011 ($95,559,595), and is 
far smaller than the combination of fixed and variable O&M plus capital expenditures in 2011 
($257,444,278). Therefore, it is likely that the value for “Petersburg Total - Projected Capital + O&M” 
excludes both annual capital expenses and variable O&M costs. 
8 Also called the “CERA dispatch spreads” in Ayers Direct, p10 line 7 and “IPL’s Big Five Dispatch 
Advantage” in Ayers Direct, p10 lines 17-18. 
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estimate of the cost of the retrofits is sufficiently less than this breakeven cost, the 1 

Company expresses confidence that the retrofits are economic. 2 

Q Why is the CCGT ‘Penalty’ so key to this analysis? 3 

A The CCGT ‘Penalty’ is an important variable. It represents all of the production 4 

costs, performance metrics, and fuel prices associated with both gas and coal. 5 

This factor represents over one third of the total present value revenue 6 

requirement (PVRR) of building the CCGT, according to the Company’s 7 

analysis.9 The CCGT ‘Penalty’ consolidates numerous separate factors, many of 8 

which change over time, into a single value, including:  9 

• the annual cost of coal; 10 

• the heat rate of the coal unit; 11 

• the variable O&M of the coal unit; 12 

• the capacity factor of the coal unit; 13 

• the cost of natural gas; 14 

• the heat rate of the CCGT replacement; 15 

• the variable O&M of the CCGT replacement; 16 

• the capacity factor of the CCGT replacement; 17 

• the price of market energy in hours in which the coal unit operates and the 18 

gas unit does not, or vice versa. 19 

Q What are the Company’s assumptions regarding the CCGT ‘Penalty’ value? 20 

A The Company makes several assumptions to derive this value.  21 

o First, it assumes the spread is based on a generic coal unit and a generic 22 

gas unit in a future year, rather than on the specifications of the 23 

Company’s coal units, post-retrofit; 24 

o Second, it assumes the coal unit will always dispatch at an 80% capacity 25 

factor while the gas unit will always dispatch at a 50% capacity factor;  26 

                                                           
9 Total PVRR (2015-2040) of CCGT = $xxxxx/kW; PVRR of ‘Penalty’ = $xxxxx/kW. 
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o Third, it assumes the annual cost of market energy is exactly the average 1 

price of the generic gas and coal unit;10  2 

o Fourth, it determines that the assumptions utilized by the consulting group 3 

CERA for coal and gas operations are fully consistent with the actual 4 

operations of IPLs coal and gas units; 5 

o Finally, the Company assumes that a generic CCGT would penalized 6 

by$xxxx/MWh in 2015$, or $xxxx/MWh in 2012$ relatively to a generic 7 

coal unit, and that such penalty would grow at 1.45% (in real terms), an 8 

assumption which is mathematically incorrect. I discuss this significant 9 

error later. 10 

Q Why does the Company perform the analysis using the three simplified 11 
variables shown in Table 2? 12 

A The Company appears to be expressing the entire analysis in $/kW basis to 13 

eliminate the need to scale a gas plant to the size of the coal plant under 14 

consideration. Mr. Ayers states that the Company “us[es] a spreadsheet evaluation 15 

for both simplicity and transparency.”11 While I agree that this analysis is simple, 16 

it is by no means transparent. In fact, the assumptions underlying many of the 17 

Company’s values, including ongoing capital and O&M expenditures, capital and 18 

O&M costs for “Other” environmental equipment, and of course, dispatch and 19 

market purchases, are so thoroughly obscured that no party could audit and verify 20 

the Company’s findings. 21 

Q Does the Company’s economic analysis account for changes to its loads and 22 
resources over time? 23 

A No.  By simply comparing the economics of the Petersburg Units and Harding 24 

Street 7 with a single CCGT, the Company essentially ignores changes to the 25 

loads and resources on its system that could have significant bearing on the 26 

                                                           
10 For example, if the generic coal unit has a production cost of $30/MWh and the generic gas unit has a 
production cost of $40/MWh, this analysis would assume that the market price of electricity for all hours 
when the gas unit is not operational is $35/MWh. 
11 Ayers Direct, p7, lines 3-4. 
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economics of those generating units.  For example, if load growth turns out to be 1 

lower than predicted then there will be less demand for supply-side units, which 2 

will affect the economics of the units under consideration today.  Furthermore, the 3 

Company can influence future load growth through energy efficiency programs, 4 

as discussed below, which would have important implications for the economics 5 

of retrofitting versus retiring the coal units at question today. 6 

3. THE COMPANY’S ECONOMIC ANALYSIS IS INCONSISTENT WITH REASONABLE 7 
PLANNING PRACTICE 8 

Q Is the use of a simple spreadsheet evaluation standard practice for 9 
investment decisions of this magnitude? 10 

A Not at all. I have now testified or provided analytical support to ten other litigated 11 

cases similar to this docket in the last two years,12 and in no other case have I seen 12 

a “back of the envelope” calculation like the one structured in this docket used to 13 

attempt to justify charging ratepayers for major capital expenditures. In most 14 

other cases, utilities develop estimated market prices for energy and capacity 15 

(often under a number of scenarios or uncertainties), run a resource optimization 16 

model to determine the best forward-looking portfolio for their system with and 17 

without the unit in need of retrofit, and often finalize the analysis with a 18 

production cost model to estimate the dispatch and likely costs (or risks) of 19 

investing in retrofits versus retirement and replacement of the unit under 20 

consideration.  21 

In fact, this Commission recently reviewed a similar application from Duke 22 

Energy Indiana (Cause 44217) wherein the utility seeks similar retrofits at a 23 

number of coal units. My colleagues at Synapse reviewed this case on behalf of 24 

Citizens Action Coalition, Sierra Club, Save the Valley, and Valley Watch, and 25 

while they found several key errors and disagreed with assumptions from Duke, 26 

they did not dispute the general economic evaluation methodology employed by 27 

Duke. 28 

                                                           
12 CPCN, Predetermination, or Applications in: Kansas, Missouri, Georgia, Kentucky (x3), Wyoming, 
Utah, Wisconsin, and Indiana. 
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Of note, IPL’s 2011 Integrated Resource Plan (IRP) appears to follow a 1 

reasonable planning framework, described in the “Scope of Project” provided by 2 

Ventyx consultants.13 This framework includes a market simulation to derive 3 

energy and capacity prices, a capacity expansion model to determine new 4 

resources, and production cost simulations to “assess performance and risk.” 5 

In contrast, however, IPL’s case before the Commission provides no support for 6 

its projected market prices or market price assumptions, fails to use a least-cost 7 

resource optimization, makes broad-based and untested assumptions about 8 

dispatch and production cost, uses an atypical and unsophisticated model to 9 

determine cost and risk, and does not fully account for potential cost-effective 10 

energy efficiency resources on its system. 11 

The Commission should be concerned that the Company has chosen to evaluate 12 

the economics of a $511 million investment using a poorly constructed and highly 13 

simplistic spreadsheet tool when other comparable utilities use well-established, 14 

sophisticated evaluation models. The Company’s failure to use an appropriate 15 

model for this level of capital investment is unfathomable given that the Company 16 

clearly has had experience employing Ventyx to use such models since at least 17 

2009.14 18 

It is worth noting that the Oregon Public Utilities Commission (OPUC) recently 19 

found that PacifiCorp (dba Pacific Power), a large utility serving five Western 20 

states, acted imprudently in installing emissions controls without a sufficiently 21 

rigorous analysis. The Commission partially disallowed costs associated with the 22 

emissions controls, finding that: 23 

Pacific Power failed to perform appropriate analyses to determine 24 

the cost-effectiveness of the investments.  Pacific Power's 25 

contemporaneous cost-effectiveness analyses were demonstrably 26 

                                                           
13 2011 IRP provided in CAC-SC DR 1-13, Attachment 2. See PDF page 26, page 3 of Integrated Resource 
Plan Modeling Summary. August 31, 2011. Prepared by Ventyx for IPL. 
14 2009 IRP provided in CAC-SC DR 1-13, Attachment 4. See PDF pages 31-102. October 5, 2009. 
Prepared by Ventyx for IPL. 
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deficient, and did not demonstrate the rigorous review that a 1 

prudent utility should have performed prior to making these 2 

significant investments. 15 3 

I evaluated and testified on the economic justification put forth by PacifiCorp in 4 

the above-cited docket. Even PacifiCorp’s analysis, ultimately found to be 5 

imprudent, was significantly more transparent, logical, and rigorous than the 6 

workpapers submitted by IPL in this docket.  7 

Q What is the impact of failing to use a market price model in this case? 8 

A A market price model would have allowed the Company to review a number of 9 

risk scenarios, including a range of prices for fuels (e.g. the range of gas and coal 10 

prices forecast by Ventyx) and emissions, as well as expected changes in the 11 

structure of the electricity market due to impending retirements and changes in 12 

MISO loads. By not generating an estimated market price, the Company is 13 

restricted from effectively reviewing how their system performs against the MISO 14 

market or the degree to which the Company may expect to buy or sell power onto 15 

the wholesale market.  16 

Just as importantly, by not evaluating market conditions explicitly, the Company 17 

cannot evaluate risks to their fleet posed under different futures or scenarios. As 18 

noted by the OPUC in the disallowance against PacifiCorp: 19 

Major resource decisions should not rely largely on single point 20 

forecasts, but should instead be shown to be robust over a wide 21 

range of futures/scenarios and input assumptions.  … The 22 

economics of the utility's projects changed significantly based on 23 

changes in the assumptions about single variables such as 24 

wholesale prices or closure date. This alone signals that all of the 25 

investments should have been stress-tested against a wide range of 26 

                                                           
15 Oregon Public Utility Commission. December 20, 2012. In the Matter of PacifiCorp, dba Pacific Power 
Request for a General Rate Revision. Docket UE 246. Order 12 493.Page 28. 
http://apps.puc.state.or.us/orders/2012ords/12-493.pdf  
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futures and varied input assumptions and that a second stage of 1 

more rigorous analyses were merited for a number of the 2 

investments.  The ad hoc analyses that were conducted during this 3 

case cannot substitute for the depth and breadth of analyses that 4 

should have occurred at the time of the decision. 16 5 

Q What is the impact of failing to use a resource optimization model in this 6 
case? 7 

A Most utilities choose to use a resource optimization tool for this level of planning 8 

to identify the most cost effective fleet acquisition choices. IPL’s decision to 9 

restrict the replacement unit to a comparable CCGT explicitly presumes that the 10 

Company requires both the capacity and the energy provided by a CCGT. In 11 

addition, this presumption excludes the option of potentially lower cost 12 

replacement with market purchases for a period of time, a combination of peaking 13 

and baseload units, and/or a portfolio that includes increased demand side 14 

management and renewable energy options. 15 

Q What is the impact of failing to use a production cost model or cash flow 16 
model? 17 

A Many utilities either parallel or follow-up the use of a resource optimization tool 18 

with a production cost model, or export resource optimization outputs into a cash-19 

flow model for further exploration. The purpose of this later step is three-fold: 20 

first, a production cost model allows the Company’s existing and envisioned 21 

resources to be dispatched against expected market conditions, and returns 22 

important information about if a plant will earn reasonable revenues on the 23 

market; second, many production cost models are able to vary critical inputs to 24 

stress-test a given resource portfolio against uncertainty and volatility; third, both 25 

production-cost models and cash-flow models are critical to check if assumptions 26 

and outcomes are reasonable and internally consistent, and benchmark outcomes 27 

                                                           
16 Ibid Page 29.  
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against historic behavior. By failing to implement even a simple cash-flow model, 1 

IPL missed critical errors in their analysis. 2 

Q What evidence do you have that the Company does not fully account for 3 
potential cost-effective energy efficiency resources on its system? 4 

A First, the evidence provided by the Company indicates that its load forecast does 5 

not include enough efficiency savings to comply with the savings goals of the 6 

Commission’s December 2009 Order under Cause No. 42693.  That order 7 

requires IPL to gradually increase annual incremental energy savings from 0.3 8 

percent in 2010 to two percent by 2019.17  However, the Company is expecting to 9 

achieve 148 GWh of annual incremental annual savings in 2019, which is only 10 

one percent of electricity sales for that year.18  This is significantly lower than two 11 

percent savings, suggesting that significant potential energy efficiency savings are 12 

unaccounted for in the Company’s planning. 13 

Second, the Company’s economic analysis assumes that its energy efficiency 14 

programs achieve little to no new savings after 2019, i.e., beyond the 15 

Commission’s requirement.  The Company’s load forecast includes roughly 76 16 

GWh of annual incremental energy efficiency savings in 2020 (roughly 0.5 17 

percent of sales); then 19 GWh in 2021; and finally no savings at all in 2022.19  18 

Clearly the Company is not considering anywhere near the full potential of cost-19 

effective energy efficiency programs after 2019. 20 

                                                           
17  Indiana Utility Regulatory Commission, Cause No. 42693, Order December 9, 2009. Page 30 “the 
Commission finds that electric utilities subject to its jurisdiction shall meet an overall goal of 2% annual 
cost-effective DSM savings within ten years from the date of this Order.” 
18  The annual incremental energy efficiency savings for 2019 is calculated by taking the difference 
between cumulative savings in 2019 and cumulative savings in 2018.  The cumulative energy efficiency 
savings for 2019 is estimated to be 1,015 GWh, which is equal to the difference between retail sales 
without energy efficiency (15,393 GWh) and retail sales with energy efficiency (14,378). (Company 
response to CAC-SC Data Request 2-1a)  The cumulative energy efficiency savings for 2018 is estimated 
to be 867 GWh, which again is the difference between retail sales with and without energy efficiency. 
Therefore, the annual incremental savings in 2019 are estimated to be 148 GWh, or 1.03% of retail sales. 
19 These annual incremental energy efficiency savings are calculated the same way as the savings for 2019, 
by taking the difference between cumulative efficiency savings in successive years.  (Company response to 
CAC-SC Data Request 2-1a) 
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Q What is the impact of failing to fully account for potential cost-effective 1 
energy efficiency resources on its system? 2 

A The amount of energy efficiency available on the Company’s system over the 3 

next ten to twenty years will have significant impacts on the economics of the 4 

Company’s supply portfolio, including the coal units in question here.  In 5 

particular, if some or all of the units were to be retired, then the additional energy 6 

efficiency could play a critical role in the portfolio of resources that are used to 7 

replace the energy and capacity from those units.  8 

Q Are there other ways in which the IPL’s analysis is inconsistent with 9 
reasonable planning practice? 10 

A Yes. The Company has evaluated the economic outcome of replacing either all, or 11 

none, of the Petersburg units – bundling O&M expenditures, assumptions on 12 

operational characteristics, and even capital expenditures into a single package. 13 

This economic evaluation methodology is fundamentally flawed: by evaluating 14 

the whole of the Petersburg plant as a single entity rather than individual units the 15 

Company blurs the potentially favorable economic outcome of some units with 16 

possible unfavorable economic outcome of others. For example, if a single unit 17 

was deeply non-economic, but was analyzed in a package with larger and more 18 

economic units, the total package might return an erroneously favorable outcome 19 

simply by swamping the non-economic outcome. 20 

4. THE COMPANY’S ECONOMIC ANALYSIS CONTAINS ERRORS AND INCONSISTENCIES 21 

Q How is the Company’s analysis erroneous? 22 

A The Company made several significant errors in the construction and execution of 23 

the economic analysis. These include the following: 24 

• The growth rate of the consolidated “Dispatch Spread” is mathematically 25 

incorrect based on the Company’s assumptions; 26 

• The “Dispatch Spread” does not account for the increased variable O&M 27 

costs of the coal unit associated with environmental equipment; 28 
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• The analysis fails to account for the substantial energy requirement of the 1 

environmental equipment being installed either as part of this application, 2 

or other necessary environmental equipment not part of this application;  3 

• The analysis assumes that a CCGT replacement unit would have to begin 4 

operation in January 2015 – a full year before the MATS deadline, and a 5 

full year before the installation date of the MATS equipment at Petersburg 6 

Unit 2 and Harding Street Unit 7; 7 

• The analysis fails to include Allowance for Funds Used During 8 

Construction (AFUDC) expenses for the environmental equipment; and 9 

• The analysis does not consider or review capital expenditures that the 10 

Company could avoid at the coal units between 2013 and 2015 if those 11 

units were retired and replaced. 12 

I will describe each of these errors in turn. 13 

Q How is the Company’s analysis inconsistent? 14 

A In a number of instances, the Company provided different information in 15 

testimony, in Mr. Ayers’ workpapers, and in discovery. These include the 16 

following: 17 

• The capital cost of “Other” environmental projects is lower in Mr. Ayers’ 18 

analysis ($xxx million)20 than suggested in table JMA-2 ($480 million) for 19 

reasons that are not supported by IPL documentation.21 Further, the $480 20 

million estimate does not appear to be consistent with estimates provided 21 

to IPL, which would suggest capital costs between $237 and $560 22 

million.22 The analysis has underestimated reasonable risks to the existing 23 

coal unit. 24 

                                                           
20 The total of all “Other” environmental projects in Ayer’s workpapers is equal to $xxx million. Found in 
cells T15 and T16 of tab “OTHER ENVIRO + TOTAL”  
21 Total sum of all projects in the “CAPEX” column in Petitioner’s Exhibit JMA-2 (“Future non-MATS 
Other Environmental Requirements – Preliminary Cost Estimates”) is equal to $480 million. Reason cited 
in workpapers is listed as “closing of ponds – sunk liability”. 
22 See section below for detailed description of cost components. See IPL response to CAC-SC Data 
Request 1-70a.i. for sources. 
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• The annual operating costs of “Other” environmental projects in Mr. 1 

Ayers’ analysis ($xx million)23 does not appear to be consistent with 2 

estimates provided to IPL, which would suggest incremental operating 3 

costs between $37 and $71 million per year (after the year 2017).24 The 4 

analysis therefore has significantly understated estimated costs to the 5 

Company’s coal fleet. 6 

• IPL witness Mr. James Cutshaw recommends a book life of 18 years and a 7 

net salvage value of 10% for the environmental equipment,25 but Mr. 8 

Ayers models a 25 year book life for all equipment, starting in 2015.26 If 9 

the Company anticipates recovering the investment over a shorter span to 10 

reduce the risk of a stranded investment at the end of the unit’s life, the 11 

cost of a replacement unit should be included in this analysis.  12 

• Mr. Ayers models the capacity factor of the CCGT replacement unit at 13 

50% from 2015 through 2040, but CAC-SC Data Request 1-43(c) 14 

indicates that “the comparative analysis assumed that a CCGT [combined 15 

cycle gas turbine] would be dispatched at a 65% capacity factor for the 16 

evaluation period.” There is no evidence presented in this case to suggest 17 

that, under the gas and coal prices contemplated here, that gas-fired units 18 

would dispatch each and every year at either 50% or 65% capacity factor. 19 

The expected dispatch of a gas unit will depend on assumptions of market 20 

prices: under low gas prices or even low, non-zero, CO2 prices, the gas 21 

unit could dispatch at higher capacity factors, while under higher gas 22 

prices, the dispatch might be lower than noted here. If the unit is assumed 23 

to be dispatched non-economically, the analysis will be biased against the 24 

gas replacement. 25 

                                                           
23 The total of all “Other” environmental project operating costs in Ayer’s workpapers is equal to $26 
million. Found in cells Z17 and Z13 of tab “OTHER ENVIRO + TOTAL”  
24 See section below for detailed description of cost components. See IPL response to CAC-SC Data 
Request 1-70b.i. for sources. 
25 Direct testimony of Cutshaw, p5 line 21 to -6, line 1. “IPL requests authority to depreciate the 
Compliance Project over a period of eighteen (18) years and reflect a negative salvage and removal value 
of 10%. 
26 See Ayers workpapers, tab “Pete MATS (BE with Fuel)” cell C16, and response to CAC-SC Data 
Request 1-46(d). 
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• Mr. Ayers models the capacity factor of all of the coal units at 80% from 1 

2015 through 2040, but information provided in CAC-SC DR 1-41(a) 2 

“Big Five Generation 2008-2012” indicates that in the last three years, 3 

only Petersburg Unit 3 has hit or exceeded an 80% capacity factor. In the 4 

last two years, all of the units have remained at or below a 70% capacity 5 

factor, with the exception of Petersburg Unit 3 in 2011 (74%) and 6 

Petersburg Unit 1 in 2012 (73%). Mr. Ayers presents no information that 7 

suggests the capacity factor for these units would improve, or that these 8 

units will be able to maintain such output through 2040 when these units 9 

are 50-70 years old. There is no evidence presented in this case to suggest 10 

that, under the gas and coal prices contemplated here, coal-fired units 11 

would dispatch at each and every year at an 80% capacity factor. 12 

Q How does the Company project the relative dispatch costs of running a new 13 
CCGT unit compared to their coal fleet?  14 

A The Company estimates the differences in the operating costs (i.e. variable O&M 15 

and fuel costs) for a new CCGT and those for its existing coal units, each 16 

compared to the forecast power price from CERA. As described in Witness 17 

Ayers’ testimony, the power price minus the costs of running a gas unit is defined 18 

as the “spark spread” while the equivalent for a coal unit is the “dark spread.” The 19 

difference between the spark and dark spreads is simply equal to the differences 20 

in the costs of running a natural gas unit relative to running a coal unit—Ayers 21 

refers to this as the “margin spread delta” or the “dispatch spread.” 22 

Q Does the Company rely on actual, historical data to develop this “dispatch 23 
spread”? 24 

A No, the Company uses a dispatch spread of $xxxx/MWh in 2015, based on a 25 

three-year average of forecasted power and fuel prices from 2014 to 2016.  26 

Q What have the “dispatch spreads” been in recent years?  27 

A The Company calculated historical dispatch spreads in its workbook CAC-SC DR 28 

1-40, Confidential Attachment 1. According to these calculations, the “dispatch 29 
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spread” has been declining in recent years from $xx in 2010, to $x in 2011 and         1 

-$xxxx in 2012. In fact, most recently, natural gas has had the dispatch advantage 2 

over coal, which is not surprising given currently low natural gas prices. The 3 

Company’s forecasted “dispatch spread” hinges on the assumption that the recent 4 

trend leading to a dispatch advantage for natural gas will reverse, i.e. that by 2015 5 

natural gas prices will return to the levels experienced in 2010 and 2011. This 6 

assumption appears to depend on the CERA gas price forecast, which is notably 7 

higher than both the Ventyx base forecast and NYMEX futures through 2016.27 8 

Q How does the Company forecast the “dispatch spread” after 2015?  9 

A The Company starts with the $xxxx per MWh spread in 2015, adjusts this to the 10 

CCGT penalty value of $9.14 per MWh, and then escalates the CCGT penalty 11 

value annually by a factor of 1.45% in real terms (3.95% including inflation) each 12 

year.28,29 This annual growth rate is based on the differences in the annual growth 13 

rates of natural gas and coal price forecasts: on average, natural gas prices 14 

forecasts grow at 2.25% per year while coal price forecasts grow at 0.8% per year.   15 

Q Is the Company’s methodology for estimating the growth rate of the dispatch 16 
spread mathematically correct?  17 

A No. Witness Ayers seems to conflate two separate concepts:  18 

1. the annual growth of the dispatch spread, and 19 

2. the separate growth rates of the components of the spread itself, namely the 20 

operating costs of coal and natural gas plants.  21 

                                                           
27 In 2015, CERA forecasts gas prices of $4.45/MMBtu (2012$, 2.5% inflation). Both NYMEX and Ventyx 
forecast gas prices of $4.01/MMBtu (2012$) in 2015.  
28 Described in Ayers Direct, p10 
29 While the CERA values are not derived explicitly, a rough calculation suggests that the starting spread 
value would be about $7.88/MWh using Ventyx gas prices instead of CERA prices. 

Exhibit A



 
 

 

19 
 

Taking the difference between the annual growth rates of each of these 1 

components (2.25% - 0.8% = 1.45%) is not the same as the annual growth rate of 2 

the difference.30  3 

The correct method, given Mr. Ayers’ apparent intentions, would have been to 4 

simply apply the individual annual growth rates of each component (2.25% and 5 

0.8%, respectively) and then take the difference between the two results—this is 6 

the dispatch spread. Instead, Mr. Ayers applies the growth rate difference (1.45%) 7 

to the spread.  8 

Figure 1 shows a simple, hypothetical case for a coal and natural gas plant to 9 

show the Company’s calculations along with the mathematically correct method. 10 

This example starts with the $xxxx/MWh spread projected by the Company for 11 

2015 then projects the spread through 2040. The Company’s method (in red) 12 

assumes a constant 1.45% annual growth rate while (in green) the annual growth 13 

predicted from increasing the operating costs by 2.25% annually for natural gas 14 

and 0.8% for coal, leads to a different annual growth rate of the spread in each 15 

year—starting at 5.5% in the first year, then decreasing in each year. The 16 

differences in methodology shown in this example demonstrate widely different 17 

levels for the dispatch spread: the Company’s method yields a dispatch spread of 18 

$16 in 2040. The mathematically correct method yields a dispatch spread of $33 19 

in 2040. 20 

                                                           
30 In making this mathematical error, Mr. Ayers has violated a basic algebraic concept – the distributive 
property. 
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  1 

Figure 1. Hypothetical dispatch spread for coal and natural gas plants. Y-axis is the 2 
dispatch spread in $/MWh.  3 

Q What is the impact of correcting this error? 4 

A The correction of this error shifts the analysis in favor of the retrofit decision; yet 5 

as I will show later, this correction is not sufficient to show that retrofitting all of 6 

the IPL Big Five units will remain economic. 7 

Q Is the starting value of the dispatch margin critical to the Company’s 8 
forecast?  9 

A Absolutely. The Company chose a starting value of $xxxxx per MWh for the 10 

dispatch margin in 2015, based on CERA’s forecasts of coal and gas prices in 11 

2014-2016.31 If the Company had started with the most recent data available from 12 

2012, the first year’s margin would have been -$xxxx per MWh. Then, if 13 

subjected to Mr. Ayers’ methodology of applying the difference in forecast 14 

growth rates, this dispatch spread would become increasingly negative in each 15 

year. I doubt that Mr. Ayers would approve of this assumption. However, simply 16 

                                                           
31 It should be noted that the CERA gas prices are markedly higher in these years than the Ventyx forecast 
supplied by the Company. 

$0

$5

$10

$15

$20

$25

$30

$35

20
15

20
16

20
17

20
18

20
19

20
20

20
21

20
22

20
23

20
24

20
25

20
26

20
27

20
28

20
29

20
30

20
31

20
32

20
33

20
34

20
35

20
36

20
37

20
38

20
39

20
40

Di
sp

at
ch

 S
pr

ea
d 

($
/M

W
h)

Dispatch spread using individual growth rates

Dispatch spread w/ 1.45% annual growth (Ayers)

Exhibit A



 
 

 

21 
 

applying his methodology to the current dispatch spread would yield far different 1 

results than when starting from a 2015 projection. 2 

Q Please describe why you think that the “Dispatch Spread” does not account 3 
for the increased variable O&M costs of the coal units from environmental 4 
equipment. 5 

A The “Dispatch Spread” factor is constructed from CERA estimates of how the 6 

variable cost of electricity from a generic gas unit will compare to the wholesale 7 

market price in any given time period relative to the variable cost of electricity 8 

from a generic coal unit.  For example, on a given hour will the variable cost of 9 

electricity from a generic gas unit be less than the wholesale market price, 10 

resulting in it being dispatched on that day, or will it be above the market price, 11 

resulting in it not being dispatched into the wholesale market.  This estimate 12 

contains no information about the specifics of the coal units under consideration 13 

(or even the replacement gas unit, for that matter). However, the Petersburg and 14 

Harding Street 7 units will all face increased operating costs once the 15 

environmental equipment is installed. Indeed, the Company estimates that the 16 

variable O&M costs of the coal units will anywhere from double to quadruple 17 

once MATS and other environmental equipment are installed,32 raising variable 18 

O&M costs as high as $6.80/MWh on Petersburg 4 – over xxxxx times higher 19 

than the variable O&M costs of a new CCGT, according to the Company’s CERA 20 

estimates.33 21 

Under this additional cost burden, Mr. Ayers’ estimated 2015 “coal dispatch 22 

advantage” would shrink by xxxxx%.  23 

                                                           
32 See CAC-SC DR 1-48 Supp Response Attachment 1. With the addition of MATS and “Other” variable 
O&M costs, variable O&M increases 196%, 303%, 237%, 215%, and 374% at Harding Street 7 and 
Petersburg 1-4, respectively. 
33 See Mr. Ayers direct testimony workpapers, tab “16 CERA New Plant Cost” cell D12. 
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Q Why do you think that existing O&M expenses should grow faster than 1 
shown in Mr. Ayers’ model? 2 

A The Company provided aggregate O&M and capital costs for the Petersburg and 3 

Harding Street plants,34 but claimed that “a breakdown of O&M was not 4 

performed nor was it needed for IPL’s baseload comparative evaluation.”35 Over 5 

a month after the initial data request, the Company finally provided O&M costs 6 

broken down by unit for the year 2012 and implied that they should be simply 7 

inflated by 2.5% per year. However, reviewing the Company’s initial response to 8 

the same request36 and Mr. Ayers’ workpapers,37 it is clear that O&M expenses 9 

grow far faster than inflation at 2.5%. In fact, the total O&M and capital 10 

expenditures in Mr. Ayers’ workpapers grow at 4.6% per year, or 2.1% faster than 11 

inflation.  12 

I have not adjusted this factor in my alternative analysis, but consider it highly 13 

questionable. 14 

Q What are the energy requirements of the environmental retrofits considered 15 
in this case? 16 

A According to the Company, the environmental retrofits contemplated in this case 17 

will reduce the energy output of the Big Five units by nearly 14 MW (see Table 3, 18 

below). 19 

Table 3. Parasitic load requirements for environmental equipment. Source: CAC -20 
SC DR 1-48, Supp. Response Att. 1, Table 1 21 
Unit Parasitic Load (kW) 
Petersburg 1 1,185 
Petersburg 2 3,079 
Petersburg 3 4,042 
Petersburg 4 2,990 
Harding Street 7 2,439 

                                                           
34 See Ayers confidential workpapers, tab “O&M+Fixed 10-Year (2)”, as well as response to CAC-SC 1-
48c&d, workpaper “CAC-SC DR 1-48cd, Attachment 1 (MATS1A-Tate-Total Capital + Expense O&M - 
Summary By Group1).xlsx” 
35 Supplemental response to CAC-SC DR 1-48 (c,d, i, j): “IPL in its evaluation used a total O&M cost 
including variable and fixed capital and expense O&M for Petersburg plant... A breakdown of O&M was 
not performed directly nor was it needed for IPL’s baseload comparative evaluation.” 
36 Response to CAC-SC DR 1-48c&d, file “CAC-SC DR 1-48cd, Attachment 1 (MATS1A-Tate-Total 
Capital + Expense O&M - Summary By Group1).xlsx” 
37 See tab “O&M+Fixed 10-Year (2)” 
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Total 13,735 
 1 

It is not clear if these parasitic load requirements reflect only the equipment 2 

requested in this case, or also include additional environmental equipment 3 

considered by the Company in Petitioner’s Exhibit JMA-2.38 4 

Q Was the parasitic load requirement included in Mr. Ayers’ analysis? 5 

A No. In a Company-provided spreadsheet, indicating the assumed summer rated 6 

capacity of each coal unit from 2012 through 2031, none of the units considered 7 

here showed a decrease in available capacity.39 8 

Including the parasitic load of the environmental retrofits in the analysis reduces 9 

the value of the retrofit coal plants. First, these coal plants would have a lesser 10 

contribution to system reliability than stated by the Company. Second, to the 11 

extent that the production costs (not total cost) of coal actually are lower than that 12 

of gas, every additional MWh of energy attributed to a coal unit is an incremental 13 

net benefit. If the coal unit is unable to produce as many MWh because of a de-14 

rate, the net production benefit will be lower. Finally, a de-rated plant is unable to 15 

spread fixed and capital costs across as many MWh, increasing its incremental 16 

cost on a per MWh basis. 17 

Q Do these retrofits have other impacts on the performance of the coal plants? 18 

A Yes. Generally, these retrofits would be expected to impose a heat rate penalty on 19 

the coal units as well. Because additional power is required in all or most hours in 20 

which the environmental equipment is in use, the overall efficiency of the coal 21 

                                                           
38 One of the largest investments in the non-MATS environmental equipment list is an SCR at Petersburg 4. 
This equipment typically has a fairly large parasitic load, and does not appear to be represented in this 
table. 
39 CAC-SC DR 1-41c. “Please provide, by month and by unit, individual, any projections of generation, 
available capacity, and heat rate used or considered for this filing for Petersburg 1-4 and Harding Street 7 
for the years 2012-2040.” Company provided worksheet “CAC-SC DR 1-41c, Confidential Attachment 2 
(MATS1D-Tate-SummerRatedCapacity_Projection_10_11a).xls” with non-changing values in all years. In 
response to CAC-SC DR 1-48a, requesting “net available summer capacity, exclusive of all environmental 
projects” the Company cited to the previous response. 

Exhibit A



 
 

 

24 
 

unit decreases, meaning that the unit will burn more fuel for the same energy 1 

production. 2 

Q Did the Company estimate or use a heat rate penalty in their analysis of the 3 
retrofits? 4 

A No. In answer to a query from interveners, the Company responded that “IPL has 5 

not estimated the revised heat rates” associated with the environmental projects.40 6 

Q What is the compliance deadline for MATS? 7 

A The MATS rule requires that the standard be met by April 2015, with a potential 8 

extension to April 2016 at the discretion of the Indiana Department of 9 

Environmental Management.41 The U.S. EPA has indicated that requested 10 

extensions until April 2016 will likely be granted.  11 

If the Company demonstrated that it planned to meet MATS by repowering or 12 

replacing any of its coal units, it would likely have until April 2016 to replace the 13 

unit. Mr. Ayers has assumed a January 2015 replacement date, making the 14 

replacement option more expensive than necessary.42 15 

According to workpapers attached to supplemental testimony, retrofits at 16 

Petersburg 1, 2, and 4 are all expected to be completed by April 2015, while the 17 

retrofits at Petersburg 3 and Harding Street 7 are expected to be completed by 18 

April 2016. I have adjusted the assumed in-service dates for Petersburg 3 and 19 

Harding Street 7 accordingly in my analysis. 20 

                                                           
40 See response to CAC-SC 1-48h. 
41 “Existing sources may be provided up to 3 years after the effective date to comply with the final rule; if 
an existing source is unable to comply within 3 years, a permitting authority has the ability to grant such a 
source up to a 1-year extension, on a case-by-case basis, if such additional time is necessary for the 
installation of controls.” 77 Fed.Reg 9304, 9407 (Feb. 16 2012). In this case the “Effective date is April 16, 
2012.” 77 Fed.Reg 9304. Therefore, the latest possible compliance date, with the one-year extension, is 
April 16, 2016. 
42 The timing of the retrofits, while important, does not impact the analysis results as much as the timing of 
the replacement unit, due to the higher upfront capital impact of the replacement unit. Deferring this large-
scale investment has a large impact on the present value of the decision. 
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Q Does the Company’s analysis include AFUDC for the environmental 1 
retrofits? 2 

A No. Generally, the Company would expect recovery for the cost of money in the 3 

form of AFUDC or Construction Work in Progress (CWIP). Unless the Company 4 

expects to forgo such recovery, I would have expected to see this in the 5 

Company’s analysis. Mr. Ayers’ analysis cites directly to numbers in Petitioner’s 6 

Exhibit TWM-5 (“IPL MATS Compliance: Total Cost Summary”)43 which 7 

clearly notes that “Project Total…Excludes Removal Costs and AFUDC.”44 8 

However, the CCGT cost from CERA does include both financing costs and 9 

interest during construction.45 By including this value in the replacement unit but 10 

not in the environmental costs, the Company has biased their analysis against 11 

replacement. 12 

In my analysis, I have used the updated capital costs for the environmental 13 

equipment supplied by Mr. Cutshaw in workpapers for supplemental testimony 14 

per Exhibit TWM-S3. These values also exclude AFUDC. 46 I added 15% to the 15 

cost of these retrofits to capture some component of AFUDC.47 16 

Q What is the importance of reviewing capital expenditures at the Company’s 17 
coal units between 2013 and 2015? 18 

A The Company is conducting an evaluation of the benefit of either retrofitting or 19 

retiring existing units. Those units require ongoing maintenance, but also require 20 

large capital expenditures on a regular basis – such as the replacement or 21 

refurbishment of major equipment. However, if the Company were to retire a 22 

plant in the next few years, it is quite likely that a large proportion of these costs 23 

can either be scaled back or avoided altogether. For example, it is probably 24 

unnecessary to upgrade a turbine for improved performance if the plant will only 25 
                                                           
43 Now replaced with values in Petitioner’s Exhibit TWM-S3, with similar note. 
44 See Petitioner’s Exhibit TWM-5, note at bottom of page. 
45 See Ayers workapers, tab “16 CERA New Plant Cost”, footnote 10: “Total capital cost figures include 
owner's costs- development/permitting, land acquisition, construction G&A, financing costs, interest during 
construction, etc.” 
46 TWM Workpapers for Supplemental Direct Testimony indicate “Exclusive of Demolition Costs and 
AFUDC” 
47 Assumes projects are built over approximately 3 years with an assumed AFUDC rate of 5.5%. 
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operate for another two years. These avoidable costs are important considerations 1 

in a retrofit/retirement evaluation such as this one; by not excluding avoidable 2 

capital costs, the Company biases the analysis towards the continued operation of 3 

the coal units. 4 

Q Why did the Company not review avoidable capital expenditures between 5 
2013 and 2015? 6 

A The Company explains why these costs were not calculated in response to CAC-7 

SC DR 1-50: 8 

Costs from 2013-2015 were not included in the future life cycle 9 

cost evaluation. These costs would however be included in a 10 

retirement evaluation if the future life cycle evaluation had 11 

indicated a unit’s economic viability was in question. A retirement 12 

evaluation, if determined necessary, would also include the 13 

premature unit retirement costs and timing impacts, an economic 14 

assessment of common O&M shared by plant to determine what 15 

O&M is actually avoided, and any additional environmental 16 

compliance costs for plant and system based environmental rules, 17 

such as NOx. This additional retirement evaluation was not needed 18 

as the Big Five units and Compliance plan showed superior 19 

economics. 20 

The Company’s logic is deeply flawed. Each of the costs considered in this 21 

explanation are avoidable through the retirement of the coal unit. The only reason 22 

that the Company perceives the economics of the Big Five units to be “superior” 23 

is that they have systematically ignored or undervalued avoidable costs and biased 24 

their analysis towards a certain outcome.  25 

Finally, it is unclear why the Company did not simply perform the “retirement 26 

evaluation” referenced here. Such an analysis should be fairly straightforward for 27 

a large, multinational Company such as AES. Clearly, IPL has been able to 28 

procure expertise for their IRP planning process. The costs of performing such an 29 
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analysis are de minimis compared to the half billion dollars contemplated in this 1 

case. 2 

Q Why do you think that the Company’s estimate of “Other” environmental 3 
capital costs does not capture the full range of risk to the IPL coal units? 4 

A The Company’s analysis presents a table of capital costs for “other 5 

environmental” projects, including the proposed 316(b) water intake rule, the 6 

proposed CCR rule, expected NAAQS changes, and expected changes to NPDES 7 

permitting rules governing effluent from waste ponds.48 These costs amount to 8 

$xxx million. Similar costs are laid out in Petitioners Exhibit JMA-2, but the total 9 

of these costs amounts to $480 million. It appears that the difference between 10 

these estimates is due to costs for coal pond remediation that the Company 11 

considers “sunk,” or unavoidable; i.e. the Company will have to pay those costs 12 

regardless of if the units are maintained or retired. 13 

The Company provided several documents that ostensibly provide the basis of 14 

these cost estimates. In review of these documents, it is difficult to corroborate the 15 

values used by the Company in the economic evaluation. I have compiled the 16 

Company’s estimate of these “Other” environmental regulations (“Ayers”) in 17 

Table 4, below, and my estimates from the documentation provided by the 18 

Company for a low and high range. 19 

Table 4. Estimated capital costs for "other" environmental projects. Estimates from 20 
Company analysis and from company documentation. In millions 2012$. 21 

 Ayers49 Low High 
316(b) Xxx $7 $155 

CCR xxxx  50 $26 51 $26 52 

                                                           
48 Table is found in Ayers workpapers tab “OTHER ENVIRO + TOTAL” columns U through Y. 
49 As cited in Ayers workpapers. 
50 Includes reduction of $xxxx million (from $xx million) due to “closing of ponds – sunk liability” 
51 Cost represents total of capital cost for Subtitle D implementation of CCR rule (referred to as 
“Regulation Da – status quo Beneficial Use” for Petersburg and Harding Street plants ($29.7M and $28.0M 
respectively) minus all capital costs for “Pond Closures” at Petersburg and Harding Street ($20.5 and 
$11.25M, respectively). In AECOM, December 13, 2010. 
52 Cost represents total of capital cost for Subtitle C implementation of CCR rule (referred to as 
“Regulation C – no beneficial use” for Petersburg and Harding Street plants. Costs are identical to Subtitle 
D. 
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NAAQS53 xxx $130 $130 
NPDES54 xxx $75 $250 

Sum xxx $238 $561 
 1 

The document with 316(b) costs has scenarios that range from a total of $7 2 

million to as high as $155 million, if new cooling towers are required. 55 The 3 

document cited for NAAQS dates from 2004, and does not address the potential 4 

costs of an SCR at Petersburg 4, as shown in Petitioners Exhibit JMA-2.56 The 5 

capital costs associated with CCR compliance were obtained from a Contractor 6 

document prepared in 2010,57 and include compliance costs for regulation under a 7 

strict control scenario (“Subtitle C”) and a less strict scenario (“Subtitle D”), with 8 

a variety of outcomes for the beneficial use (or not) of coal combustion residuals. 9 

The capital costs were the same for both CCR scenarios. These costs exclude any 10 

pond or impoundment closure costs, which are assumed to be unavoidable. The 11 

Company did not provide any documentation supporting the cost for effluent 12 

treatment under the NPDES permit guidelines. 13 

Overall, the estimates compiled by Mr. Ayers do not span the range of capital risk 14 

known and considered by the Company. According to Company documents, these 15 

costs could be as low as $238 million, or as high as $561 million for the Big Five 16 

units. 17 

                                                           
53 Assumed same as Ayers. 
54 See Company written reponse to CAC-SC DR 1-70a.i paragraph 4. “Current preliminary estimates range 
from $75M - $250M.” 
55 See CAC-SC DR 1-14, Attachment 1 (316b Report - Legal Memo Redacted), tables 5 & 6. Low costs are 
“Option 1”; high costs are “Option 3”  
56 Multi-Pollutant Emission Compliance Study. Report No. SL-008273. Prepared for Indianapolis Power 
and Light by Sargent and Lundy, July 29, 2004. 
57 “Summary of Memorandums Evaluating the Effect of Proposed Regulation of Coal Combustion 
Residuals by US EPA.” Prepared by AECOM for IPL, December 13, 2010. 
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Q Why do you think that the Company’s estimate of “Other” environmental 1 
operating and maintenance costs understate the likely costs to the IPL coal 2 
units? 3 

A The Company’s analysis also presents estimates of total O&M costs associated 4 

with all of the “other environmental” projects,58 and response to CAC-SC DR 1-5 

70a.i indicates that these values are derived from the same documents as the 6 

capital costs for other environmental projects, noted previously. 7 

Again, it is difficult to corroborate the Company’s numbers as shown in this 8 

document, and a review of the documents actually suggests that the O&M 9 

numbers are higher than presented by Mr. Ayers. Table 5, below, shows the O&M 10 

costs as estimated by the Company in the analysis, and as determined from 11 

Company documentation. Specific citations are given in footnotes. 12 

Table 5 Estimated O&M costs for "other" environmental projects. Estimates from 13 
Company analysis and from company documentation. In millions 2012$. 14 
 Ayers Low High 
316(b) 59 xxx $1 $6 
CCR  xxx60 $1861 $4762 
NAAQS63 xx $3 $3 
NPDES64 xxx $15 $15 
Sum xxx $37 $71 
 15 

                                                           
58 Table is found in Ayers workpapers tab “OTHER ENVIRO + TOTAL” cells U17 to X17. 
59 See CAC-SC DR 1-14, Attachment 1 (316b Report - Legal Memo Redacted), tables 5 & 6. Low costs are 
“Option 1”; high costs are “Option 3”  
60 Includes adjustment for annual “status quo” costs.   
61 Cost represents total of storage and disposal costs post 2017 for Subtitle D implementation of CCR rule 
(referred to as “Regulation Da – status quo Beneficial Use”) for Petersburg and Harding Street plants 
($16.5M and $7.3M, respectively) less annual “status quo” costs ($3.15M and $2.2M, respectively). In 
AECOM, December 13, 2010. 
62 Cost represents total of storage and disposal costs post 2017 for Subtitle C implementation of CCR rule 
(referred to as “Regulation C – no Beneficial Use”) for Petersburg and Harding Street plants ($36.2M and 
$16.4M, respectively) less annual “status quo” costs ($3.15M and $2.2M, respectively). In AECOM, 
December 13, 2010. 
63 Company response to CAC-SC DR 1-70b.i indicates that “IPL has completed a study which included 
costs for a Unit 4 SCR. One study… provided a cost estimate of $2.3M annually in 2005 dollars.” Inflated 
to 2012$, this value is $2.7M, or $3M rounded. 
64 Company states in response to CAC-SC DR 1.70b.i that “IPL is currently in the process of performing a 
Wastewater Treatment Study to determine costs associated with compliance with the new NPDES Permit 
requirements. This study is still underway and O&M costs have not yet been developed.” Assume 
Company value. 
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From information that I have been able to find from the Company’s cited 1 

documentation, the O&M values for “other” environmental projects appear to be 2 

significantly understated by Mr. Ayers. The high-end of these costs ($71M per 3 

year) are significantly above the Company’s analyzed values. Correcting for these 4 

would add another $690 million into the PVRR of operating the Big Five coal 5 

units. 6 

5. THE COMPANY’S ECONOMIC ANALYSIS DOES NOT EXPLORE ADEQUATE 7 
ALTERNATIVES 8 

Q What alternatives to the environmental retrofits did the Company evaluate? 9 

A The Company limited its evaluation of resource options to replacement of the 10 

entire five units with new CCGT capacity. This is a simplistic option which is not 11 

necessarily the least expensive alternative strategy available to the Company. The 12 

Company could, and should, have considered other alternative strategies 13 

composed of some mix of the other resources available to it. In the near term 14 

these include market purchases or purchase power agreements (PPA), and the 15 

ownership of a CT to meet capacity requirements in addition to some CCGT.  In 16 

the longer term these include increased demand-side management (DSM), or a 17 

mix of renewable energy and capacity provisions. Over the 2015 to 2040 period 18 

the Company should have evaluated a portfolio approach with a mix of additional 19 

demand reduction, self-owned capacity, and a balance of energy through market 20 

sales and purchases. 21 

The Company considered none of the above, restricting it’s analysis to the review 22 

of a single CCGT resource. 23 

Q Why did the Company only explore a CCGT replacement? 24 

A The Company explains why no other resources were tested in the response to 25 

CAC-SC 1-23(a-k): 26 

The economic analysis of the Big Five’s continued operation was 27 

based on a comparison to a new CCGT. The analysis methodology 28 

used was not to determine what resource to replace a retired coal 29 
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unit with, but rather to determine if IPL’s compliance project was 1 

economic. 2 

This reasoning is fallacious. The Company could have compared the continued 3 

operation of the Big Five units against any one type of electric generating 4 

capacity, but this would not guarantee that a compliance project is economic or 5 

not. Presumably, the Company seeks, or is charged with seeking, the lowest cost 6 

reasonable solution for ratepayers, and if this lower cost solution is anything other 7 

than solely a CCGT, then the Company will have failed to find a reasonable 8 

alternative to the coal units. Simply because the Company perceives the coal units 9 

to be less expensive than a CCGT does not, and should not, imply that a CCGT is 10 

the only alternative that it should explore. 11 

The Company cites a further reason for choosing the CCGT, because “CCGT 12 

generation is the low cost resource selected in IPL’s most recent IRP and is also 13 

the basis for the resource selection IPL is currently pursuing to replace the retiring 14 

Eagle Valley unit and fill other capacity requirements.”65 While it may be true 15 

that an optimized analysis conducted over a year ago suggested a new CCGT 16 

resource, this may not be the most efficient outcome when reviewing a larger 17 

block of retiring capacity.  18 

It is particularly puzzling that the Company has an IRP process by which optimal 19 

new resources are supposed to be selected to meet the Company’s needs, but the 20 

Company chose not to use this established economic evaluation methodology to 21 

review the cost effectiveness of half a billion dollars’ worth of retrofits at these 22 

particular coal units. 23 

                                                           
65 Response to CAC-SC 1-23(a-k) 
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6. THE COMPANY’S ECONOMIC ANALYSIS DOES NOT EXPLORE ADEQUATE RISK 1 

Q Does the Company’s analysis in this docket provide an adequate review risks 2 
or uncertainties? 3 

A No. The Company explored a single sensitivity that I consider functionally flawed 4 

and insufficient. In his baseline analysis, Mr. Ayers used the difference between a 5 

generically-derived “spark spread” and “dark spread” to estimate the production 6 

cost difference between a generic coal unit and a generic gas unit, referred to as 7 

the “dispatch spread” or CCGT “Penalty.”66 The sensitivity employed by Mr. 8 

Ayers is simply to cut this margin in half to “to reflect perpetual long term low 9 

natural gas prices, or some form of restrictive climate change legislation (but most 10 

likely not both due to their positive price correlation).…”67 11 

Q Why is this sensitivity functionally flawed and insufficient? 12 

A First, the sensitivity is functionally flawed for the same reason that the initial 13 

estimate of the growth of the ‘dispatch spread’ is flawed. As I explained earlier, 14 

the difference between the growth rate of two factors cannot be used to project the 15 

growth rate of the margin between those two factors. Therefore, any projections 16 

or estimates derived from this faulty and mathematically incorrect logic is also 17 

functionally flawed. Further, the sensitivity is insufficient because Mr. Ayers has 18 

excluded any possibility that the margin between coal and gas could not only 19 

shrink from his projections, but could feasibly invert at reasonably anticipated gas 20 

prices or coal prices. 21 

I illustrate a series of conditions below in which the “dispatch spread” shrinks or 22 

inverts at reasonably anticipated projected commodity prices. Using CERA’s 23 

assumptions for heat rates and the Company’s Ventyx-supplied coal and gas 24 

prices (as utilized in Mr. Ayers’ analysis),68 I created an estimate of the 25 

production cost margin under base conditions in Figure 2, below (solid black 26 

                                                           
66 See generally Ayers Direct pages 9-10. 
67 See Ayers Direct p14 line 21 through p15 line 1. 
68 Coal heat rate = 10,500 btu/kWh; gas heat rate = 7,000 btu/kWh. See Ayers Direct footnote 1 on p9. 
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line). I then substituted in the Ventyx “low” case gas price.69 The margin under 1 

the low gas price assumption never exceeds zero meaning that gas remains 2 

competitive with coal throughout the analysis period (see dotted black line). This 3 

is a far different story than simply cutting the margin (the “dispatch spread”) in 4 

half. 5 

In the figure below, I also show the margin with the base Ventyx gas price and the 6 

Synapse low CO2 price.70 Under this circumstance, the margin hovers around zero 7 

once the CO2 price is in place. At higher CO2 prices, the margin inverts and gas is 8 

competitive. Again, Mr. Ayers’ assumption of a margin cut in half is not an 9 

effective sensitivity. 10 

 11 

Figure 2. Margin between gas and coal production cost at base coal prices. 12 
 13 

                                                           
69 According to the IP&L 2011 IRP, the Ventyx low (and high) gas price is at the 10% confidence limit. In 
other words, Ventyx judges the low gas price to have a 10% probability of occurrence. A description is 
found in the IRP (provided in CAC-SC DR 1-13, Attachment 2), p27. xxxxxxxxxxxxxxx xxxxxxxxxxxx 
xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx
xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx
xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx
xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx
xxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxxx
xxxxxxxxx 
70 Assumes gas has a CO2 emissions rate of 0.5t/MWh and coal has an emissions rate of 1.0t/MWh. 
Synapse low CO2 price begins at $15/tCO2 in 2020 and rises linearly to $35/tCO2 in 2040.  
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It is notable that the margin in 2012 was negative, and there are several realistic 1 

circumstances in which a negative or zero dollar margin could either persist or 2 

return. Interveners asked if the Company had “consider[ed] a stress test in which 3 

the current margin… is maintained”71 to which the Company responded that a 4 

case where the energy margin is maintained “at 2014-2016 levels would not 5 

economically challenge IPL’s Big Five coal fired generation…” However, the 6 

Company did not test the current zero dollar margin. If the Company had 7 

performed a zero dollar margin stress test, the Company would have found that, 8 

even under Mr. Ayers’ method, each and every coal unit fails to pass the 9 

economic screen. 10 

Q Do you have a recommendation for a more comprehensive set of 11 
sensitivities? 12 

A Yes. I recommend that the Company explore the bounds of both high and low gas 13 

prices and high and low prices for CO2 emissions. Such a sensitivity should 14 

explore, at the very least, bookends of combinations that both favor and penalize 15 

the decision to retrofit – including high gas prices in the absence of a CO2 price 16 

and low gas prices in the presence of an aggressive CO2 price, as well as high and 17 

low coal prices. 18 

Synapse produced an updated CO2 price forecast in 2012. This forecast reviews 19 

legislative efforts, potential rulemaking, and a large number of utility CO2 20 

forecasts from the last two years. The forecast and report are attached as Exhibit 21 

JIF-2. The forecast contains a Mid estimate, which begins at $20/tCO2 in 2020 22 

and rises to $65/tCO2 by 2040. This estimate is bounded by a Low and High, 23 

which represent uncertainty limits. 24 

It is noteworthy that the Company’s 2011 IRP explored two non-zero CO2 price 25 

trajectories developed by Ventyx, a “moderate CO2” and a “high CO2” case.72 It 26 

appears that the levelized cost of the Synapse Mid case approximates the Ventyx 27 

high case, and the levelized cost of the Synapse Low case approximates the 28 
                                                           
71 CAC-SC 1-62c. 
72 IP&L 2011 IRP (provided in CAC-SC DR 1-13, Attachment 2), pages 27 and 45. 
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Ventyx moderate case. The impact of this magnitude of cost has been reviewed by 1 

IPL as recently as October 2011. 2 

Q What is Mr. Ayers’ opinion on the relationship between CO2 and gas prices? 3 

A Mr. Ayers states that “natural gas prices would likely be positively correlated with 4 

CO2 prices.”73 5 

Q What is the implication of this statement? 6 

A The assertion that “natural gas prices would likely be positively correlated with 7 

CO2 prices” means that it would be his underlying assumption that in the presence 8 

of CO2 prices, natural gas prices must rise. Such a restriction prevents the 9 

Company from reviewing any scenario in which CO2 prices are implemented and 10 

natural gas prices remain at their normally projected prices. 11 

Q Does he provide supporting evidence for this assertion? 12 

A No. He simply states that such a correlation is reflected in the Ventyx study. 13 

Q Is there information available about the potential linkage between gas prices 14 
and CO2 prices? 15 

A There is very little, if any, independent research (by which I mean not an assertion 16 

from a conflicted party) on the connection between gas and CO2 prices, and while 17 

others have asserted such a connection, the evidence for such a correlation is thin. 18 

The Energy Modeling Forum (EMF) is a collaborative independent research 19 

group that draws together a large number of expert “individuals represent[ing] a 20 

mix of corporate, academic, and government perspectives.”74 Leading institutions 21 

at EMF include such entities as the Edison Electric Institute (EEI), the Electric 22 

Power Research Institute (EPRI), Brattle, the Energy Information Administration 23 

(EIA), the American Petroleum Institute, a number of U.S. national laboratories, 24 

international academic programs, and energy companies. EMF working groups 25 

                                                           
73 Ayers Direct, p13 line 12. 
74 http://emf.stanford.edu/docs/about_emf 
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design, run and evaluate integrated energy economic models designed to explore 1 

integrated market fundamentals. 2 

The latest released EMF working group report from March 2011 included long-3 

run models from ten independent organizations, including (amongst others) EIA, 4 

Massachusetts Institute of Technology (MIT), the Pacific Northwest National 5 

Laboratory, Charles River Associates, and Resources for the Future. Among the 6 

scenarios modeled were base-case and carbon-tax scenarios.75 7 

In Figure 3, below, I have plotted the percentage change in natural gas prices in 8 

relation to a range of carbon prices as output by each model in this study. 9 

 10 

Figure 3. Model results from EMF indicating natural gas changes with rising CO2 11 
prices.76 12 

Figure 3 shows clearly that some of the most advanced integrated energy 13 

economics models disagree with one another regarding the extent of gas price 14 

sensitivity to carbon prices. Of the ten models portrayed here, four predict lower 15 

                                                           
75 In these scenarios, the carbon tax is imposed on all fossil energy users. 
76 Data available at http://emf.stanford.edu/docs/263. NEMS (US Energy Information Administration), 
E2020-EC (Environment Canada), GCUBED (Brookings Institution), EPPA-MIT (Massachusetts Institute 
of Technology), ADAGE (Research Triangle Institute), GCAM (Joint Global Change Research Institute, 
Pacific Northwest National Laboratory), IMACLIM (Centre International de Recherche sur 
l’Environnement et le Développement), NEMS-GPRA (US Department of Energy & Onlocation, Inc.) 
MRN-NEEM (Charles River Associates), and RFF-Haiku (Resources for the Future) 
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gas prices, four predict higher gas prices, and two are unchanged compared to the 1 

baseline at any carbon price below $60/ton CO2.
77 At carbon prices above $60/ton 2 

the majority of models consistently predict lower gas prices than the baseline. 3 

Therefore, it is my opinion that Mr. Ayers’ statement regarding the connection 4 

between CO2 and gas prices is unfounded. 5 

Q Does the Company’s sensitivity analysis explore different load trajectories? 6 

A No. Mr. Ayers’ analysis is restricted to a one-to-one replacement of coal with gas, 7 

and is not able or equipped to examine different changes in demand. Therefore, it 8 

is unable to determine if the Company would even require the capacity or energy 9 

from Petersburg or Harding Street 7 in future years under different load scenarios.  10 

7. SYNAPSE’S ECONOMIC EVALUATION MODEL 11 

Q Are you able to evaluate the Company’s findings based on Mr. Ayers’ 12 
analysis? 13 

A No. While Mr. Ayers stipulates that his “spreadsheet evaluation [was performed] 14 

for both simplicity and transparency… and not to precisely define the PVRR 15 

[present value revenue requirement] for any plan,”78 his spreadsheet is so fraught 16 

and filled with erroneous and inconsistent assumptions that I am unable to even 17 

modify his spreadsheet to adjust it for internal consistency or test alternate 18 

sensitivities. Some of his assumptions are both fundamental to his findings and 19 

filled with numerous, unstated assumptions. 20 

For example, Mr. Ayers compresses the relative performance of coal- and gas-21 

fired generation in the MISO market into a single value. This value should be 22 

dependent on a number of assumptions including the shape of the supply curve 23 

for MISO Cinergy in any given year, the specifications of the gas and coal unit 24 

under consideration (such as variable cost, heat rate, and emissions rates), the 25 

price of gas, the price of coal, the relationship between the CERA gas price 26 

                                                           
77 With the exception of the $36/ton CO2 mark, in which 5 of 10 predict a higher gas price. 
78 Ayers Direct, p7 lines 3-4 
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forecast to 2016 and the Ventyx gas price forecast after 2016, and any emissions 1 

prices for criteria pollutants or CO2.  Yet there is no way to identify, much less 2 

evaluate, any of those assumptions from the single value used by Mr. Ayers.  3 

Q How are you able to evaluate the cost effectiveness of the coal retrofits, if not 4 
through the Company’s analysis? 5 

A I developed a cash flow model to “define the PVRR” for each coal unit and 6 

potential replacement CCGT unit. I did not have the time or opportunity to 7 

develop potentially lower cost alternatives, such as market purchases, capacity-8 

only resources, or demand-side management. 9 

Q Did the Company provide sufficient information to construct such a model? 10 

A No. Interveners requested detailed information almost certainly held by the 11 

Company, including unit performance data, expected annual O&M costs, and 12 

expected capital expenditures,79 as well as market prices for any scenarios 13 

contemplated by the Company for this case or otherwise.80 Eventually, the 14 

Company provided 2012 fixed and variable O&M broken out by unit. It is unclear 15 

if these values include annual capital expenses incurred at the coal station, or not. 16 

I have assumed, for the sake of a conservative assumption, that they do include 17 

such capital expenses.  18 

The Company did not provide estimated hourly market prices until January 22, 19 

2013 – one week before the submission of this testimony81 – and the average 20 

annual prices appear to be inconsistent with the average annual prices provided 21 

from the Ventyx assumptions provided to interveners in a previous discovery 22 

response.82 23 

                                                           
79 CAC-SC DR 1-48 a-k; CAC-SC DR 1-64(c). 
80 CAC-SC DR 1-64(b); CAC-SC DR 3-4 b-c, 3-5 b-c 
81 See response to CAC-SC DR 3-3a,b 
82 See CAC-SC DR 1-47b, Confidential Attachment 1 (Midwest_Spring 2012_Power_Reference_Case_-
_Data_Supplement_IPL).xlsx, tab “13. Annual MCPs”, column “Average” for region MISO-IN. 
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Q Please describe the purpose of your cash flow model, as well as its major 1 
input variables and dispatch methodology. 2 

A My model is set up to estimate the incremental revenue requirements of each coal 3 

unit, and potential replacement gas unit, in each year from 2015 to 2040.  This is 4 

the “cash flow” associated with each unit in each year. The model then calculates 5 

the present value of this stream of annual incremental revenue requirements, i.e. 6 

the PVRR. 7 

The key input variables for each of the Big Five coal units from 2015 through 8 

2040 are: 9 

• Fuel cost,83 10 

• Non-environmental variable O&M expenses,84 11 

• Non-environmental fixed O&M expenses,85 12 

• Non-environmental ongoing capital costs,86 13 

• Environmental variable O&M,87 14 

• Environmental fixed O&M,88 15 

• Environmental project capital costs,89 inflated by an AFUDC estimate90 16 

and capitalized using the same economic evaluation methodology and 17 

variables employed Mr. Ayers;91 and 18 

• CO2 emissions costs.92 19 

                                                           
83 Coal costs derived from Ventyx Coal Prices as presented in Ayers Direct workpapers. Heat rates derived 
from EIA Form 923 EIA Form 923, Schedule 3A and 5A for 2011. Capacity for each coal unit is equal to 
Ayers assumed capacity minus parasitic load as shown in response to CAC-SC DR 1-48g. Capacity factors 
from 2015-2040 derived from Synapse market price and dispatch model as described later in this 
testimony. 
84 Source: CAC-SC DR 1-48 Supplemental Response Attachment 1 (January 15, 2013), multiplied by 
generation 
85 Source: CAC-SC DR 1-48 Supplemental Response Attachment 1 (January 15, 2013) 
86 Assumed, conservatively, to already be included in fixed O&M category 
87 Source: CAC-SC DR 1-48 Supplemental Response Attachment 1 (January 15, 2013), multiplied by 
generation 
88 Source: CAC-SC DR 1-48 Supplemental Response Attachment 1 (January 15, 2013) 
89 Source: TWM supplemental testimony workpapers, per TWM-S3. 
90 AFUDC adder assumed at 15%, generally consistent with a 5.5% AFUDC rate on 3-4 year investments 
shown in TWM supplemental testimony workpapers. 
91 See Ayers Direct workpapers, tab “Pete MATS (BE with Fuel)”, lines 8-16 
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 1 

The key inputs for the CCGT units include: 2 

• Fuel cost,93 3 

• Non-environmental variable O&M expenses,94  4 

• Non-environmental fixed O&M expenses,95 5 

• Capital cost,96 6 

• CO2 emissions costs,97 and 7 

• Market purchases.98 8 

 9 

The model dispatches the coal units and the gas units against predicted locational 10 

marginal prices (LMP) in the Cinergy/Indiana hub.  It uses the results of that 11 

dispatch to calculate the absolute costs of fuel, variable O&M, and emissions for 12 

each unit in each year. The model purchases sufficient energy from the market in 13 

each year to make up the difference, if any, between the MWh from the coal unit 14 

and the replacement gas unit in any year that gas dispatches less than coal.   15 

Conversely, if the gas unit dispatches more than coal, market sales are assumed. 16 

                                                                                                                                                                             
92 Zero, Synapse Low, Mid, and High price estimates from 2015-2040. CO2 emissions rates derived from 
US EPA Air Markets Program Data (http://ampd.epa.gov/ampd/) for Petersburg and Harding Street 7 units, 
year 2011.  
93 Natural gas costs derived from Ventyx Gas Prices as presented in Ayers Direct workpapers. Heat rate of 
6,750 btu/kWh from Ayers Direct workpapers (“INPUT SUMMARY”). Capacity for the gas unit is equal 
to the coal unit under comparison. Capacity factors from 2015-2040 derived from Synapse market price 
and dispatch model as described later in this testimony. 
94 Source: Ayers Direct workpapers (“INPUT SUMMARY”). 
95 Source: Ayers Direct workpapers (“INPUT SUMMARY”). 
96 Source: Ayers Direct workpapers (“INPUT SUMMARY”); CERA notes that “total capital cost figures 
include owner's costs- development/permitting, land acquisition, construction G&A, financing costs, 
interest during construction, etc.”, assumed to include AFUDC.   
97 Zero, Synapse Low, Mid, and High price estimates from 2015-2040. CO2 emissions rate (0.48 
tCO2/MWh) is set equal to weighted average 2010/2011 CO2 emissions rate of all CCGT in Indiana, 
Illinois, and Ohio, from US EPA Air Markets Program Data (http://ampd.epa.gov/ampd/). 
98 Market purchases are equal to total annual MWh difference between coal and gas dispatch, multiplied by 
weighted average market cost for all hours in which coal and gas unit are differently dispatched. If the coal 
unit is dispatched more than the gas unit, the market purchases are a net cost to the CCGT replacement 
option. If the coal unit is dispatched less than the gas unit, the market purchases are a net benefit to the 
CCGT replacement option. MWh differences and market prices derived from Synapse market price and 
dispatch model as described later in this testimony. 
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The model calculates the present value revenue requirement (PVRR) of the 1 

annual incremental revenue requirements of each unit. I have assumed that if the 2 

Company were to plan to retire a coal unit, it could operate through the latest 3 

MATS deadline of early 2016. Therefore, the replacement CCGT is not required 4 

in my analysis until 2016. The only costs incurred in the analysis in 2015 are the 5 

capital and O&M expenditures associated with new environmental equipment at 6 

the coal unit.99 In 2016, both the coal unit and the CCGT replacement unit begin 7 

incurring full costs.  8 

The difference between the PVRR of the coal cost stream is compared to the 9 

PVRR of the gas cost stream, and the absolute difference is reported as the net 10 

benefit of retiring the coal unit (i.e. positive values represent a benefit of 11 

retirement). 12 

I performed this analysis for each of the IPL Big Five coal units individually in 13 

each of twelve different scenarios: every combination of low, medium, and high 14 

gas prices (as supplied to the Company by Ventyx) and zero, low, medium, and 15 

high CO2 prices (as produced in the Synapse 2012 price forecast). 16 

Q How did you develop hourly market prices for these twelve scenarios? 17 

A Without access to a regional dispatch tool for this case, I derived estimated future 18 

market prices for Indiana based on a statistical representation of five years of 19 

hourly locational marginal prices (LMPs) for the Cinergy/Indiana hub,100 MISO 20 

regional loads,101 and natural gas prices102 from 2007 through 2011, inclusive. I 21 

assumed that generally the LMP is a function of gas price and load level, and that 22 

the load shape of MISO is closely correlated with the load shape in 23 

Cinergy/Indiana (as the latter is not available from public data). I found statistics 24 

                                                           
99 The analysis assumes that in 2015 both scenarios will require the operation of the coal plant, and 
therefore fuel, base O&M and base capital expenses are incurred in both – or in this case, neither – 
scenario. 
100 Source: MISO. Cinergy hub 1/1/2007 through 12/31/2011. Indiana hub 1/1/2012 to 1/10/2013. 
101 Source: FERC Form 714. 1/1/2006-12/31/2008 compiled from all utilities in MISO region; 1/1/2009-
12/31/2011 from MISO regional load. 
102 Monthly historic prices from US Energy Information Administration (EIA) Short Term Energy Outlook 
(STEO) 
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that describe the relationship between gas, regional load, and LMP prices which 1 

are shown schematically in Figure 4, below. This figure demonstrates that as gas 2 

prices rise (lighter shades of blue), the supply curve becomes steeper – an 3 

expected and reasonable trend. 4 

 5 

Figure 4. Cinergy / Indiana LMP historic supply curves, shown as a function of 6 
MISO regional load and gas price (all 2012$). 7 
 8 

Using this economic evaluation methodology and a fixed hourly load shape, I 9 

could estimate hourly LMPs based on predicted gas prices, such as the Ventyx 10 

forecast provided by the Company. I used the load shape for 2011 to represent a 11 

generic load curve. 12 

I added in CO2 price impacts into the load shape by assuming that approximately 13 

the lower third of the supply curve is comprised of coal on the margin with a 14 

1.0tCO2/MWh emissions rate, and the upper third is comprised of gas on the 15 

margin with a 0.6tCO2/MWh emissions rate. I assumed the middle third, from 16 

53,000 MW to 77,000 MW, gradually changes from a coal to gas mix on the 17 

margin. 18 
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Using the statistical relationship between gas, load, and LMP, and including the 1 

CO2 price adder, I am able to project an estimate of hourly LMPs for each of the 2 

twelve gas and CO2 scenarios. 3 

This economic evaluation methodology makes a number of simplifying 4 

assumptions, and is by no means a deterministic model. Rather, it is a basic 5 

economic evaluation methodology by which I could provide reasonable estimates 6 

for hourly market prices. 7 

Q Does your estimate of market prices compare favorably with actual LMPs? 8 

A Yes. While the average behavior does not capture the highest peaks nor the 9 

deepest troughs, or random perturbations in the market (due to constraints or 10 

outages), the statistically-derived LMPs appear to perform well against historic 11 

LMPs. In Figure 5, below, I’ve plotted annual average historic Cinergy/Indiana 12 

LMPs from 2007-2011, and predicted annual average LMPs from the statistical 13 

model. These two appear to track well over the historic period. 14 

 15 

Figure 5. Statistically-predicted all-hours Cinergy/Indiana LMPs plotted against 16 
historic all-hours (flat average) LMPs. 17 
 18 

On an hourly basis, the statistically predicted LMP also tracks well against 19 

historic LMPs. Figure 6 shows predicted and historic hourly Cinergy/Indiana 20 
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LMPs in a one month period in late 2010. Again, the statistically-predicted LMPs 1 

do not capture all of the nuances of the historic LMPs, but provides a reasonable 2 

benchmark. 3 

 4 

Figure 6. Hourly statistically predicted Cinergy/Indiana LMPs plotted against 5 
historic hourly LMPs for a representative period. 6 
 7 

The economic evaluation methodology employed here is necessarily limited: it 8 

cannot capture changes in the composition of the MISO market, retirements, or 9 

new entrants. It is based on a single historic load shape (2011) and there is no 10 

guarantee that future load behavior will approximate historic loads. However, for 11 

lack of a reasonable range of market prices provided by the Company under a 12 

reasonable set of risk scenarios, and for lack of a production-cost model run by 13 

the Company for the purposes of evaluating this retrofit decision, the market 14 

estimate shown here is an improvement over the back-of-the-envelope 15 

calculations provided by Mr. Ayers. 16 

Q How does the model dispatch the coal and gas units against market prices? 17 

A The model dispatches the Big Five units and the CCGT replacement units against 18 

market prices using an algorithm that I derived from a review of historic dispatch 19 

data. For this review, I have compiled the average behavior of each coal unit and 20 

a proxy natural gas unit (the Lawrenceburg plant, a 1,100 MW CCGT in 21 

Dearborn County, Indiana). The behavior is characterized as the average amount 22 

of output (in MW) produced by a unit at different LMP price points, after 23 
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accounting for the fuel and variable cost of the unit. This behavior is characterized 1 

with a simple formula that captures the minimum LMP at which a unit begins 2 

operation, the LMP at which it runs full out, and the slope connecting those 3 

points. I use this information to estimate the dispatch of each unit under 4 

consideration. Ultimately, this economic evaluation methodology returns an 5 

estimated annual capacity factor for each coal unit and the proxy CCGT unit, as 6 

well as the weighted average market price of the marginal hours in which one unit 7 

operates but the other does not. 8 

Q How does the model’s predicted dispatch compare to actual historic capacity 9 
factors? 10 

A Again, while the economic evaluation methodology is not perfect, it does a 11 

reasonable job representing historic dispatch. Figure 7, below, shows the 12 

predicted capacity factor of the Petersburg 1 coal unit and the Lawrenceburg 13 

CCGT proxy unit plotted against the historic capacity factor of both. 14 

 15 

Figure 7. Historic and predicted dispatch for Petersburg 1 and the Lawrenceburg 16 
CCGT proxy replacement unit under base Ventyx gas prices and no CO2 price. 17 
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Q Would you recommend using your predicted market prices and estimated 1 
unit dispatch as a replacement for a production cost model? 2 

A No. These estimates serve to stand in for the opaque and insufficient back-of-the-3 

envelope calculation performed by the Company in this docket. This model does 4 

not replace a competently considered and executed production cost model to 5 

derive market prices. 6 

Q Would you recommend using your cash flow analysis as a replacement for a 7 
resource optimization model study? 8 

A No. Again, these estimates serve to fill deep gaps in the Company’s calculation 9 

and economic evaluation methodologies. While I believe that the values derived 10 

from my analysis are reasonable for consideration in this docket, my analysis does 11 

not replace a study prepared using a more sophisticated resource optimization 12 

model. Again, it is particularly puzzling that the Company was able to use 13 

sophisticated modeling to prepare its 2011 IRP, but was unable or unwilling to 14 

use that modeling capability to evaluate the economics of its proposed 15 

investments in this docket. 16 

8. FINDINGS AND RECOMMENDATION 17 

Q Please summarize the outcome of your analysis for the IPL Big Five Units. 18 

I performed an economic evaluation of all of IPL’s Big Five units using a range of 19 
gas and CO2 price forecasts, and almost all other inputs held constant with the 20 
Company’s assumptions. For the gas prices, I used the Company’s Ventyx forecasts 21 
through 2036, extrapolated through 2040. For CO2 prices, I used the Synapse 2012 22 
forecast, as well as a zero price. I consider the combination of the mid gas and mid 23 
CO2 forecast to be the most likely combination. The results of this analysis, as the 24 
net benefit of retiring Petersburg Unit 1 and replacing it with a CCGT unit, is 25 
shown in  26 
 27 
 28 
 29 
 30 

A Table 6, below. 31 

 32 
 33 
 34 
 35 
 36 
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Table 6. Net benefit (PVRR) of retirement for Petersburg 1, in 2012$ millions, under 1 
different gas and CO2 price assumptions. 2 

Petersburg 1 
Natural Gas Forecast 

Low Medium High 

CO2 Price 
Forecast 

Zero $63  ($90) ($336) 
Low $137  $3  ($213) 
Mid $150  $81  ($125) 

High $179  $114  ($74) 
 3 

Universally, all of the coal plants perform fairly well under the Ventyx high gas 4 

price sensitivity, and perform poorly under the Ventyx low gas price sensitivity. 5 

While all of the units remain somewhat economic under an assumption of no CO2 6 

price at base Ventyx gas prices, Petersburg Units 1 & 4 are completely marginal 7 

(i.e. an economic toss-up) at low CO2 prices and clearly non-economic at the 8 

Synapse Mid- and High-CO2 prices. Petersburg Unit 2 becomes highly non-9 

economic even at Low-CO2 prices.  10 

My analysis shows that Petersburg Units 1, 2, and 4 are the most likely candidates 11 

for retirement, rather than retrofit, based on the magnitude of the net PVRR of 12 

retiring them.  13 

Q Please discuss Petersburg Unit 1. 14 

In  15 
 16 
 17 
 18 
 19 

A Table 6, above, I show the outcome of my analysis under different gas and CO2 20 

price forecast assumptions for Petersburg Unit 1. Positive values indicate a net 21 

benefit for retirement, while negative values indicate that the analysis favors the 22 

retrofit. At a low gas price with an assumption of no CO2 price, the analysis 23 

indicates that retirement is favorable by a PVRR of $63 million. Conversely, at 24 

high gas prices with no CO2 price, the analysis indicates the retrofit would incur a 25 

benefit of $336 million. 26 

Notably, as long as the gas price is high, the analysis favors the retrofit; when gas 27 

prices are low, the analysis universally favors retirement. Under the expected gas 28 
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price forecast (medium), Petersburg Unit 1 favors a retrofit only in the 1 

circumstance that there is no CO2 price or equivalent policy implemented in the 2 

next 25 years. With an assumption of a Synapse “low” CO2 price, Petersburg Unit 3 

1 is marginal ($3 million benefit for retirement). Assuming that the Company’s 4 

projections of capital expenses and O&M remain valid, and no other costs are 5 

incurred at Petersburg Unit 1, there would be an approximately equivalent value 6 

to maintaining or retiring the Petersburg 1 unit with a low CO2 price. However, in 7 

my estimation, the Synapse Mid case is a more reasonable planning future – and 8 

under this scenario, Petersburg Unit 1 should be considered for retirement (a 9 

benefit of $81 million towards retirement). 10 

Q Please discuss Petersburg Units 2, 3, and 4 and Harding Street Unit 7. 11 

A The outcome of this analysis is similarly structured for the other Petersburg units 12 

and Harding Street Unit 7. Table 7, below, shows that Petersburg Unit 2 is only 13 

economic to retrofit under an assumption of no CO2 price. Even at fairly low CO2 14 

prices, the unit shows a net benefit towards retirement. 15 

Table 7. Net benefit (PVRR) of retirement for Petersburg 2, in 2012$ millions, under 16 
different gas and CO2 price assumptions. 17 

Petersburg 2 
Natural Gas Forecast 

Low Medium High 

CO2 Price 
Forecast 

Zero $188  ($130) ($601) 
Low $251  $230  ($335) 

Medium $286  $158  ($156) 
High $344  $212  $137  

 18 

Table 8 through Table 10 show similar analysis results for Petersburg Units 3 and 19 

4, and Harding Street Unit 7. 20 

Table 8. Net benefit (PVRR) of retirement for Petersburg 3, in 2012$ millions, under 21 
different gas and CO2 price assumptions. 22 

Petersburg 3 
Natural Gas Forecast 

Low Medium High 

CO2 Price 
Forecast 

Zero ($100) ($412) ($1,010) 
Low $109  ($181) ($695) 

Medium $125  $17  ($482) 
High $179  $55  ($250) 
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 1 

Table 9. Net benefit (PVRR) of retirement for Petersburg 4, in 2012$ millions, under 2 
different gas and CO2 price assumptions. 3 

Petersburg 4 
Natural Gas Forecast 

Low Medium High 

CO2 Price 
Forecast 

Zero $72  ($269) ($843) 
Low $152  ($7) ($436) 

Medium $188  $60  ($184) 
High $257  $116  $142  

 4 

Table 10. Net benefit (PVRR) of retirement for Harding Street 7, in 2012$ millions, 5 
under different gas and CO2 price assumptions. 6 
 7 

Harding Street 7 
Natural Gas Forecast 

Low Medium High 

CO2 Price 
Forecast 

Zero $11  ($316) ($794) 
Low $157  ($68) ($484) 

Medium $171  $57  ($277) 
High $202  $125  ($56) 

 8 

The net benefit of retirement for Petersburg Unit 4 is similar to that of Petersburg 9 

Unit 1. Under a zero CO2 price forecast, the unit may be economic, but it is 10 

economically marginal (again, a toss-up) at even low CO2 prices, and clearly non-11 

economic at the recommended Synapse Mid CO2 price. 12 

Petersburg Unit 2 and Harding Street Unit 7 show a less decisive economic 13 

outcome. While both continue to favor retirement at the Synapse Mid CO2 price, 14 

the balance is less clear at these two units. These units are moderately balanced 15 

around the CO2 price risk – i.e. if CO2 prices are at the low forecast range, 16 

ratepayers are benefited (on an order of magnitude) as much as they would be 17 

penalized should CO2 prices be at the high range. Again, these units show a clear 18 

benefit to retirement at low gas prices, and a clear benefit to replacement at high 19 

gas prices. 20 

My analysis may also understate the value of retirement for each of the Big Five 21 

Units, as I have not: 22 
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• accounted for the higher “other” environmental project O&M costs 1 

described in the Company’s documentation (discussed earlier in my 2 

testimony),  3 

• accounted for avoidable capital costs in the 2013-2015/2016 timeframe if 4 

some or all of the coal units were to be retired,  5 

• performed an analysis with higher coal prices 6 

• performed an optimization model with portfolio replacement,  7 

• estimated savings incurred by replacement or partial replacement with 8 

energy efficiency or other DSM, or 9 

• reviewed opportunities to purchase market capacity or energy for an 10 

interim period to reduce ratepayer impacts. 11 

Q Can you draw any conclusions on the basis of your analysis? 12 

A Yes. First, for reasons that I have outlined above, the Company’s analysis is 13 

clearly flawed, erroneous and biased. The Commission should disregard it in full.  14 

Second, my analysis suggests that Petersburg Units 1, 2, and 4 are candidates for 15 

retirement, and, thus, the Commission should deny CPCN in this docket.  16 

Further, prior to receiving a CPCN for Petersburg Unit 3 and Harding Street Unit 17 

7, the Company should submit an analysis demonstrating to the Commission’s 18 

satisfaction that these units are, in fact, reasonable investments. 19 

I recommend that the Commission require the Company to conduct a detailed and 20 

expansive modeling study of Petersburg Unit 3 and Harding Street Unit 7 using 21 

analytical methods commensurate with the scale of investment considered by the 22 

Company in this docket. Such an analysis should include a reasonable range of 23 

commodity price risks for coal and gas prices, emissions price risks for both CO2 24 

and criteria pollutants (under, for example, a re-issued Cross-State Air Pollution 25 

Rule), and continue to include estimated or proxy costs for proposed and 26 

emerging environmental regulations. The analysis should consider all feasible and 27 

cost effective capacity and energy replacement options, including DSM and 28 

efficiency, renewable energy, capacity resources, and coal unit repowering. The 29 
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Commission should grant a CPCN to these units only if such an analysis 1 

demonstrates decisively that ratepayers will face lower costs and risks under a 2 

retrofit scenario than under any other least cost replacement plan. 3 

Q Does this conclude your testimony? 4 

A It does.  5 
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1. Executive Summary 
Electric utilities and others should use a reasonable estimate of the future price of carbon dioxide 
(CO2) emissions when evaluating resource investment decisions with multi-decade lifetimes. 
Estimating this price can be difficult because, despite several focused attempts, the federal 
government has not come to consensus on a policy (or a set of policies) to reduce greenhouse 
gas (GHG) emissions in the U.S.  

Although this lack of a defined policy certainly creates challenges, a “zero” price for the long-run 
cost of carbon emissions is not a reasonable estimate.  The need for a comprehensive effort in the 
U.S. to reduce GHG emissions has become increasingly clear, and it is certain that any policy 
requiring, or leading to, these reductions will result in a cost associated with emitting CO2 over 
some portion of the life of long-lived electricity resources. Prudent planning requires a reasonable 
effort to forecast CO2 prices despite the considerable uncertainty with regard to specific regulatory 
details. 

This 2012 forecast seeks to define a reasonable range of CO2 price estimates for use in utility 
Integrated Resource Planning (IRP) and other electricity resource planning analyses. This forecast 
updates Synapse’s 2011 CO2 price forecast, which was published in February of 2011. Our 2012 
forecast incorporates new data that has become available since 2011, and extends the study 
period end-date to 2040 in order to provide useful CO2 price estimates for utilities planning 30 
years out into the future.  

A. Key Assumptions 
Synapse’s 2012 CO2 price forecast reflects our expectation that cap-and-trade legislation will be 
passed by Congress in the next five years or so, and the resultant allowance trading program will 
take effect in or around 2020. These assumptions are based on the following reasoning: 

 We believe that a federal cap-and-trade program for GHGs is a key component of the 
most likely policy outcome, as it enables the reduction of significant amounts of GHGs 
while allowing those reductions to come from sources that can mitigate their emissions at 
the least cost.  

 We believe that federal legislation is likely by the end of the session in 2017 (with 
implementation by about 2020) prompted by one or more of the following factors:  

o technological opportunity; 

o a patchwork of state policies to achieve state emission targets for 2020 spurring 
industry demands for federal action; 

o a Supreme Court decision to allow nuisance lawsuits to go ahead, resulting in a 
financial threat to energy companies; and 

o increasingly compelling evidence of climate change.  

Given the interest and initiatives on climate change policies in states throughout the nation, a lack 
of federal action will result in a hodgepodge of state policies. This scenario is a challenge for any 
company that seeks to make investments in existing, modified, or new power plants. Historically, 
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this pattern of states and regions leading with initiatives that are eventually superseded at a 
national level is common for energy and environmental policy in the US. It seems likely that this 
will be the dynamic that ultimately leads to federal action on greenhouse gases, as well. 

In addition to the assumptions regarding a federal GHG program described above, this paper also 
expects that regional and state policies will lead to costs associated with GHGs in the near-term 
(i.e., prior to 2020). Prudent planning requires that utilities take these costs into account when 
engaging in resource planning. 

B. Study Approach 
To develop its 2012 CO2 price forecast, Synapse reviewed more than 40 carbon price estimates 
and related analyses, including: 

 McKinsey & Company’s 2010 analyses of the marginal abatement costs and abatement 
potential of GHG mitigation technologies 

 Analyses of the CO2 allowance prices that would result from the major climate change bills 
introduced in Congress over the past several years, including analyses by the Energy 
Information Association (EIA) and the Environmental Protection Agency (EPA) 

 The U.S. Interagency Working Group’s estimates for the social cost of carbon 

 Analyses of the factors that affect projections of allowance prices, including analyses by 
the EIA and Resources for the Future  

 CO2 price estimates used by utilities in a wide range of publicly available Integrated 
Resource Plans 

Because we expect that a federal cap and allowance trading program will ultimately be adopted, 
analyses of the various Congressional proposals to date offer some of the most relevant estimates 
of costs associated with greenhouse gas emissions under a variety of regulatory scenarios. It is 
not possible to compare the results of all of these analyses directly, however, because the specific 
models and the key assumptions vary.  

Synapse also considered the impact on CO2 prices of regulatory measures outside of a cap-and-
trade program—such as a federal Renewable Portfolio Standard—that could simultaneously help 
to achieve the emission-reduction goals of cap-and-trade. These “complementary policies” result 
in lower CO2 allowance prices, since a smaller amount of CO2 reductions would need to occur 
under the cap-and-trade program.  

C. Synapse’s 2012 CO2 Price Forecast 
Based on analyses of the sources described above, and relying on its own expert judgment, 
Synapse developed Low, Mid, and High case forecasts for CO2 prices from 2020 to 2040. These 
cases represent different appetites for reducing carbon, as described below.  
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 The Low case forecast starts at $15/ton in 2020, and increases to approximately $35/ton 
in 2040.1 This forecast represents a scenario in which Congress begins regulation of 
greenhouse gas emissions slowly—for example, by including a modest emissions cap, a 
safety valve price, or significant offset flexibility.  This price forecast could also be realized 
through a series of complementary policies, such as an aggressive federal Renewable 
Portfolio Standard, substantial energy efficiency investment, and/or more stringent 
automobile CAFE mileage standards (in an economy-wide regulation scenario).  

 The Mid case forecast starts at $20/ton in 2020, and increases to approximately $65/ton in 
2040. This forecast represents a scenario in which a federal cap-and-trade program is 
implemented with significant but reasonably achievable goals, likely in combination with 
some level of complementary policies to give some flexibility in meeting the reduction 
goals. Also assumed in the Mid case is some degree of technological learning, i.e. 
assuming that prices for emissions reductions technologies will decline as greater 
efficiencies are realized in their design and manufacture and as new technologies become 
available. 

 The High case forecast starts at $30/ton in 2020, and increases to approximately $90/ton 
in 2040. This forecast is consistent with the occurrence of one or more factors that have 
the effect of raising prices. These factors include somewhat more aggressive emissions 
reduction targets; greater restrictions on the use of offsets (nationally or internationally); 
restricted availability or high cost of technology alternatives such as nuclear, biomass and 
carbon capture and sequestration; or higher baseline emissions. 

Table ES-1, below, presents Synapse’s Low, Mid, and High case price projections for each year of 
the study period, as well as the levelized cost for each case.  

                                                   

1 Throughout this report, CO2 allowance prices are presented in $2012 per short ton CO2, except in reference to a 
few original sources, where alternate units are clearly labeled. Results from other modeling analyses were 
converted to 2012 dollars using price deflators taken from the US Bureau of Economic Analysis. Because data were 
not available for 2012 in its entirety, values used for conversion were taken from Q2 of each year. Results originally 
provided in metric tonnes were converted to short tons by multiplying by a factor of 1.1. 
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Table ES-1: Synapse 2012 CO2 Allowance Price Projections (2012 dollars per short ton CO2) 

 

Figure ES-1, below, presents Synapse’s Low, Mid, and High price forecasts as compared to a 
broad range of CO2 allowance prices used in utility Integrated Resource Planning to date. 
Synapse forecasts are represented by black lines, while utility forecasts are represented by grey. 
As shown in this figure, Synapse’s projections lie solidly in the middle of the utility forecasts. 

Year Low Case Mid Case High Case

2020 $15.00 $20.00 $30.00

2021 $16.00 $22.25 $34.00

2022 $17.00 $24.50 $38.00

2023 $18.00 $26.75 $42.00

2024 $19.00 $29.00 $46.00

2025 $20.00 $31.25 $50.00

2026 $21.00 $33.50 $54.00

2027 $22.00 $35.75 $58.00

2028 $23.00 $38.00 $62.00

2029 $24.00 $40.25 $66.00

2030 $25.00 $42.50 $70.00

2031 $26.00 $44.75 $72.00

2032 $27.00 $47.00 $74.00

2033 $28.00 $49.25 $76.00

2034 $29.00 $51.50 $78.00

2035 $30.00 $53.75 $80.00

2036 $31.00 $56.00 $82.00

2037 $32.00 $58.25 $84.00

2038 $33.00 $60.50 $86.00

2039 $34.00 $62.75 $88.00

2040 $35.00 $65.00 $90.00

Levelized $23.24 $38.54 $59.38
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Figure ES-1: Synapse forecasts compared to a range of utility forecasts 

 

2. Structure of this Paper 
This paper presents Synapse’s assumptions, data sources, and estimates of reasonable future 
CO2 prices for use in resource planning analyses. The report is structured as follows: 

 Section 3 discusses the key assumptions behind Synapse’s estimates  

 Sections 4 through 8 present data from the sources reviewed by Synapse in developing 
its estimates of the future price of CO2 emissions 

 Section 9 presents Synapse’s 2012 Low, Mid, and High CO2 price forecasts, and 
compares these projections to a range of utility forecasts 

 Appendix A provides a more detailed discussion of state and regional GHG initiatives. 
Collectively, these initiatives suggest that momentum is building toward federal GHG 
action 

3. Discussion of Key Assumptions 
A. Federal GHG Legislation Is Increasingly Likely 
Congressional action in the form of cap-and-trade or clean energy standards is only one avenue in 
an increasingly dynamic and complex web of activities that could result in internalizing a portion of 
the costs associated with emissions of greenhouse gases from the electric sector. The states, the 
federal courts, and federal agencies are also grappling with the complex issues associated with 
climate change. Many efforts are proceeding simultaneously.  
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Nonetheless, we believe that a federal cap-and-trade program for GHGs is the most likely policy 
outcome, as it enables the reduction of significant amounts of GHGs while allowing those 
reductions to come from sources that can mitigate their emissions at the least cost. Several cap-
and-trade proposals have been taken up by Congress in the past few years, though none yet have 
been passed by both houses. (More discussion of this topic is provided in Section 5 of this report.)  

We further believe that federal action will occur in the near-term. This 2012 CO2 price forecast 
assumes that cap-and-trade legislation will be passed by Congress in the next five, and the 
resultant allowance trading program will take effect in 2020, prompted by one or more of the 
following factors: 

 technological opportunity; 

 a patchwork of state policies to achieve state emission targets for 2020 spurring industry 
demands for federal action; 

 a Supreme Court decision to allow nuisance lawsuits to go ahead, resulting in a financial 
threat to energy companies; and 

 increasingly compelling evidence of climate change.  

Given the interest and initiatives on climate change policies in states throughout the nation, a lack 
of federal action will result in a hodgepodge of state policies. This scenario is a challenge for any 
company that seeks to make investments in existing, modified, or new power plants. Historically, 
this pattern of states and regions leading with initiatives that are eventually superseded at a 
national level is common for energy and environmental policy in the US. It seems likely that this 
will be the dynamic that ultimately leads to federal action on greenhouse gases, as well.  

B. State and Regional Initiatives Building toward Federal Action 
The states—individually and coordinating within regions—are leading the nation’s policies to 
respond to the threat of climate change. In fact, several states, unwilling to postpone and wait for 
federal action, are pursuing policies specifically because of the lack of federal legislation. These 
policies are described below, and are discussed in more detail in Appendix A of this report.  

Cap and Trade Programs 

The Northeast/Mid-Atlantic region and the state of California have developed, or are in the last 
stages of developing, greenhouse gas caps and allowance trading. 2   

Under the Regional Greenhouse Gas Initiative (RGGI), ten Northeast and Mid-Atlantic states have 
agreed to a mandatory cap on CO2 emissions from the power sector with the goal of achieving a 
ten percent reduction in these emissions from levels at the start of the program by 2018.  

Meanwhile, California’s Global Warming Solutions Act (AB 32) has created the world’s second 
largest carbon market, after the European Union’s Emissions Trading System (EU ETS). The first 
compliance period for California’s cap-and-trade program will begin on January 1, 2013, and will 
cover electricity generators, carbon dioxide suppliers, large industrial sources, and petroleum and 

                                                   
2 The Midwest Greenhouse Gas Reduction Accord was developed in 2007. Though the agreement has not been 
formally suspended, the participating states are no longer pursuing it. 
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natural gas facilities emitting at least 25,000 metric tons of CO2e per year. The initial cap is set at 
162.8 million metric tons of CO2e and decreases by 2% annually through 2015. 

State GHG Reduction Laws 

Massachusetts: In 2008, the Massachusetts Global Warming Solutions Act was signed into law. 
In addition to the commitments to power sector emissions reductions associated with RGGI, this 
law committed Massachusetts to reduce statewide emissions to 10-25% below 1990 levels by 
2020 and 80% below 1990 levels by 2050. Following the development of a comprehensive plan on 
steps to meet these goals, the 2020 target was set at 25% below 1990 levels.3 Rather than put a 
price on carbon in the years before 2020, this plan will achieve a 25% reduction through a 
combination of federal, regional, and state-level regulations applying to buildings, energy supply, 
transportation, and non-energy emissions. 

Minnesota: In 2008, the Next Generation Energy Act was signed to reduce Minnesota emissions 
by 15% by 2015, 30% by 2025, and 80% by 2050.4 While the law called for the development of an 
action plan that would make recommendations on a cap-and-trade system to meet these goals, 
the near-term goals will be met by a combination of an aggressive renewable portfolio standard 
and energy efficiency. 

Connecticut: Also in 2008, the state of Connecticut passed its own Global Warming Solutions 
Act, establishing state level targets 10% below 1990 levels by 2020 and 80% below 2001 levels by 
2050. In December 2010, the state released a report on mitigation options focused on regulatory 
mechanisms in addition to strengthening RGGI and reductions of non-CO2 greenhouse gases.5 

Renewable Portfolio Standards & Other Initiatives 

A renewable portfolio standard (RPS) or renewable goal specifies that a minimum proportion of a 
utility’s resource mix must be derived from renewable resources. The standards range from 
modest to ambitious, and qualifying energy sources vary by state.  

Currently, 29 U.S. states have renewable portfolio standards. Eight others have renewable 
portfolio goals. In addition, many states are pursuing other policy actions relating to reductions of 
GHGs. These policies include, but are not limited to: greenhouse gas inventories, greenhouse gas 
registries, climate action plans, greenhouse gas emissions targets, and emissions performance 
standards. 

In the absence of a clear and comprehensive federal policy, many states have developed a broad 
array of emissions and energy related policies. For example, Massachusetts has a RPS of 15% in 
2020 (rising to 25% in 2030), belongs to RGGI (requiring specific emissions reductions from power 
plants in the state), and has set in place aggressive energy efficiency targets through the 2008 
Green Communities Act.  

                                                   
3 Massachusetts Clean Energy and Climate Plan for 2020, Available at: 
http://www.mass.gov/green/cleanenergyclimateplan 
4 Minnesota Statutes 2008 § 216B.241 
5 See http://www.ctclimatechange.com for further details on CT plans for emissions mitigation. 
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4. Marginal Abatement Costs and Technologies 
This chapter presents key data related to marginal abatement costs for CO2, which were reviewed 
by Synapse in developing its estimates of the future price of CO2 emissions. 

The long-run marginal abatement cost for CO2 represents the cost of the control technologies 
necessary for the last (or most expensive) unit of emissions reduction required to comply with 
regulations. This cost depends on emission reduction goals: lower emissions reduction targets can 
be met by lower-cost technologies, while more stringent targets will require additional reduction 
technologies that are implemented at higher costs. The Copenhagen Agreement, drafted at the 
15th session of the Conference of the Parties to the United Nations Framework Convention on 
Climate Change in 2009, recognizes the scientific view that in order to prevent the more drastic 
effects of climate change, the increase in global temperature should be limited to no more than 2° 
Celsius. Atmospheric concentrations of CO2 would need to be stabilized at 450 ppm in order to 
limit the global temperature increase to no more than 2°C.6 

In recent years, there have been several analyses of technologies that would contribute to 
emission reductions consistent with an increase in temperature of no more than 2°C. McKinsey & 
Company examined these technologies in a 2010 report entitled Impact of the Financial Crisis on 
Carbon Economics: Version 2.1 of the Global Greenhouse Gas Abatement Cost Curve. The CO2 
mitigation options identified by McKinsey and the costs of those options are shown in Figure 1. 
Global mitigation options are ordered from least expensive to most expensive, and the width of 
each bar represents the amount of mitigation likely at these costs. The chart represents a marginal 
abatement cost price curve, where cost of abatement is shown on the y-axis and cumulative 
metric tonnes of GHG reductions are shown on the x-axis. It is likely that the lowest cost 
reductions will be implemented first, but as reduction targets become more stringent and low-cost 
options are saturated, the cost of abatement technologies is likely to increase.  

The expected CO2 price at any given time is the marginal abatement cost, or the cost of the most 
expensive mitigation option or technology that is required to meet a specific mitigation target. The 
chart below provides a useful reference to the types of options and technologies that might be 
employed at specific CO2 prices.  

                                                   
6 IPCC, 2007: Summary for Policymakers. In: Climate Change 2007: Mitigation. Contribution of Working Group III to 
the Fourth Assessment Report of the Intergovernmental Panel on Climate Change [B. Metz, O.R. Davidson, P.R. 
Bosch, R. Dave, L.A. Meyer (eds)], Cambridge University Press, Cambridge, United Kingdom and New York, NY, 
USA. 
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Figure 1: Marginal Abatement Technologies and Associated Costs for the Year 2030.7 

 

As shown in Figure 1, technologies for carbon mitigation that are available to the electric sector 
include those related to energy efficiency, nuclear power, renewable energy, and carbon capture 
and storage (CCS) for fossil-fired generating resources. McKinsey estimates CCS technologies to 
cost 50-60 €/metric tonne (2005€). Converted into current dollars, this is equivalent to $65 to 
$85/short ton ($71.5 to $93.5/metric tonne, 2012$). According to the International Energy Agency 
(IEA), “in order to reach the goal of stabilizing global emissions at 450 ppm by 2050, CCS will be 
necessary.”8 Thus, it is reasonable to expect that a CO2 allowance price will rise to $65/short ton 
($71.5/metric tonne) or higher under a GHG policy designed to limit the global temperature 
increase to no more than 2°C. However, if significant reductions could be accomplished with CCS 
at the high $65-$85/short ton CO2 range, we would not expect CO2 mitigation prices to 
significantly exceed the top of that range. 

5. Analyses of Major Climate Change Bills 
This chapter presents key data related to analyses of major climate change bills proposed in 
Congress over the past few years, which were reviewed by Synapse in developing its estimates of 

                                                   

7 McKinsey & Company. Impact of the Financial Crisis on Carbon Economics: Version 2.1 of the Global 
Greenhouse Gas Abatement Cost Curve. 2010. Page 8. 
8 International Energy Agency. Technology Roadmap: Carbon Capture and Storage. 2009. Page 4. 
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the future price of CO2 emissions. Because we expect that a federal cap and allowance trading 
program will ultimately be adopted, analyses of these proposals offer some of the most relevant 
estimates of costs associated with greenhouse gas emissions under a variety of regulatory 
scenarios. It is not possible to compare the results of all of these analyses directly, however, 
because the specific models and the key assumptions vary. 

A. Cap-and-Trade Proposals 
In the past decade, the expectation has been that action on climate change policy will occur at the 
Congressional level. Legislative proposals have largely taken the form of cap-and-trade programs, 
which would reduce greenhouse gas emissions through a federal cap, and would allow trading of 
allowances to promote reductions in GHGs where they are most economic. Legislative proposals 
and President Obama’s stated target aim to reduce greenhouse gas emissions by up to 80% from 
current levels by 2050. 

Comprehensive climate legislation was passed in the House in the 111th Congress in the form of 
the American Clean Energy and Security Act of 2009 (ACES, also known as Waxman-Markey and 
HR 2454); however, the Senate ultimately did not take up climate legislation in that session. HR 
2454 was a cap-and-trade program that would have required a 17% reduction in emissions from 
2005 levels by 2020, and an 83% reduction by 2050. It was approved by the House of 
Representatives in June, 2009, but the Senate bill, known as the American Power Act of 2010 
(APA, also known as Kerry-Lieberman), never came to a vote.  

Figure 2, below, shows the results of EIA and EPA analyses of HR 2454 and APA. The chart 
shows the forecasted allowance prices in the central scenarios, as well as a range of sensitivities. 
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Figure 2: Greenhouse gas allowance price projections for HR 2454 and APA 2010 

 

 

Figure 3, below, show these values as levelized prices for the time period 2015 to 2030.9 

                                                   
9 Consistent with EIA and EPA modeling analyses, a 5% real discount rate was used in all levelization calculations. 
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Figure 3: Greenhouse gas allowance price projections for HR 2454 and APA 2010 - 
levelized 2015-2030 

 

B. Clean Energy Standard 
The 112th Congress chose not to revisit legislation establishing an economy-wide emissions cap, 
and instead focused on policies aimed at fostering technology innovation and developing 
renewable energy or clean energy standards. In March 2012, Senator Bingaman introduced the 
Clean Energy Standard Act of 2012 (S.2146), under which larger utilities would be required to 
meet a percentage of their sales with electric generation from sources that produce fewer 
greenhouse gas emissions than a conventional coal-fired power plant. All generation from wind, 
solar, geothermal, biomass, municipal solid waste, and landfill gas would earn a full CES credit, 
and new hydroelectric and nuclear facilities would also earn the credit. Lower-carbon fossil 
facilities, such as natural gas and coal with carbon capture, would earn partial credits based on 
their CO2 emissions. Generation owners would be required to hold credits equivalent to 24% of 
their sales beginning in 2015, and the CES requirement rises over time to 84% by 2035, creating 
demand for renewable energy and low-emissions technologies. The credits generated by these 
clean technologies would be tradable and have a value that would change depending on how 
costly the policy is to achieve. The Clean Energy Standard would apply to utilities with sales 
greater than 2 million MWh, and expand to include those with sales greater than 1 million MWh by 
2025. 
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The EIA conducted analyses of a potential Clean Energy Standard in both 2011 and 2012.10,11 All 
of these cases result in some level of increase in nuclear, gas, and renewable generation, typically 
at the expense of coal. The exact generation mix, as well as the resulting reduction in emissions, 
is highly dependent on both the technology costs and policy design. The resulting CES Credit 
prices (Figure 4) vary widely, from 25 to 70 mills/kWh in 2020,12 rising to 47 to 138 mills/kWh in 
2035. The credit cap cases show a smaller rise in credit prices. When credit prices are capped at 
a specific value, clean energy deployment and emissions abatement is reduced. 

Figure 4: CES Credit Prices in EIA Analyses of a US Clean Energy Standard 

 

An effective CO2 allowance price can be calculated based on the fact that this policy gives existing 
gas combined cycle units 0.48 credits and existing coal units zero credits, and the emissions from 
an average gas unit are about 0.57 tCO2/MWh and from an average coal unit 1.125 tCO2/MWh.13 
For the BCES 2012 case, this results in effective prices increasing from $18.4/tCO2 in 2015 to 
$71.4/tCO2 in 2035. 

 

                                                   
10 US EIA. 2011. Analysis of Impacts of a Clean Energy Standard as requested by Chairman Bingaman. 
http://www.eia.gov/analysis/requests/ces_bingaman/. 
11 US EIA. 2012. Analysis of the Clean Energy Standard Act of 2012. http://www.eia.gov/analysis/requests/bces12/. 
12 A mill is one one-hundredth of a cent. Therefore, these CES prices in 2020 represent costs of 0.25 to 0.70 
c/kWh, or $2.5 to $7/MWh. 
13 EPA Air Emissions Overview, Available at: http://www.epa.gov/cleanenergy/energy-and-you/affect/air-
emissions.htm 
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6. Key Factors Affecting Allowance Price Projections 
Dozens of analyses over the past several years have shown that there are a number of factors 
that affect projections of allowance prices under federal greenhouse gas regulation. Some of 
these factors derive from the details of policy design, while others pertain to the context in which a 
policy would be implemented.  

Factors in a forecast include: the base case emissions forecast; the reduction targets in each 
proposal; whether complementary policies such as aggressive investments in energy efficiency 
and renewable energy are implemented independent of the emissions allowance market; the 
policy implementation timeline; program flexibility regarding emissions offsets (perhaps including 
international offsets) and allowance banking; assumptions about technological progress; the 
presence or absence of a “safety valve” price; and emissions co-benefits. Figures 6 and 7 show 
the very significant ranges in emissions and allowance prices for the Waxman-Markey and APA 
federal cap-and-trade policies, as well as several associated sensitivities, including assumptions 
on banking, international offsets, technology cost and progress, and gas supply. 

Figure 5: GHG Emissions in Waxman-Markey and APA policies and sensitivities 
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Figure 6: Allowance prices in ACES and APA policies and sensitivities 

 

A. Assessing the Potential Impact of a Natural Gas Supply Increase 
The recent shale gas boom has put substantial downward pressure on natural gas prices. Several 
factors could influence future gas prices, including the estimated ultimate recovery per well as well 
as concerns about the environmental impacts of hydraulic fracturing.14 The impact of higher or 
lower gas prices on carbon prices is uncertain. In the near term, lower natural gas prices are likely 
to make emissions mitigation in the electric sector less expensive, as gas power plants can at 
times be a cost-effective replacement for aging coal plants. Conversely, as marginal electricity 
prices are frequently set by natural gas plants, lower gas prices will contribute to lower electricity 
prices, potentially increasing electricity consumption and associated emissions. Lower electricity 
prices also make it more difficult for renewable technologies with even lower emissions than gas 
to compete in electricity markets.  

In 2010, Resources for the Future used a version of the EIA’s National Energy Modeling System 
(NEMS) energy model to test effects of increased gas supply from shale gas. Under a moderate 
climate policy, the high gas scenario decreased the 2030 allowance price by less than 1%, from 
$61.1 to $60.8 per short ton CO2 ($67.26 to $66.83 per metric tonne).15 The EIA showed similar 
results in its analysis of the American Power Act; increased gas supply decreased the 2030 
allowance price by less than 0.1%, from $49.80 to $49.78 per short ton CO2 ($54.78 to $54.76 per 

                                                   
14 EIA (2012) “Projected natural gas prices depend on shale gas resource economics” 
http://www.eia.gov/todayinenergy/detail.cfm?id=7710 
15 Brown et al (2010). “Abundant Shale Gas Resources: Some Implications for Energy Policy”. Available at: 
http://www.rff.org/RFF/Documents/RFF-BCK-Brownetal-ShaleGas.pdf 
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metric tonne).16 In the policies studied by EIA and RFF, the result of an increased gas supply 
amounted to an inconsequential reduction in CO2 prices. At this point it appears that, while a large 
shale gas resource may change how each policy is met, it is not a significant driver in the CO2 cost 
that utilities should use for planning. Other studies are ongoing to explore these issues further.17 

7. The US Interagency Social Cost of Carbon 
In 2010, the U.S. government began to use “social cost of carbon” values to account for the 
damages resulting from climate change.18 Four values for the social cost of carbon were initially 
provided by the Interagency Working Group on the Social Cost of Carbon, a group composed of 
members of the Department of Agriculture, Department of Commerce, Department of Energy, 
Environmental Protection Agency, and Department of Transportation, among others. This group 
was tasked with the development of a consistent value for the social benefits of climate change 
abatement. These values, $4.5, $19.1, $31.8, and $59.1 per short ton CO2 ($5, $21, $35, and $65 
per metric tonne, in 2007 dollars), accounted for three discount rates and one estimate of the high 
cost tail-end of the distribution of impacts. As of May 2012, these estimates have been used in at 
least 20 federal government rulemakings, for policies including fuel economy standards, industrial 
equipment efficiency, lighting standards, and air quality rules.19 

These values are the result of analysis of the DICE, PAGE, and FUND integrated assessment 
models. The combination of complex climate and economic systems with these reduced-form 
integrated assessment models leads to substantial uncertainties. In a 2012 paper, Ackerman and 
Stanton20 modified assumptions used by the Interagency Working Group related to climate 
sensitivity, the expected level of damages at low and high greenhouse gas concentrations, and 
the assumed discount rate, and found values for the social cost of carbon ranging from the 
Working Group’s level up to more than an order of magnitude greater. Despite limitations in the 
calculations for the social cost of carbon stemming from the choice of socio-economic scenarios, 
modeling of the physical climate system, and projecting damages hundreds of years into the 
future, this multi-agency effort represents an initial attempt at incorporating consistent values for 
the benefits associated with CO2 abatement in federal policy. 

                                                   
16 EIA (2010) “Energy Market and Economic Impacts of the American Power Act of 2010”. Available at: 
http://www.eia.gov/oiaf/servicerpt/kgl/index.html 
17 The Energy Modeling Forum will evaluate carbon constraints under cases of reference and high case supply 
levels in the EMF 26 study, which began in late 2011 and is ongoing (see http://emf.stanford.edu/research/emf_26/) 
18 Interagency Working Group on the Social Cost of Carbon, U. S. G. (2010). Appendix 15a. Social cost of carbon 
for regulatory impact analysis under Executive Order 12866. In Final Rule Technical Support Document (TSD): 
Energy Efficiency Program for Commercial and Industrial Equipment: Small Electric Motors. U.S. Department of 
Energy. URL http://go.usa.gov/3fH. 
19 Robert E. Kopp and Bryan K. Mignone (2012). The U.S. Government’s Social Cost of Carbon Estimates after 
Their First Two Years: Pathways for Improvement. Economics: The Open-Access, Open-Assessment E-Journal, 
Vol. 6, 2012-15. http://dx.doi.org/10.5018/economics-ejournal.ja.2012-15 
20 Frank Ackerman and Elizabeth A. Stanton (2012). Climate Risks and Carbon Prices: Revising the Social Cost of 
Carbon. Economics: The Open-Access, Open-Assessment E-Journal, Vol. 6, 2012-10. 
http://dx.doi.org/10.5018/economics-ejournal.ja.2012-10 
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8. CO2 Price Forecasts in Utility IRPs 
A number of electric companies include projections of costs associated with greenhouse gas 
emissions in their resource planning procedures. Figure 7, below, summarizes the central values 
of publicly available forecasts used by utilities in resource planning over the past two years. 

Figure 7: Utility Mid Case CO2 Price Forecasts 
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9. Recommended 2012 CO2 Price Forecast 
Based on analyses of the sources described in Sections 4 through 8, above, and relying on its 
own expert judgment, Synapse developed Low, Mid, and High case forecasts for CO2 prices from 
2020 to 2040. Figure 8 shows the range covered by the Synapse forecasts in three key years, 
2020, 2030, and 2040. These forecasts share the common assumption that a federal cap-and-
trade policy will be passed sometime within the next five years, and will go into effect in 2020. All 
annual allowance prices and levelized values are reported in 2012 dollars per short ton of carbon 
dioxide.21 

Figure 8: Synapse 2012 Forecast Values  

 
Each of the forecasts shown in Figure 9 represents a different appetite for reducing carbon, as 
described below.  

 The Low case forecast starts at $15/ton in 2020, and increases to approximately $35/ton 
in 2040, representing a $23/ton levelized price over the period 2020-2040.22 This forecast 
represents a scenario in which Congress begins regulation of greenhouse gas emissions 
slowly—for example, by including a modest emissions cap, a safety valve price, or 
significant offset flexibility.  This price forecast could also be realized through a series of 

                                                   
21 All values in the Synapse Forecast are presented in 2012 dollars. Results from EIA and EPA modeling analyses 
were converted to 2012 dollars using price deflators taken from the US Bureau of Economic Analysis, and available 
at: http://www.bea.gov/national/nipaweb/SelectTable.asp Because data were not available for 2012 in its entirety, 
values used for conversion were taken from Q2 of each year. Consistent with EIA and EPA modeling analyses, a 
5% real discount rate was used in all levelization calculations. 
22 Throughout this report, CO2 allowance prices are presented in $2012 per short ton CO2, except in reference to a 
few original sources, where alternate units are clearly labeled. Results from other modeling analyses were 
converted to 2012 dollars using price deflators taken from the US Bureau of Economic Analysis. Because data were 
not available for 2012 in its entirety, values used for conversion were taken from Q2 of each year. 
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complementary policies, such as an aggressive federal Renewable Portfolio Standard, 
substantial energy efficiency investment, and/or more stringent automobile CAFE mileage 
standards (in an economy-wide regulation scenario). Such complementary policies would 
lead directly to a reduction in CO2 emissions independent of federal cap-and-trade, and 
would thus lower the expected allowance prices associated with the achievement of any 
particular federally mandated goal. 

 The Mid case forecast starts at $20/ton in 2020, and increases to approximately $65/ton in 
2040, representing a $39/ton levelized price over the period 2020-2040. This forecast 
represents a scenario in which a federal cap-and-trade program is implemented with 
significant but reasonably achievable goals, likely in combination with some level of 
complementary policies to give some flexibility in meeting the reduction goals. These 
complementary policies would include renewables, energy efficiency, and transportation 
standards, as well as some level of allowance banking and offsets. Also assumed in the 
Mid case is some degree of technological learning, i.e. assuming that prices for emissions 
reductions technologies will decline as greater efficiencies are realized in their design and 
manufacture and as new technologies become available. 

 The High case forecast starts at $30/ton in 2020, and increases to approximately $90/ton 
in 2040, representing a $59/ton levelized price over the period 2020-2040. This forecast is 
consistent with the occurrence of one or more factors that have the effect of raising prices. 
These factors include somewhat more aggressive emissions reduction targets; greater 
restrictions on the use of offsets; restricted availability or high cost of technology 
alternatives such as nuclear, biomass and carbon capture and sequestration; more 
aggressive international actions (thereby resulting in fewer inexpensive international 
offsets available for purchase by U.S. emitters); or higher baseline emissions. 

The following charts compare the Synapse Mid case against various utility estimates. Data on 
utility estimates was collected from a wide range of available public Integrated Resource Plans 
(IRP). We have excluded several IRP with zero carbon prices or IRP with no carbon price given, 
accounting for 9 of 65 collected. 

Figure 9, below, shows 26 utility CO2 price forecasts, with 2030 prices ranging from $10/tCO2 to 
above $80/tCO2. Due to the extended development period of many IRP, some of these forecasts 
may not accurately reflect very recent years; a NM Public Service forecast, for example, begins in 
2010, when there was certainly not an economy-wide CO2 price. Nevertheless, IRP do their best 
to represent accurate views of the future, in order to develop least-cost plans. The Synapse Mid 
forecast, beginning at $20/tCO2 and rising to $65/tCO2, lies solidly in the middle of the other 
forecasts shown here. 
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Figure 9: Synapse 2012 Mid forecast as compared to the reference cases of various U.S. 
utilities (2010-2012)23 

 

                                                   
23 Legend given here is common to all subsequent utility price forecast charts. While scenario names may change, 
colors are constant for a given utility. 
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Figure 10: Utility High forecasts compared to utility Mid forecasts 

 
 

Figure 10, above, overlays the high case forecasts of many IRPs on top of the mid case forecasts 
(now shaded in grey). Not all IRP that provide mid-level forecasts also provide high forecasts. The 
high cases generally reflect a nearer-term policy start date, as well as a more rapid rate of 
increase in prices with time. 
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Figure 11: Utility High forecasts compared to utility Mid forecasts, with Synapse High case 

 
 

Figure 11 overlays the Synapse High case forecast on top of what is shown in Figure 10. The 
Synapse forecast starts later than most, and rises from $30/tCO2 to $90/tCO2 in 2040. 
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Figure 12: Utility Low and Mid forecasts 

 
 

Figure 12, above, overlays the low forecasts of many IRP on top of the Mid case forecasts. The 
low forecasts both start at substantially lower values (occasionally at zero values), and rise at 
slower rates. 
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Figure 13: Synapse Low forecast compared to utility Low forecasts 

 
 

Figure 13 overlays the Synapse Low case forecast on top of IRP low case forecasts. The Synapse 
forecast starts later than most and rises from $15/tCO2 to $35/tCO2 in 2040. 

The Synapse 2012 CO2 price trajectories are shown in Figure 14 and  

Table 1, below. 
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Figure 14: Synapse 2012 CO2 Price Trajectories 

 

 

Table 1: Synapse 2012 CO2 Allowance Price Projections (2012 dollars per short ton CO2) 

 

Year Low Case Mid Case High Case

2020 $15.00 $20.00 $30.00

2021 $16.00 $22.25 $34.00

2022 $17.00 $24.50 $38.00

2023 $18.00 $26.75 $42.00

2024 $19.00 $29.00 $46.00

2025 $20.00 $31.25 $50.00

2026 $21.00 $33.50 $54.00

2027 $22.00 $35.75 $58.00

2028 $23.00 $38.00 $62.00

2029 $24.00 $40.25 $66.00

2030 $25.00 $42.50 $70.00

2031 $26.00 $44.75 $72.00

2032 $27.00 $47.00 $74.00

2033 $28.00 $49.25 $76.00

2034 $29.00 $51.50 $78.00

2035 $30.00 $53.75 $80.00

2036 $31.00 $56.00 $82.00

2037 $32.00 $58.25 $84.00

2038 $33.00 $60.50 $86.00

2039 $34.00 $62.75 $88.00

2040 $35.00 $65.00 $90.00

Levelized $23.24 $38.54 $59.38
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The Synapse projections represent a range of possible future costs. These recommended price 
trajectories will be useful for testing long-term investment decisions in electric sector resource 
planning. There will certainly be variability and volatility in prices caused by supply and demand 
dynamics, as there is with other cost drivers. Nonetheless, these projections represent a useful 
price range for resource planning and policy analysis in the face of uncertainty. 

Figure 15, below, shows Synapse’s Low, Mid, and High forecasts compared to the full range of 
utility forecasts shown above.  

Figure 15: Synapse forecasts compared to the range of utility forecasts 

 
 

Figure 16, below, compares the levelized costs of Synapse’s Low, Mid, and High cases against 
the levelized costs of utility estimates for 2020 through 2030, a period after the start and before 
the end of most forecasts. Levelizing between 2020 and 2030 results in different Synapse values 
than presented in Table 1, where forecasts were levelized between 2020 and 2040. 
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Figure 16: Levelized price of CO2, 2020-2030, utilities and Synapse24 

 

 

  

                                                   
24 All forecasts are levelized with a 5% discount rate based on CO2 prices between 2020 and 2030. Forecasts with 
a price for only a single year excluded. 
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Appendix A: State and Regional GHG Initiatives 
The states—individually and coordinating within regions—are leading the nation’s policies to 
respond to the threat of climate change. In fact, several states, unwilling to postpone and wait for 
federal action, are pursuing policies specifically because of the lack of federal legislation.   

This appendix provides a more thorough discussion of state and regional greenhouse gas (GHG) 
initiatives. Collectively, these initiatives suggest that momentum is building toward more 
comprehensive federal GHG action. 

Cap and Trade Programs 

The Northeast/Mid-Atlantic region and the state of California have developed, or are in the last 
stages of developing, greenhouse gas caps and allowance trading. 25   

Regional Greenhouse Gas Initiative: The Regional Greenhouse Gas Initiative (RGGI) is an 
effort of ten Northeast and Mid-Atlantic states to limit greenhouse gas emissions, and is the first 
market-based CO2 emissions reduction program in the United States. Participating states have 
agreed to a mandatory cap on CO2 emissions from the power sector with the goal of achieving a 
ten percent reduction in these emissions from levels at the start of the program by 2018.26 This is 
the first mandatory carbon trading program in the nation. Recently, allowance prices have been 
hitting the CO2 price floor, as actual emissions are far below the budget of 188 mtons/year. 

California:  In 2006, the California Legislature passed the Global Warming Solutions Act (AB 32), 
which requires the state to reduce emissions of GHGs to 1990 levels by 2020. The California Air 
Resources Board (CARB) outlined more than a dozen measures to reduce carbon emissions to 
target levels in its 2008 Scoping Plan. Those measures include a renewable portfolio standard, a 
low carbon fuel standard, and a cap-and-trade program. Approximately 22.5% of the emissions 
reductions called for by AB 32 are estimated to occur under the cap-and-trade program. California 
will have the world’s second largest carbon market, after the European Union’s Emissions Trading 
System (EU ETS). 

The first compliance period for the program will begin on January 1, 2013, and will cover electricity 
generators, carbon dioxide suppliers, large industrial sources, and petroleum and natural gas 
facilities emitting at least 25,000 metric tons of CO2e per year. The second compliance period will 
run from 2015-2017, and the third compliance period will cover 2018-2020. During these periods, 
the cap-and-trade program will expand to cover suppliers of natural gas, distillate fuel oil, and 
liquefied petroleum gas if the combustion of their products would result in 25,000 metric tons of 
CO2e or more.27 The initial cap is set at 162.8 million metric tons of CO2e and decreases by 2% 
annually through 2015. When additional sources are added, the cap increases to accommodate 
them, but then increases the percentage reductions in emissions to 3% in 2016, rising to 2.5% in 
2020. The state plans to allocate the bulk of allowances for free in 2013, but will gradually auction 

                                                   
25 The Midwest Greenhouse Gas Reduction Accord was developed in 2007. Though the agreement has not been 
formally suspended, the participating states are no longer pursuing it. 
26 The ten states are: Connecticut, Delaware, Maine, Maryland, Massachusetts, New Hampshire, New Jersey, New 
York, Rhode Island, and Vermont. Information on the RGGI program, including history, important documents, and 
auction results is available on the RGGI Inc website at www.rggi.org 
27 §95812 (d)(1), page 48 
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an increasing number of allowances between 2013 and 2020. Banking28 and offsets29 are both 
allowed under the California program. 

The state of California has set a floor price for allowances beginning at $9.1/short ton in 2013 
($10/metric tonne), and rising annually by 5% plus the rate of inflation.30 In 2010 the Air Resources 
Board modeled the CO2 allowance price trajectory that would enable reduction targets to be met 
under the following five cases:  

1. Scoping Plan: Implements all of the measures contained in CARB’s Scoping Plan 

2. No Offsets: Does not allow offsets in the cap-and-trade program 

3. Reduced Transport: Examines less effective implementation of the transportation-sector 
measures 

4. Reduced Electricity/Gas: Examines less successful implementation of the electricity and 
natural gas measures 

5. Combined Measures Reduced: Examines less successful implementation of 
transportation, electricity, and natural gas measures31 

These five cases represent different scenarios of regulatory programs which, although different 
from the cap-and-trade program, can simultaneously help to achieve the goals of cap-and-trade. 
These regulatory measures are known as complementary policies. Figure 17, below, shows the 
allowance price trajectories associated with those five cases. 

                                                   
28 §95922 (a), page 151 
29 §95973 (a)(2)(C), page 156 
30 §95911 (b)(6), page 129 
31 California Air Resources Board. Updated Economic Analysis of California’s Climate Change Scoping Plan: Staff 
Report to the Air Resources Board. March 24, 2010. Page ES-6. 

Exhibit JIF-2



 

 
September 2012 Carbon Dioxide Price Forecast 

 

▪ 30 

Figure 17: AB 32 Modeled Allowance Price Trajectories32 

 

As shown in Figure 17, when the policies that are complementary to the cap-and-trade program 
are less effective, greater CO2 reductions need to occur under the cap-and-trade program, and the 
allowance price is much higher. Similarly, the availability of offsets lowers the allowance price in 
the cap-and-trade program, as compliance with reduction targets can be met with offsets. This 
allows banking of allowances in the beginning of the program, which can keep allowance prices 
lower in later years. 

California’s first allowance auction is scheduled for November 14. A trial auction was completed 
on August 30, and more than 430 entities that will be regulated under the cap-and-trade program 
were invited to participate. CARB does not plan to release a settlement price, but on the date of 
the test auction, futures for December 2013 were trading at $14.77/short ton ($16.30/metric ton), 
and forward contracts had sold for $14.77 and $14.82/short ton ($16.25 and $16.30/metric ton).  

State GHG Reduction Laws 

Massachusetts: In 2008, the Massachusetts Global Warming Solutions Act was signed into law. 
In addition to the commitments to power sector emissions reductions associated with RGGI, this 
law committed Massachusetts to reduce statewide emissions to 10-25% below 1990 levels by 
2020 and 80% below 1990 levels by 2050. Following the development of a comprehensive plan on 
steps to meet these goals, the 2020 target was set at 25% below 1990 levels.33 Rather than put a 
price on carbon in the years before 2020, this plan will achieve a 25% reduction through a 

                                                   
32 Id. Page 40. 
33 Massachusetts Clean Energy and Climate Plan for 2020, Available at: 
http://www.mass.gov/green/cleanenergyclimateplan 
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combination of federal, regional, and state level regulations applying to buildings, energy supply, 
transportation, and non-energy emissions. 

Minnesota: In 2008, the Next Generation Energy Act was signed to reduce Minnesota emissions 
by 15% by 2015, 30% by 2025, and 80% by 2050.34 While the law called for the development of 
an action plan that would make recommendations on a cap-and-trade system to meet these goals, 
the near-term goals will be met by a combination of an aggressive renewable portfolio standard 
and energy efficiency. 

Connecticut: Also in 2008, the state of Connecticut passed its own Global Warming Solutions 
Act, establishing state level targets 10% below 1990 levels by 2020 and 80% below 2001 levels by 
2050. In December 2010, the state released a report on mitigation options focused on regulatory 
mechanisms in addition to strengthening RGGI and reductions of non-CO2 greenhouse gases.35 

Renewable Portfolio Standards & Other Initiatives 

A renewable portfolio standard (RPS) or renewable goal specifies that a minimum proportion of a 
utility’s resource mix must be derived from renewable resources. These policies require electric 
utilities and other retail electric providers to supply a specified minimum amount—usually a 
percentage of total load served—with electricity from eligible resources. The standards range from 
modest to ambitious, and qualifying energy sources vary by state.  

In general the goal of an RPS policy is to increase the development of renewable resources by 
creating a market demand. Increasing demand makes these technologies more economically 
competitive with other less expensive, but polluting, forms of electric generation. Many other policy 
objectives drive the adoption of an RPS or renewable goal, including climate change mitigation, 
job creation, energy security, and cleaner air.  

The impact of an RPS on CO2 emissions is dependent on factors such as: 

 the types of resources that are eligible to meet the standard, 

 the target level set by the RPS, 

 the base quantity of electricity sales upon which the standard is set,  

 how renewable energy credits (RECs) or attributes are tracked or counted,  

 how RECs are assigned to different resources, 

 banking, trading and borrowing of RECs, 

 alternative compliance options, and  

 coordination with other state and federal policies. 

Currently, 29 US states have renewable portfolio standards. Eight others have renewable portfolio 
goals. 

                                                   
34 Minnesota Statutes 2008 § 216B.241 
35 See http://www.ctclimatechange.com for further details on CT plans for emissions mitigation. 
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In addition, many states are pursuing other policy actions relating to reductions of GHGs. These 
policies include, but are not limited to: greenhouse gas inventories; greenhouse gas registries; 
climate action plans, greenhouse gas emissions targets, and emissions performance standards. 

In the absence of a clear and comprehensive federal policy, many states have developed a broad 
array of emissions and energy related policies. For example, Massachusetts has a RPS of 15% in 
2020 (rising to 25% in 2030), belongs to RGGI, requiring specific emissions reductions from power 
plants in the state, and has set in place aggressive energy efficiency targets through the 2008 
Green Communities Act.  

Hawaii, while not part of a regional climate initiative, has an even more aggressive RPS, seeking 
to achieve 40% renewable energy by 2030, coupled with an Energy Efficiency Portfolio Standard 
with the goal of reducing electricity use by 4,300 GWh by 2030. After 2013, 2% of electricity 
revenues in Hawaii will go towards a Public Benefit Fund, an independent entity tasked with 
promoting and incentivizing energy efficiency measures across the state. 
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Indianapolis Power & Light Company
Cause No. 44242

CAC-SC DR 1-48 Supp Response Attachment 1

IPL's Big Five Capital and Expense O&M Cost Estimates (in 2012$).

O&M ($M) HS-7 Pete 1 Pete 2 Pete 3 Pete 4
BASE Variable 7.6 3.0 6.0 7.9 6.9

Fixed 31.0 12.8 23.6 28.8 30.1

MATS Variable 4.9 3.8 4.7 6.0 14.8
Fixed 1.0 1.1 0.8 0.4 1.0

OTHER Variable 2.4 2.3 3.5 3.1 4.1
Fixed 2.4 2.3 3.5 3.1 4.1

TOTAL Variable 14.9 9.1 14.2 17.0 25.8
Fixed 34.5 16.3 27.9 32.3 35.2

VARIABLE O&M ($/MWH) HS-7 Pete 1 Pete 2 Pete 3 Pete 4
BASE 2.6 1.8 2.0 2.1 1.8
MATS 1.7 2.4 1.6 1.6 3.9

OTHER 0.8 1.5 1.2 0.8 1.1

TOTAL 5.1 5.7 4.7 4.5 6.8
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$000

2012 2013 2014 2015 2016 2017 2018 2019 2020 2021
GROUP
Power Supply (Non-Outage)
   Petersburg 8,725                     10,365               13,362             18,644              12,407             11,997              11,500             12,481             9,414               11,224              
   Harding Street 4,818                     4,513                 2,875               1,603                3,727               4,494                3,535               3,051               6,969               7,160                
   Eagle Valley 955                        1,422                 1,561               872                    2,109               ‐                     ‐                    ‐                    ‐                    ‐                     

   Total Power Supply (Non-Outage) 14,498                  16,300                17,798               21,119                18,243               16,491               15,035               15,532               16,383               18,384              

Power Supply (Outage)
   Petersburg 17,667                  24,665               10,399             16,230              6,808               9,550                7,707               17,866             55,055             32,039              
   Harding Street 12,934                  2,650                 4,737               5,544                5,696               558                    1,639               2,980               (726)                  932                    
   Eagle Valley 260                        50                       ‐                    ‐                    37,509             ‐                     ‐                    ‐                    ‐                    ‐                     

     Total Power Supply (Outage) 30,861                  27,365                15,136               21,774                50,013               10,108               9,346                 20,846               54,329               32,971              

Supply Coordination ‐                         500                     7,920               ‐                    ‐                   ‐                     ‐                    ‐                    ‐                    ‐                     
Power Supply Environmental 3,950                   2,450                 4,316               6,864                2,550               6,411                5,816               8,568               1,392               6,401                

   TOTAL POWER SUPPLY 49,309                  46,615                45,170               49,757                70,806               33,010               30,197               44,946               72,104               57,756              
         

Customer Operations
Power Delivery 80,862                72,081               78,301             81,061              74,379             75,601              76,430             79,208             80,720             81,194              
Customer Service 358                        735                     ‐                    ‐                    ‐                   ‐                     ‐                    294                   ‐                    ‐                     

   TOTAL CUSTOMER OPS 81,220                  72,816                78,301               81,061                74,379               75,601               76,430               79,502               80,720               81,194              
 

Corporate  
Financial Services 120                        ‐                     ‐                    ‐                    ‐                   ‐                     ‐                    ‐                    ‐                    ‐                     
Information Technology 8,562                     5,631                 5,810               15,520              14,545             2,670                3,670               7,270               5,770               3,770                
Human Resources 40                        ‐                     ‐                    ‐                    ‐                   ‐                     ‐                    ‐                    ‐                    ‐                     
General Counsel 245                        ‐                     ‐                    ‐                    ‐                   ‐                     ‐                    ‐                    ‐                    ‐                     
Community Relations 81                          ‐                     ‐                    ‐                    ‐                   ‐                     ‐                    ‐                    ‐                    ‐                     
Safety 30                        ‐                     ‐                    ‐                    ‐                   ‐                     ‐                    ‐                    ‐                    ‐                     
Corporate CAPEX ‐                       468                     471                   484                    499                   512                    526                   539                   555                   571                    

   TOTAL CORPORATE 9,078                     6,099                  6,281                 16,004                15,044               3,182                 4,196                 7,809                 6,325                 4,341                
 

   TOTAL GROUP 139,607                125,530            129,752           146,822           160,229          111,793            110,823           132,257           159,149           143,291            
 

Pete 4 FGD Upgrade 1,859                   ‐                     ‐                    ‐                    ‐                   ‐                     ‐                    ‐                    ‐                    ‐                     

Project Development 1,369                     4,373                 779                   184                    189                   194                    200                   205                   211                   216                    

   TOTAL CAPEX 142,835              129,903            130,531           147,006           160,418          111,987            111,023           132,462           159,360           143,507            

Unspecified CAPEX Pool 2,000                   2,000                 2,000               2,000                2,000               2,000                2,000               2,000               2,000               2,000                

   TOTAL CAPEX INCL. UNSPECIFIED POOL 144,835                131,903            132,531           149,006           162,418          113,987            113,023           134,462           161,360           145,507            

 MTC 141,776              127,703             131,931           149,006            162,418           113,987            113,023           134,462           161,360           145,507            
 GROWTH 1,200                   4,200                 600                   ‐                    ‐                     ‐                     ‐                    ‐                    ‐                    ‐                     
 ENV 1,859                   ‐                     ‐                    ‐                    ‐                   ‐                     ‐                    ‐                    ‐                    ‐                     
 

DOE Grants shown as Other Investing Not CapEx (6,016)                 (1,065)                ‐                    ‐                    ‐                   ‐                     ‐                    ‐                    ‐                    ‐                     

CAPEX SUMMARY ANALYSIS--TOTAL COMPANY
2012-2021 BUDGET

CAC-SC DR 1-48cd, Attachment 1 Exhibit JIF-3
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$000 2011
 Actual 2012 2013 2014 2015 2016 2017 2018 2019 2020 2021
GROUP
Power Supply (Non-Outage)           
   Petersburg 58,110      59,971       59,717       60,888       63,206       64,546      66,810       68,792      70,926       72,791     75,103      
   Harding Street 23,070      22,319       23,232       24,873       25,585       23,740      25,349       25,355      26,063       27,286     27,840      
   Eagle Valley 11,457      11,580       11,924       12,675       12,699       -           -            -           -            -           -           
   Supply Coordination 4,455        4,343         4,681         4,326         4,450         4,578        4,709         4,844        4,983         5,126       5,273        
   Total Power Supply (Non-Outage) 97,092      98,213       99,554       102,762      105,940     92,864      96,868       98,991      101,972     105,203   108,216    

           
Power Supply (Outage)            
   Petersburg 39,016      14,263       31,745       20,089       22,674       20,811      20,235       15,244      19,270       46,816     33,456      
   Harding Street 1,191        9,610         8,035         4,034         8,425         6,659        1,245         7,294        14,113       1,142       7,275        
   Eagle Valley 2,645        2,633         1,734         1,852         2,403         -           -            -           -            -           -           
     Total Power Supply (Outage) 42,852      26,506       41,514       25,975       33,502       27,470      21,480       22,538      33,383       47,958     40,731      
   TOTAL POWER SUPPLY 139,944    124,719     141,068     128,737      139,442     120,334    118,348     121,529    135,355     153,161   148,947    

           
Customer Operations            
Power Delivery 56,210      61,206       63,736       65,512       67,254       69,065      70,970       72,895      74,862       77,071     79,184      
Customer Service 13,294      14,150       14,193       14,547       14,947       15,358      15,780       16,214      16,660       17,118     17,589      
   TOTAL CUSTOMER OPS 69,504      75,356       77,929       80,059       82,201       84,423      86,750       89,109      91,522       94,189     96,773      

           
Corporate            
Financial Services 6,644        6,866         7,161         7,138         7,320         8,132        8,193         8,391        8,723         8,800       9,014        
Information Technology 14,995      15,595       17,473       17,487       18,043       18,754      19,316       19,892      20,482       21,087     21,707      
Human Resources 2,360        2,222         2,355         2,397         2,461         2,527        2,595         2,665        2,736         2,810       2,885        
Internal Audit 125           301            309            317            325            334           344            353           363            373          383           
Corporate Affairs 2,976        2,626         2,721         2,795         2,871         2,949        3,030         3,112        3,197         3,284       3,374        
General Counsel 10,574      8,590         8,856         9,077         9,327         9,584        9,847         10,118      10,396       10,682     10,976      
Community Relations 4,638        4,686         4,978         5,102         5,243         5,387        5,535         5,687        5,843         6,004       6,169        
CEO 646           678            705            723            743            763           784            805           828            850          874           
Safety 1,084        1,224         1,229         1,263         1,298         1,335        1,373         1,412        1,452         1,493       1,535        
   TOTAL CORPORATE 44,042      42,788       45,787       46,299       47,631       49,765      51,017       52,435      54,020       55,383     56,917      

           
   TOTAL GROUP 253,490    242,863     264,784     255,095      269,274     254,522    256,115     263,073    280,897     302,733   302,637    

            
Environmental            
Petersburg 4,107        7,152         7,351         6,979         7,784         7,313        8,371         8,603        9,309         9,330       9,562        
Harding Street 8,717        11,916       12,629       11,647       11,993       12,486      11,535       12,909      13,546       13,590     13,382      
Eagle Valley 125           78              80              82              84             -           -            -           -            -           -           
   ENVIRONMENTAL 12,949      19,146       20,060       18,708       19,861       19,799      19,906       21,512      22,855       22,920     22,944      

           
     TOTAL O&M + OTHER 266,439    262,009     284,844     273,803      289,135     274,321    276,021     284,585    303,752     325,653   325,581    

 

 

O&M + OTHER SUMMARY ANALYSIS--TOTAL COMPANY
2011-2021
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STATE OF INDIANA 1 

INDIANA UTILITY REGULATORY COMMISSION 2 

 3 

VERIFIED PETITION OF INDIANAPOLIS POWER & 
LIGHT COMPANY (“IPL”), AN INDIANA 
CORPORATION, FOR APPROVAL OF CLEAN 
ENERGY PROJECTS AND QUALIFIED POLLUTION 
CONTROL PROPERTY AND FOR ISSUANCE OF A 
CERTIFICATE OF PUBLIC CONVENIENCE AND 
NECESSITY FOR CONSTRUCTION AND USE OF 
CLEAN COAL TECHNOLOGY; FOR ONGOING 
REVIEW; FOR APPROVAL OF THE TIMELY 
RECOVERY OF COSTS INCURRED DURING 
CONSTRUCTION AND OPERATION OF SUCH 
PROJECTS THROUGH IPL’S ENVIRONMENTAL 
COMPLIANCE COST RECOVERY ADJUSTMENT 
(“ECCRA”); FOR APPROVAL OF DEPRECIATION 
PROPOSAL FOR SUCH PROJECT; FOR THE USE 
OF CONSTRUCTION WORK IN PROGRESS 
RATEMAKING; AND FOR AUTHORITY TO DEFER 
COSTS INCURRED DURING CONSTRUCTION AND 
OPERATION, INCLUDING CARRYING COSTS, 
DEPRECIATION, AND OPERATION AND 
MAINTENANCE COSTS, UNTIL SUCH COSTS ARE 
REFLECTED FOR RATEMAKING PURPOSES, ALL 
PURSUANT TO IND. CODE §§ 8-1-2-6.1, 8-1-2-6.7, 8-1- 
2-6.8, 8-1-2-42(a), 8-1-8.4, 8-1-8.7, 8-1-8.8 AND 170 IAC 
4-6-1 ET SEQ.  

)
)
)
)
)
)
)
)
)
)
)
)
)
)
)
)
)
)
)
)
)
)
)
)
)
)
)
)

 

 

 

 

 

 

CAUSE NO. 44242 

 

 4 

Direct Testimony of 5 
Peter Lanzalotta 6 

 7 

On Behalf of 8 
Citizens Action Coalition of Indiana and Sierra Club  9 

 10 

 11 

January 28, 2013 12 

Exhibit B



2 
 

Q. Mr. Lanzalotta, please state your name, position and business address. 1 

A. My name is Peter J. Lanzalotta. I am a Principal with Lanzalotta & Associates LLC, 2 

(“Lanzalotta”), 67 Royal Point Drive, Hilton Head Island, South Carolina 29926. 3 

Q. On whose behalf are you testifying in this case? 4 

A. I am testifying on behalf of the Citizens Action Coalition of Indiana, Inc. (“CAC”) and 5 

Sierra Club. (collectively, “Joint Intervenors”). 6 

Q. Mr. Lanzalotta, please summarize your educational background and recent work 7 

experience. 8 

A. I am a graduate of Rensselaer Polytechnic Institute, where I received a Bachelor of 9 

Science degree in Electric Power Engineering.  In addition, I hold a Masters degree in 10 

Business Administration with a concentration in Finance from Loyola College in 11 

Baltimore.  12 

 I am currently a Principal of Lanzalotta & Associates LLC, which was formed in January 13 

2001.  Prior to that, I was a partner of Whitfield Russell Associates, with which I had 14 

been associated since March 1982.  My areas of expertise include electric system 15 

planning and operation, economic studies, cost allocation, and reliability analyses.  I am a 16 

registered professional engineer in the states of Maryland and Connecticut. 17 

 I have been involved with planning, operating, and economic issues related to electric 18 

utility systems as an employee of and as a consultant to a number of privately- and 19 

publicly-owned electric utilities over a period exceeding thirty years.  20 
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I have presented expert testimony before the Federal Energy Regulatory Commission 1 

(FERC), United States District Court for the Southern District of Indiana, and before 2 

regulatory commissions and other judicial and legislative bodies in 25 states, the District 3 

of Columbia, and the Canadian Provinces of Alberta and Ontario.  My clients have 4 

included utilities, state regulatory agencies, state ratepayer advocates, independent power 5 

producers, industrial consumers, the United States Government, environmental interest 6 

groups, and various city and state government agencies.   7 

A copy of my current resume is included as Exhibit___(PJL-1) and a list of my 8 

testimonies is included as Exhibit___(PJL-2). 9 

Q. What is the purpose of your testimony? 10 

A. I was retained to review the extent to which IP&L (“Company”) has studied the effects 11 

that retirement of any of its coal-fired Big Five generating units in Indiana would have on 12 

transmission system reliability.  This testimony presents the results of my review. 13 

Q. Please explain how you conducted your analyses. 14 

A. I have reviewed the following information in our investigation: 15 

i. The Company’s testimony. 16 

ii. The Company’s responses to discovery questions submitted in this 17 

proceeding. 18 
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iii. MISO MTEP1 Reports, which address transmission system reliability 1 

planning, for the past three years, as well as other MISO transmission 2 

planning documents.  3 

iv) Portions of the Company’s recent FERC Form 715 filings, which address 4 

transmission system reliability planning.  5 

Q. Please summarize your conclusions. 6 

A. My testimony concludes that the Company has not studied the effects of the possible 7 

retirement of any of the coal-fired generating units that the Company calls the Big Five 8 

Units on electric transmission system reliability, has not determined whether any such 9 

retirements would cause violations of required transmission reliability planning levels, 10 

and has not determined how expensive it would be to remedy any such violations. 11 

Q. What level of transmission system reliability is mandatory for electric utility 12 

transmission system planning? 13 

A. The reliability planning for electric transmission systems is governed by FERC and is 14 

administered and managed by the North American Electric Reliability Corporation 15 

(NERC), through regional councils.2  NERC has mandatory transmission planning 16 

requirements that are largely included in NERC Standards TPL-001-0.1, TPL-002-0b, 17 

and TPL-003-0a which address planning requirements at projected peak loads five or 18 

more years into the future for normal system conditions, i.e., with no system 19 

                                                            
1 MISO Transmission Expansion Plan 

2 RFC is the regional NERC Council in which the Company is a participant.  The transmission planning coordinator 
for the Company is the Midwest Independent Transmission System Operator (“MISO”) which addresses mandatory 
NERC transmission planning requirements. 

Exhibit B



5 
 

contingencies,3 for system conditions with all possible single contingencies, studied one 1 

at a time, and for system conditions with specified multiple contingencies.   2 

Typically, under normal system conditions (no contingencies), all load-sensitive system 3 

elements, most typically transmission lines and substation transformers, will be loaded up 4 

to not higher than their normal maximum capabilities,4 and all substation busses will be 5 

within normal voltage limits.  Under single contingency conditions, electric service will 6 

typically be maintained to most firm loads, all load-sensitive system elements will be 7 

loaded up to not higher than their emergency maximum capabilities, and all substation 8 

busses will be within emergency voltage limits.  Under multiple contingency conditions, 9 

firm loads may be dropped under certain conditions, but the electric system must not 10 

have a cascading outage, and those system elements remaining in service must be 11 

operating within emergency thermal and voltage limits.  When system components are 12 

found, during such planning, to be loaded above the applicable capabilities, or are found 13 

to be at a voltage level outside the required range, this is typically referred to as a 14 

planning violation, which must be addressed before they actually occur.   15 

FERC is currently considering a new NERC transmission system reliability standard, 16 

Standard TPL-001-2, which, if approved, will consolidate and replace the above 17 

referenced standards.5   18 

                                                            
3 A contingency is an unplanned, forced outage of an electric system component, typically a transmission line, a 
substation transformer, or a generating unit. 

4 Typically referred to as thermal loading, since these operating capabilities are limited by the heat that a system 
component experiences as its loading increases. 

5 NERC TPL standards are available at http://www.nerc.com/page.php?cid=2|20. 
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Q. Please describe any study results provided by the Company that evaluate the effects 1 

of generating unit retirements on transmission system reliability. 2 

A. CAC/SC DR 1-27 requested that the Company produce any analysis or assessment 3 

prepared by or for IPL of the impact that retirement of any of IPL’s coal-fired generating 4 

units would have on capacity adequacy, transmission grid stability, generating unit 5 

operating cost, transmission grid support, voltage support, or transmission system 6 

reliability.  The Company provided what is called a FCITC analysis (first contingency 7 

incremental transfer analysis) reflecting the retirement of a number of smaller oil-fired and 8 

coal-fired generating units, including Harding Street Units 3-6 and Eagle Valley 1-6.  9 

This analysis looked at the effect on transmission system import limits into the 10 

Company’s service area when these generating units are retired and the remaining system 11 

is subjected to contingency conditions.  The analysis report summarizes a number of 12 

system reinforcements needed to enable the system to handle the resultant power flows 13 

and to maintain required voltage level, including a new substation transformer and a 14 

number of other upgrades to existing transmission lines and substations at an estimated 15 

cost of about $18.3 million.  The analysis does not address that retirement of any of the 16 

Big Five Units. 17 

 18 

Q. Are there any indications in the transmission analyses provided by the Company as 19 

to the potential impact of retiring one or more of the Big Five generating units? 20 

A. Yes.  CAC/SC DR 1-25 requested that the Company produce a copy of any transmission 21 

adequacy studies (other than MTEP studies) performed in the past three years.  These 22 
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studies consistently refer to Harding Street Unit 7 as being most critical to maintaining 1 

area voltage levels.  This suggests that the retirement of this generating unit could, 2 

depending on where replacement generating capacity or other system resources are 3 

located, require the addition of voltage support or other system reinforcements. 4 

Q.  Does the potential need for such voltage support or other system reinforcement 5 

foreclose the potential for retiring Harding Street Unit 7?   6 

A.  Not necessarily.  Instead, if retirement appears to be a potential least cost option for 7 

Harding Street Unit 7, then the open and transparent evaluation of reliability impacts and 8 

solutions discussed below should be carried out. 9 

Q. Why is it necessary for the Company to have determined whether the retirement of 10 

one or more of its Big Five coal-fired generating units would result in transmission 11 

system reliability planning violations? 12 

A. When trying to decide on the most economical option, where retrofitting a generating unit 13 

for continued operation versus retiring the generating unit are among the options under 14 

consideration, it is necessary to know what the system planning reliability impacts are on 15 

the transmission system as a result of retiring each unit, as well as what it will cost to 16 

remedy these reliability impacts.  Without this information, it is difficult for the 17 

Company, intervenors, or the Commission to evaluate the transmission system reliability 18 

impacts resulting from a generating unit retirement, or the costs needed to address these 19 

impacts, and to determine the least-cost choice between i) generating unit retirement and 20 

ii) unit retrofitting and continued operation.       21 
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While there are sometimes significant transmission system reliability problems that need 1 

to be addressed before a generating unit can be retired, there are a wide range of options 2 

for addressing transmission system planning reliability impacts, some of which are 3 

relatively moderate in terms of cost and time required for implementation.  Some 4 

potential fixes can be in the range of costs that are not likely to change the economics of 5 

retrofitting versus retiring any given unit.  Since these transmission system reliability 6 

impacts of generating unit retirements have not been studied, except as described above, 7 

it is impossible to say how extensive or expensive it could be to mitigate any 8 

transmission system reliability impacts that might result from such retirements. 9 

Even if there are significant reliability fixes that need to be made to allow for the 10 

retirement of a generating unit, there are processes in place to allow for such fixes to 11 

occur in a timely manner.  The TPL transmission system planning standards discussed 12 

above require regularly performed planning studies that look into the future, so as to 13 

identify reliability concerns before they occur. 14 

 15 

 The Commission should require that any claims that purported transmission reliability 16 

impacts should block the otherwise economic retirement of a generating unit be 17 

substantiated.  If faced with such reliability claims, the Commission should require an 18 

evaluation of reliability impacts and allow for an open and transparent review process in 19 

which interested parties are able to review and submit testimony regarding such 20 

evaluation.     21 

Q. Does this conclude your direct testimony? 22 
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A. Yes.  1 
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