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1. EXECUTIVE SUMMARY

This document is the 2024 Avoided Energy Supply Component (AESC) Study (AESC 2024). AESC 2024
contains cost streams of marginal energy supply components that can be avoided in future years due to
reductions in the use of electricity, natural gas, and other fuels as a result of program-based energy
efficiency or other demand-side measures across all six New England states.

The AESC Study provides estimates of avoided costs associated with energy efficiency measures for
program administrators throughout New England states for purposes of both internal decision-making
and regulatory filings. To determine the values of energy efficiency and other demand-side measures,
avoided costs are calculated and provided for each New England state in a hypothetical future in which
the New England program administrators do not install any new demand-side measures in 2024 or later
years. AESC 2024 features six different counterfactuals:

e Counterfactual #1: A future in which program administrators install no new energy
efficiency, building electrification, or active demand management (demand response
and energy storage) resources in 2024 or later years.

e Counterfactual #2: A future in which program administrators continue to install new
energy efficiency resources and active demand management resources, but do not
install any new building electrification resources in 2024 or later years.

e Counterfactual #3: A future in which program administrators continue to install new
building electrification resources and active demand management resources, but do not
install any new energy efficiency resources in 2024 or later years.

e Counterfactual #4: A future in which program administrators continue to install new
energy efficiency resources and building electrification resources, but do not install any
new active demand management resources in 2024 or later years.

e Counterfactual #5: A future in which program administrators continue to install new
energy efficiency, active demand management, and building electrification resources.

e Counterfactual #6: A future in which program administrators continue to install new
energy efficiency, active demand management, and building electrification resources,
except for all behind-the-meter storage resources.

Because each AESC counterfactual represents a hypothetical future that lacks some amount of
anticipated demand-side measures, AESC 2024 should not be used to infer information about actual
future market conditions, energy prices, or resource builds in New England. Furthermore, actual prices
in the future will be different than the long-term prices calculated in this study since actual future prices
will be subject to short-term variations in energy markets that are unknowable at this point in time.
Note also that these caveats may also apply to the two sensitivities modeled in the AESC 2024 Study
(see Chapter 12 for more information).
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As in previous AESC studies, this study examines avoided costs of energy, capacity, RPS compliance,
natural gas, fuel oil, other fuels, other environmental costs, and demand reduction induced price effects
(DRIPE). Also, AESC 2024 relies upon a combination of models to estimate each one of these avoided
costs for each future year. As in AESC 2021, this study provides avoided energy costs on an hourly basis.
This allows users of the report to estimate avoided costs specific to a broad array of active demand
response programs, including active load management and peak load shifting programs. Other avoided
costs (e.g., natural gas, fuel oil) are provided at the time resolutions that are most appropriate for their
markets (e.g., daily, seasonal, or annual).

On a 15-year levelized basis, in real 2024 dollars, the AESC 2024 Study estimates that direct avoided
wholesale energy costs are approximately 5 cents per kWh for Counterfactual #1, and direct avoided gas
costs are $6 per MMBtu, although these vary on the specific location and end use. Compared to AESC
2021, we find:

e Generally higher avoided costs of energy, due to higher projections of natural gas prices
in the near term and a delayed completion of clean energy electric generating
resources, relative to the assumptions used in AESC 2021.

e Generally higher avoided costs of capacity due to higher projections of peak demand, a
delayed completion of clean energy electric generating resources, relative to the
assumptions used in AESC 2021, and greater numbers of exogenously assumed near-
term power plant retirements.

e Generally lower avoided costs of natural gas, based on lower long-term projections of
wholesale natural gas prices. Although natural gas prices are projected to be higher in
the near term, they are projected to be lower in the mid to long term.

e Generally higher avoided costs for fuel oil and other fuels, due to updates to recent
historical data in the underlying sources in the sources used to calculate these values.

e Generally higher avoided costs for renewable portfolio standard (RPS) compliance. This
is primarily due to recent increases in RPS target obligations, higher expected increases
in load due to electrification, and increased costs for clean energy generating resources
due to changes in the supply chain.

e  Generally similar values for energy and capacity DRIPE, due to a variety of shifts in
underlying parameters (e.g., changes in energy prices, capacity market structure, load,
and hedging assumptions) that tend to offset one another.

e Generally higher costs related to non-embedded environmental regulations due to
updates to underlying data sources.

e Lower avoided costs for pooled transmission facility (PTF) costs, as a result of a switch to
a more detailed forward-looking methodology.

e Generally lower avoided costs for reliability, due to a lower estimate for value of lost
load (VolL) and a flatter capacity market supply curve in the near term.
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AESC 2024 provides detailed projections of avoided costs by year for an initial 27-year period based on
modeling (2024 through 2050), and a second period based on extrapolation of values from this first
period (2051 through 2060).% All values in this document are described in terms of real 2024 dollars,
unless noted otherwise. In many cases, we provide 15-year (2024-2038) levelized values of avoided

costs for ease of reporting and comparison with earlier AESC studies. See Appendix E: Common Financial

Parameters for more information on financial parameters used in this analysis.

1.1. Background to the AESC Study

As in previous AESC studies, the AESC 2024 Study was sponsored by a group of electric and gas utilities
and other efficiency program administrators (together, referred to as program administrators). The
study sponsors, along with other parties (including representatives from state governments, consumer
advocacy organizations, and environmental advocacy organizations and their consultants) formed a
Study Group to oversee the design and production of the analysis and report.

After developing the scope for the 2024 study, the study sponsors selected Synapse Energy Economics
(Synapse) as the lead contractor of the study. Synapse was joined by subcontractors Resource Insight,
Sustainable Energy Advantage, Les Deman Consulting, and North Side Energy (together, the Synapse
Team).

L This extrapolation is described in detail in Appendix A: Usage Instructions.
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Study sponsors for the AESC 2024 Study
include:

e Avangrid (Berkshire Gas Company, United
Illuminating, Southern Connecticut Gas, and
Connecticut Natural Gas)

e Cape Light Compact

e Efficiency Maine

e Eversource (Connecticut Light and Power, NSTAR
Electric and Gas Company, Western Massachusetts
Electric Company, Public Service Company of New
Hampshire, Yankee Gas, and Columbia Gas of
Massachusetts)

o Liberty Utilities

e National Grid USA

e New Hampshire Electric Co-op

e  PPL Electric Services (Rhode Island Energy)

e  Unitil (Fitchburg Gas and Electric Light Company,
Unitil Energy Systems, Inc. and Northern Utilities)

e Vermont Energy Investment Corporation/Efficiency
Vermont

1.2. Summary of avoided costs

Other parties represented in the Study Group
include:

e Acadia Center

e Burlington Electric Department

e Connecticut Department of Energy and
Environmental Protection

e Connecticut Energy Efficiency Board

e  Maine Public Utilities Commission

e Massachusetts Energy Efficiency Advisory
Council

e Massachusetts Department of Public Utilities

e Massachusetts Department of Energy
Resources

e  Massachusetts Department of Environmental
Protection

e  Massachusetts Attorney General

e Massachusetts Low-Income Energy Affordability
Network (LEAN)

e New Hampshire Office of Consumer Advocate

e New Hampshire Department of Environmental
Services

o New Hampshire Department of Energy

e Rhode Island Division of Public Utilities and
Carriers

o  Rhode Island Office of Energy Resources

e Vermont Department of Public Service

e Vermont Gas

The following section provides a summary of the avoided costs for each category of costs calculated

under AESC 2024. These categories include costs that can be applied to energy efficiency measures that
avoid electricity (energy, capacity, DRIPE, RPS, etc.) while others are related to energy efficiency
measures that avoid other types of energy consumption. Figure 1 and Table 1 provide illustrative
comparisons of the avoided costs for a hypothetical energy efficiency measure, for each of the six New
England states. This study provides costs at the wholesale level, rather than at the retail level, and only
for Counterfactual #1. Historically, each state has tabulated avoided costs in slightly different ways;
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Figure 1 and Table 1 provide illustrative comparisons of the avoided costs from AESC 2024 if all six states

continued to use the same tabulation method they used in their most recent plan filings.?

Figure 1. lllustrative application of AESC 2024 wholesale avoided costs (Counterfactual #1) to a hypothetical
energy efficiency measure

$225
8 $200 .
S si75 mm - -
8"
jg 3 $ e - g:pggty DRIPE & reliability
X Z $125 pacy
5% $i00 [l
IS al
B $75 L] .
v [ N | RPS compliance
5 $50 — — s Energy DRIPE

$0
CT ME MA NH RI VT

Notes: Major differences among the states include modeling differences with respect to energy, capacity, and other values, as
well as differences in terms of tabulation (e.q., in terms of how DRIPE is counted or marginal emission rates are calculated), and
in terms of which avoided costs are applied within certain categories (e.g., whether a social cost of greenhouse gas is being
used, versus some other approach for estimating non-embedded greenhouse gas costs). All avoided costs are tabulated based
on each state’s historical method of tabulation. The sole exception is non-embedded costs in NH, where Study Group members
have directed AESC to use the New England electric-sector MAC, contingent upon the NH Evaluation, Measurement, and
Verification discussion and approval. Additional information on how each component is assembled can be found in the notes of
Table 2. In this figure, for the states that utilize a social cost of greenhouse gases (Massachusetts and Vermont), a 2 percent
discount rate is used.

2 Note that both Figure 1 and Table 1 (as well as subsequent tables) include some categories of avoided costs that are
measured in dollar-per-kWh terms, and categories of avoided costs measured in dollar-per-kW terms. To provide an
illustrative comparison, we converted the dollar-per-kW values into dollar-per-kWh values. We do this by dividing the dollar-
per-kW input value by (8,760 hours x a load factor), where the “load factor” represents how costs incurred in a peak hour
might be spread across all hours of the year. For AESC 2024, we utilize a load factor of 56 percent, which we derive by dividing
the annual 2024 GWh load in Counterfactual #1 by the summer coincident peak GW load in that same year and
counterfactual x 8,760 hour).
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Table 1. lllustrative avoided costs for hypothetical energy efficiency measure installed in each New England
state, Counterfactual #1

CcT ME MA NH RI VT Notes
Energy 2024 5/MWh $50 $51 $50 S51 $50 $51 4
RPS compliance 2024 5/MWh $16 $15 $23 S11 s21 S7 4,5
Elec. energy, cross-DRIPE 2024 5/MWh $42 S5 $19 S5 $41 S0 6
GHG non-embedded 2024 5/MWh $63 $63 $83-143 $63 $63 $90-152 4,7,8,13
Energy subtotal 2024 $/MWh $170 $134 $175-235 $130 $175 $149-210
Capacity 2024 5/kW-year $52 $52 $53 $52 $54 $52 9
Capacity DRIPE 2024 5/kW-year $9 S3 $24 $3 $41 S0 9,10
Regional Transmission (PTF) 2024 S/kW-year $69 $69 $69 $69 $69 $69 11
Value of reliability 2024 5/kW-year <$1 <$1 <$1 <$1 <$1 <$1 9
Capacity subtotal 2024 $/kW-year $130 $123 $146 $124 $163 $120 -
Capacity subtotal 2024 $/MWh $26 $25 $30 $25 $33 $25 12

2024 $/MWh $205-265 $155 $208 $173-235

Notes:

[1] All costs are shown levelized over 15 years. All costs are shown for Massachusetts and tabulated using the historical method
in Massachusetts. Costs have not been adjusted for risk premiums or T&D loss factors.

[2] All avoided costs are estimated based on the methods states have previously used to tabulate avoided costs. These methods
may change in the future.

[3] AESC 2024 data is from the AESC 2024 User Interface. AESC 2024 values are levelized over 2024-2038, using a real discount
rate of 1.74%.

[4] Energy, energy DRIPE, and GHG non-embedded costs are based on annual average numbers.

[5] Costs of RPS compliance are the sum of the per-MWh cost for all RPS programs active in this state.

[6] Electric energy and cross-DRIPE include intrazonal energy DRIPE, E-G DRIPE, and E-G-E DRIPE. Interzonal effects are not
included.

[7] GHG non-embedded costs a 2% social cost of carbon for AESC 2021. For AESC 2024, GHG non-embedded costs for
Connecticut, Maine, New Hampshire, and Rhode Island are based on a marginal abatement cost derived from the electric sector;
GHG non-embedded costs for Massachusetts and Vermont are shown based on a range of a range of social cost of GHGs
representing 1.5% and 2% discount rates. AESC 2024 social cost of GHG costs include impacts from CO2, CH4, and N20 pollution
and exclude impacts from upstream emissions. The AESC 2024 report recommends the use of the EPA-derived SC-GHG, which
includes costs for 1.5% and 2% discount rates.

[8] GHG non-embedded costs subtract embedded costs (RGGI, state-specific costs in Massachusetts from the social cost of
GHGs.

[9] Capacity, capacity DRIPE, and reliability values are shown for cleared values only. Uncleared values are not included.

[10] Capacity DRIPE values include intrazonal effects only. Interzonal effects are not included.

[11] “Regional Transmission (PTF)” values only include regional transmission costs. This cost does not include more localized
transmission costs or any distribution costs. These other avoided costs may be specifically calculated in each jurisdiction.

[12] Capacity values are converted to energy values using a load factor of 56%.

[13] All avoided costs are tabulated based on each state’s historical method of tabulation. The sole exception is non-embedded
costs in NH, where the Study Group members have directed us to use the New England electric-sector MAC, contingent upon the
NH Evaluation, Measurement, Verification discussion and approval.

Next, Table 2 provides illustrative avoided cost components for electricity for the same hypothetical
energy efficiency measure installed in Massachusetts for Counterfactual #1, and how these components
compare to the avoided costs from the previous AESC 2021 study. This table is provided for illustrative
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purposes only. Avoided cost values will be different for each measure and will, in some cases, be very
different for other measure types (such as building electrification, behind-the-meter storage, or demand
response). The value will also differ among states. Costs are provided at the wholesale level, rather than
at the retail level.

Note that comparisons between 15-year levelized costs in AESC 2024 and AESC 2021 are not directly
“apples-to-apples.” While both calculations display levelized costs over 15 years (in real 2024 dollars),
each levelization calculation is done over two different 15-year periods (2024—-2038 for AESC 2024, and
2021-2035 for AESC 2021). Assumptions on prices and loads aside, the time periods spanned by each of
these levelization calculations may contain fundamentally different data on the New England electric
system, including differences in terms of online units and market rules. Analogous tables for other states
and other counterfactuals can be found in the accompanying AESC 2024 slide deck, and in the Excel-
based AESC 2024 User Interface. In general, we observe similar values for energy and capacity, higher
values for energy DRIPE, RPS compliance, and GHG non-embedded costs, and lower values for regional
transmission and distribution (T&D) and capacity DRIPE relative to AESC 2021.

Table 2. lllustrative avoided costs for hypothetical energy efficiency measure installed in Massachusetts, AESC
2024 Counterfactual #1 versus AESC 2021 Counterfactual #1

AESC2021  AESC 2024 D;:If:; %Er:fcfr' Notes
Energy 2024 S/MWh $46 $50 S4 9% 4
RPS compliance 2024 S/MWh S12 $23 sS10 84% 4,5
Electric energy and cross-DRIPE 2024 S/MWh $13 $19 S6 42% 6
GHG non-embedded 2024 S/MWh S51 $83-143 $32-92 63-180% 4,7,8
Energy subtotal 2024 $/MWh $123 $175-235 $52-112 43-91%
Capacity 2024 $/kW-year $48 $53 $6 12% 9
Capacity DRIPE 2024 $/kW-year $19 $24 S5 27% 9,10
Regional Transmission (PTF) 2024 S/kW-year $95 $69 -$26 -28% 11
Value of reliability 2024 $/kW-year S1 <$1 <-S1 -55% 9
Capacity subtotal 2024 $/kW-year $162 $146 -$16 -10% -
Capacity subtotal 2024 $/MWh $33 $30 -$3 -10% 12

2024 S/MWh $156 $205-265 $49-109 32-70%

Notes:

[1] All costs are shown levelized over 15 years. All costs are shown for Massachusetts and tabulated using the historical method
in Massachusetts. Costs have not been adjusted for risk premiums or T&D loss factors.

[2] AESC 2021 data is from the AESC 2021 User Interface. AESC 2021 values are levelized over 2021-2035, using a real discount
rate of 0.81%. 2021 costs have been converted to 2024 dollars.

[3] AESC 2024 data is from the AESC 2024 User Interface. AESC 2024 values are levelized over 2024-2038, using a real discount
rate of 1.74%.

[4] Energy, energy DRIPE, and GHG non-embedded costs are based on annual average numbers.

[5] Costs of RPS compliance are the sum of the per-MWh cost for all RPS programs active in this state.

[6] Electric energy and cross-DRIPE include intrazonal energy DRIPE, E-G DRIPE, and E-G-E DRIPE. Interzonal effects are not
included.

[7] GHG non-embedded costs a 2% social cost of carbon for AESC 2021. For AESC 2024, GHG non-embedded costs for

n Synapse Energy Economics, Inc. AESC 2024 7



Connecticut, Maine, New Hampshire, and Rhode Island are based on a marginal abatement cost derived from the electric sector;
GHG non-embedded costs for Massachusetts and Vermont are shown based on a range of a range of social cost of GHGSs
representing 1.5% and 2% discount rates. AESC 2024 social cost of GHG costs include impacts from CO2, CH4, and N20 pollution
and exclude impacts from upstream emissions. The AESC 2024 report recommends the use of the EPA-derived SC-GHG, which
includes costs for 1.5% and 2% discount rates.

[8] GHG non-embedded costs subtract embedded costs (RGGI, state-specific costs in Massachusetts) from the social cost of
GHGs.

[9] Capacity, capacity DRIPE, and reliability values are shown for cleared values only. Uncleared values are not included.

[10] Capacity DRIPE values include intrazonal effects only. Interzonal effects are not included.

[11] “Regional Transmission (PTF)” values only include regional transmission costs. This cost does not include more localized
transmission costs or any distribution costs. These other avoided costs may be specifically calculated in each jurisdiction.

[12] Capacity values are converted to energy values using a load factor of 56%.

Next, Table 3 shows a comparison of avoided costs across all counterfactuals. This is again an illustrative
comparison for a hypothetical energy efficiency measure installed in Massachusetts, just as in the
previous tables and figures. In general, counterfactuals with lower levels of load (like Counterfactual #2)
have lower costs of RPS compliance and lower energy prices. Counterfactuals with lower reserve
margins tend to have lower capacity prices. Reserve margins are calculated based on the ratio of firm
capacity to peak demand; between a pair of scenarios, lower reserve margins may indicate lower levels
of peak demand or higher levels of firm capacity.

Table 3. lllustrative avoided costs for hypothetical energy efficiency measure installed in Massachusetts, all AESC
2024 counterfactuals

CFi#1 CF#2 CF#3 CF#4 CF#5 CFi#6
Energy 2024 $/MWh $50 $47 $51 $51 $50 $50
RPS compliance 2024 S/MWh $23 $23 S24 $22 $23 $23
Electric energy and cross-DRIPE 2024 S/MWh $19 $18 $19 $19 $19 $19
GHG non-embedded 2024 S/MWh $83-143 $83-143 $83-143 $83-143 $83-143 $83-143
Energy subtotal 2024 $/MWh $175-235 $171-231 $177-237 $176-236  $175-235 $175-234
Capacity 2024 S/kW-year $53 $40 $40 $56 $49 $59
Capacity DRIPE 2024 $/kW-year S24 $25 $24 $48 $31 $73
Regional Transmission (PTF) 2024 $/kW-year $69 $69 $69 $69 $69 $69
Value of reliability 2024 S/kW-year <$1 <$1 <$1 <$1 <$1 $1
Capacity subtotal 2024 $/kW-year $146 $133 $134 $174 $149 $201
Capacity subtotal 2024 $/MWh $30 $27 $27 $35 $30 $41

2024 S/MWh $205-265 $198-258 $204-264  $211-271  $205-265  $216-275

Notes:

[1] All costs are shown levelized over 15 years. Costs have not been adjusted for risk premiums or T&D loss factors.

[2] All costs are illustrative; they are based on costs for Massachusetts and tabulated using the historical method in
Massachusetts.

[3] AESC 2024 data is from the AESC 2024 User Interface. AESC 2024 values are levelized over 2024-2038, using a real discount
rate of 1.74%.

[4] Energy, energy DRIPE, and GHG non-embedded costs are based on annual average numbers.

[5] Costs of RPS compliance are the sum of the per-MWh cost for all RPS programs active in this state.
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[6] Electric energy and cross-DRIPE include intrazonal energy DRIPE, E-G DRIPE, and E-G-E DRIPE. Interzonal effects are not
included.

[7] GHG non-embedded costs a 2% social cost of carbon for AESC 2021. For AESC 2024, GHG non-embedded costs for
Connecticut, Maine, New Hampshire, and Rhode Island are based on a marginal abatement cost derived from the electric sector;
GHG non-embedded costs for Massachusetts and Vermont are shown based on a range of a range of social cost of GHGs
representing 1.5% and 2% discount rates. AESC 2024 social cost of GHG costs include impacts from CO2, CH4, and N20 pollution
and exclude impacts from upstream emissions. The AESC 2024 report recommends the use of the EPA-derived SC-GHG, which
includes costs for 1.5% and 2% discount rates..

[8] GHG non-embedded costs subtract embedded costs (RGGI, state-specific costs in Massachusetts) from the social cost of
GHGs.

[9] Capacity, capacity DRIPE, and reliability values are shown for cleared values only. Uncleared values are not included.

[10] Capacity DRIPE values include intrazonal effects only. Interzonal effects are not included.

[11] “Regional T&D (PTF)” values only include regional transmission costs. This cost does not include more localized transmission
costs or any distribution costs. These other avoided costs may be specifically calculated in each jurisdiction.

[12] Capacity values are converted to energy values using a load factor of 56%.

Natural gas

In the near term, Henry Hub natural gas prices in AESC 2024 are higher than in AESC 2021, reflecting the
elevated gas prices beginning in the second half of 2021, lasting throughout 2022 (see Table 4).
However, in the long run, the AESC prices from 2030 to 2050 drop to an average of $3.71 per MMBtu,
which is close to the long-run average in AESC 2021. The elevated prices in the near-term driven by
restricted supply due to economic conditions, weather-related declines in U.S. gas production, and
increased weather-driven demand in the United States, along with increased LNG exports to Europe. We
note that gas prices are from data available at the time of this study, including near-term NYMEX data
published in Fall 2023 and mid- and long-term price projections published by the U.S. Energy
Information Administration (EIA) in the 2023 Annual Energy Outlook (AEQO) in March 2023.

We summarize the avoided costs of natural gas for retail customers below (see Table 5). For both
southern New England and northern New England, avoided natural gas costs are lower in AESC 2024
compared to AESC 2021 due to the reduction in gas commodity prices at the upstream supply points and
at Henry Hub. Avoided gas costs, in real dollar terms, are also lower because the marginal gas
transmission costs associated with the Dawn and Dracut supply resources are unchanged in nominal
dollars. For Vermont (not shown in Table 5) avoided gas costs are also lower than in AESC 2021 because
of lower local distribution company transmission costs, higher delivered cost of propane for the
Vermont Gas System peaking facility, and lower long-term gas price trends at the Dawn hub.

Table 4. Summary of 15-year levelized Henry Hub, Algonquin Citygate, and basis differentials for AESC 2024 and

AESC 2021
Units Henry Hub Al.gonqum Basis
Citygates
AESC 2021 (2021-2035) 2024 S/MMBtu $3.56 $4.74 $1.18
AESC 2024 (2024-2038) 2024 $/MMBtu $3.48 $5.64 $2.16
Percent change % -2% -19% -

n Synapse Energy Economics, Inc. AESC 2024 9



Table 5. Avoided cost of gas for all retail customers by end use assuming no avoidable margin

Southern New Northern New

Units

England England
AESC 2021 (2021-2035) 2024 $/MMBtu $7.32 $7.22
AESC 2024 (2024-2038) 2024 $/MMBtu $6.39 $6.32
Percent change % -13% -12%

Fuel oil and other fuels

In general, we find that avoided levelized costs for all fuels are moderately higher than AESC 2021
estimates. The primary factor driving avoided fuel oil costs and fuel oil prices is the price of crude ail,
which is about 19 percent higher for the 20-year period from 2024 to 2043 in AESC 2024 than in AESC
2021. This is primarily due to much higher near-term prices; they are currently slightly higher than pre-
pandemic levels. Because this is odd market behavior and probably not indicative of likely future prices,
we follow the EIA Short Term Energy Outlook (STEO) for one year and then directly transition to the
2023 AEO forecast. Table 6 displays the levelized avoided fuel costs for AESC 2024.

The avoided costs for fuel oil products and other fuels by end use are based on market prices. Market
prices provide an appropriate representation of the avoided costs because the supply systems for these
fuels are flexible and diverse, and they are not subject to the capacity- or time-based constraints
associated with electricity and natural gas.

Table 6. Avoided costs of retail fuels (15-year levelized, 2024 $ per MMBtu)

Residential Commercial Transportation
No. 6
No. 2 Pro- Keros- B5 B20 B50 Cord Wood Wood No.2 Residual [ Motor Motor
Distillate  pane ene Biofuel Biofuel Biofuel (Delivered) Pellets | Distillate (low | Gasoline Diesel
sulfur)
AESC 2021
(2021- $27.14 $43.79 $33.41 $27.14 $24.42 - $23.52 $25.36 | $25.11 $17.77 $24.92 $25.70
2035)
AESC 2024
(2024- $30.60 $58.11 $38.47 S$30.19 $25.58 $30.32 $29.37 $30.73 | $28.59 $21.58 $27.16  $28.76
2038)
Change
from AESC
2021 to 12.8% 32.7% 15.2% 11.2%  4.7% - 24.9% 21.2% | 13.8% 21.5% 9.0% 11.9%
AESC 2023
Capacity

The avoided capacity costs in AESC 2024 are driven by actual and forecasted clearing prices in ISO New
England’s forward capacity market (FCM). The AESC 2024 forecast prices are based on observations
made in recent auctions as well as expected future changes in demand, supply, and market rules. These
prices are applied differently for cleared measures (i.e., measures that participate in the capacity
market) and uncleared measures (i.e., measures that do not participate in the capacity market).
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Importantly, AESC 2024 assumes a change in the capacity market structure beginning in 2028. Namely,
this includes an assumption that ISO New England switches to a seasonal, prompt capacity market, with
resource capacity accreditation based on each resource’s marginal ability to avoid loss of load events
during seasonal peak events.

Table 7 highlights the capacity prices projected in AESC 2024. Note that in 2028 and later years, capacity
prices shown reflect a totaling of seasonal capacity prices, in years where both a winter and summer
capacity price is present. Generally speaking, counterfactuals with lower seasonal peaks and more net
firm capacity (i.e., higher reserve margins) have lower capacity prices than counterfactuals with higher
seasonal peaks and less net firm capacity (i.e., lower reserve margins). Market-clearing prices in the out-
years are principally determined by future changes in supply (including additions of battery storage,
solar, wind, and occasionally new natural gas-fired power plants; as well as retirements of thermal
generation, future changes in demand, and changes to capacity accreditation as more similar resources
arrive on the system. Small year-on-year variations are due to changes in load, new resources coming
online, and other resources retiring. In general, we find that capacity prices are generally similar to
those projected in AESC 2021. Counterfactuals with higher peaks tend to have higher capacity prices
than other counterfactuals, although this is impacted by the exogenous resource additions assumed for
that scenario. AESC 2024’s Counterfactual #1 features higher capacity prices than its AESC 2021
counterpart, in part due to a deferral of clean energy resources (compared to the assumptions used in
AESC 2021).

Counterfactuals that are missing programmatic demand response resources or programmatic BTM
storage (i.e., Counterfactuals #1, #4 and #6) have less exogenous firm capacity. Therefore, they have
lower near-term reserve margins, and higher near-term capacity prices, compared to counterfactuals
with the same respective load components. Eventually, these higher capacity prices lead to incremental
endogenous gas and battery storage additions in the mid 2030s, beyond what gets added in the
equivalent load counterfactuals with the exogenous firm capacity present. Each single gas plant that
gets added provides a large amount of firm capacity, and results in larger reserve margins than might be
observed if gas plants were not large, discrete resources. This capacity overbuild that occurs in the mid-
2030s drives down longer-term capacity market prices towards the end of the study period for these
counterfactuals.
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Table 7. Comparison of capacity prices in rest-of-pool (2024 $ per kW-month)

] Actual AESC 2024
Comml.tment but for
: Jun';etr('f&ay) N CF#2  CF#3  CF#a
2023 EE
2024/2025 15  $2.61  $2.66 | $2.66  $2.61  $2.66  $2.61  $2.61 $2.61 | $3.10
2025/2026 16 $2.53  $2.53 | $253  $253  $253  $2.53  $2.53 $2.53 | $3.07
2026/2027 17 $2.48  $2.48 | $2.48  $248  $2.48  $2.48  $2.48 $248 | $3.25
2027/2028 18 $248  $248  $248  $2.48  $2.48 $248 | $3.51
2028/2029 19 $257  $142  $142  $283 142 $425 | $3.72
2029/2030 20 $2.83  $1.42  $283  $425  $2.83 $5.66 | $4.06
2030/2031 21 $425  $142  $283  $425  $2.83 $5.66 | $3.86
2031/2032 22 $425  $142  $2.83  $425  $1.42 $5.66 | $4.15
2032/2033 23 $5.66  $2.83  $566  $5.66  $4.25 $7.08 | $4.40
2033/2034 24 $5.66  $2.83  $425  $566  $2.83 $5.66 | $4.36
2034/2035 25 $7.08  $566  $566  $8.49  $7.08 $4.25 | $5.27
2035/2036 26 $5.66  $566  $2.83  $7.08  $8.49 $7.08 | $4.13
2036/2037 27 $425  $425  $142  $425  $7.08 $425 | n/a
2037/2038 28 $7.08  $566  $5.66  $7.08  $7.08 $5.66 | n/a
2038/2039 29 $7.08  $7.08  $425  $7.08  $7.08 $849 | n/a
2039/2040 30 $5.66  $5.66  $5.66  $5.66  $7.08 $5.66 | n/a
2040/2041 31 $10.53  $5.66  $566  $5.66  $9.51 $425 | n/a
2041/2042 32 $7.08  $566  $5.66  $4.25  $8.49 $5.66 | n/a
2042/2043 33 $5.66  $425  $7.08  $2.83  $9.51 $425 | n/a
2043/2044 34 $7.08  $566  $7.08  $2.83  $9.51 $425 | n/a
2044/2085 35 $7.08  $566  $7.08  $2.83  $9.51 $2.83 | n/a
2045/2046 36 $9.51  $7.08  $566  $2.83  $8.49 $425 | n/a
2046/2047 37 $9.51  $849  $7.08  $2.83  $7.08 $283 | n/a
2047/2048 38 $11.94  $849  $566  $2.83  $5.66 $283 | n/a
2048/2049 39 $8.49  $8.49  $7.08  $2.83  $7.08 $2.83 | n/a
2049/2050 40 $849  $566  $7.08  $425  $9.51 $2.83 | n/a
2050/2051 $7.08  $566  $5.66  $2.83  $7.08 $283 | n/a

15-year

. $3.60 $3.66 $5.02 $4.51
levelized cost

Percent
difference

-9% -8% 27% 14%

Notes: Levelization periods are 2024/2025 to 2038/2039 for AESC 2024 and 2021/2022 to 2035/2036 for AESC 2021. Real
discount rate is 1.74 percent for AESC 2024 and 0.81 percent for AESC 2021. Values for “Actual” and “Actual but for post-2020
EE” are calculated based on rest-of-pool. Data on clearing prices for other counterfactuals and regions can be found in the AESC
2024 User Interface. Future costs for Counterfactual (CF) #1 are summer capacity prices, for the months of June through
September. Capacity prices for 2028—-2050 are weighted four months for summer prices and eight months for winter prices.

Energy

On a levelized basis, the 15-year AESC 2024 annual all-hours price for Counterfactual #1 is $50 per MWh,
compared to the equivalent value of $46 per MWh from AESC 2021. This represents a price increase of 9
percent. Relative to Counterfactual #1, counterfactuals and years with higher loads and peaks tend to
have higher energy prices, while counterfactuals with lower loads and peaks tend to have lower energy
prices. The increase in energy prices observed in AESC 2024 is primarily due to higher near-term
wholesale gas prices and a deferral of zero-marginal-cost clean energy to later in the study period,
relative to AESC 2021.
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Table 8 shows levelized costs (over 15 years) for Massachusetts. The table shows prices for all hours,
and for the four conventional AESC costing periods. On an annual average basis, the 15-year levelized
prices in Counterfactual #1 of the AESC 2024 study are 9 percent higher than the prices modeled in the
2021 AESC study. Key drivers of these lower prices include higher Henry Hub natural gas prices and a
deferral of low- or zero-variable operating cost renewables (relative to the assumptions used in AESC
2021).

Table 9 compares 15-year levelized costs between AESC 2024 and AESC 2021 for each of the six New
England states, for Counterfactual #1. These values incorporate the relevant costs of RPS compliance, as
well as a wholesale risk premium.

Table 8. Comparison of energy prices for Massachusetts (2024 $ per MWh, 15-year levelized)

Annual Winter Winter Summer Summer
All hours Peak Off-Peak Peak Off-Peak

AESC 2021 Counterfactual 1 $46.11 $52.90 $51.02 $36.88 $33.71
AESC 2024 Counterfactual 1 $50.36 $61.22 $57.34 $57.34 $33.55
AESC 2024 Counterfactual 2 $47.42 $57.41 $53.44 $53.44 $32.27
AESC 2024 Counterfactual 3 $50.92 $62.27 $58.79 $58.79 $31.53
AESC 2024 Counterfactual 4 $50.30 $61.42 $58.20 $58.20 $30.94
AESC 2024 Counterfactual 5 $50.38 $61.64 $58.06 $58.06 $31.12
AESC 2024 Counterfactual 6 $49.70 $60.75 $57.56 $57.56 $30.46
% Change: Counterfactual 1 9% 16% 12% 55% 0%
% Change: Counterfactual 2 3% 9% 5% 45% -4%
% Change: Counterfactual 3 10% 18% 15% 59% -6%
% Change: Counterfactual 4 9% 16% 14% 58% -8%
% Change: Counterfactual 5 9% 17% 14% 57% -8%
% Change: Counterfactual 6 8% 15% 13% 56% -10%

Notes: All prices have been converted to 2024 S per MWh. Levelization periods are 2021-2035 for AESC 2021 and 2024-2038 for
AESC 2024. The real discount rate is 0.81 percent for AESC 2021 and 1.74 percent for AESC 2024. AESC 2021 values are from the
AESC 2021 User Interface, while AESC 2024 values are from the AESC 2024 User Interface.
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Table 9. Avoided energy and RPS compliance costs with risk premium, AESC 2024 vs. AESC 2021 (15-year
levelized costs, 2024 $ per kWh)

. Winter Summer Summer
DL Off-Peak Peak Off-Peak
AESC 2024 1 Connecticut $0.083 $0.079 $0.079 $0.053
Counterfactual 1 2 Massachusetts $0.090 $0.086 $0.086 $0.061
3 Maine $0.082 $0.078 $0.078 $0.052
4 New Hampshire $0.078 $0.074 $0.074 $0.048
5 Rhode Island $0.088 $0.084 $0.084 $0.059
6 Vermont $0.075 $0.070 $0.070 $0.044
AESC 2021 1 Connecticut $0.061 $0.060 $0.045 $0.042
Counterfactual 1 2 Massachusetts $0.065 $0.063 $0.049 $0.046
3 Maine $0.060 $0.058 $0.044 $0.041
4 New Hampshire $0.061 $0.059 $0.045 $0.042
5 Rhode Island $0.068 $0.066 $0.052 $0.049
6 Vermont $0.057 $0.055 $0.041 $0.038
Delta 1 Connecticut $0.022 $0.020 $0.034 $0.011
2 Massachusetts $0.026 $0.023 $0.037 $0.015
3 Maine $0.023 $0.020 $0.034 $0.011
4 New Hampshire $0.017 $0.015 $0.029 $0.006
5 Rhode Island $0.020 $0.018 $0.032 $0.009
6 Vermont $0.018 $0.015 $0.030 $0.006
Percent Difference 1 Connecticut 35% 33% 77% 27%
2 Massachusetts 40% 36% 76% 32%
3 Maine 38% 34% 77% 27%
4 New Hampshire 28% 25% 64% 14%
5 Rhode Island 30% 26% 60% 19%
6 Vermont 31% 27% 73% 17%

Notes: These costs are the sum of wholesale energy costs and wholesale costs of RPS compliance, increased by a wholesale risk
premium of 8 percent, except for Vermont, which uses a wholesale risk premium of 11.1 percent. All costs have been converted
to 2024 dollars per kWh. Levelization periods are 2021-2035 for AESC 2021 and 2024-2038 for AESC 2024. The real discount
rate is 0.81 percent for AESC 2021 and 1.74 percent for AESC 2024. Values do not include losses.

RPS compliance

Reduction in load due to energy efficiency or other demand-side resources will reduce total load-serving
entity (LSE) load and thus reduce the RPS obligations of LSEs and the associated compliance costs
recovered from consumers. Conversely, increases in load tend to increase RPS obligations of LSEs,
increasing the associated compliance costs recovered from consumers. The avoided cost of RPS
compliance is a function of renewable energy certificate prices and RPS target percentage.

Relative to AESC 2021, AESC 2024 sees higher prices for meeting RPS compliance (see Table 10). This
difference is attributable to near-term shortages and cost increases for materials and labor, delays in
offshore wind deployment and regional transmission expansion, and increases in the long-term cost of
entry due to the lasting effects of the war in Ukraine and the COVID-19 pandemic. The cost of RPS
compliance is also impacted by increased RPS stringencies in multiple states and the addition of new RPS
categories such as Maine Class | Thermal, Massachusetts Clean Peak Standard (CPS), and the
Massachusetts Greenhouse Gas Emissions Standard (GGES) for municipal light plants. On a 15-year
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levelized basis, costs of RPS compliance tend to be similar across counterfactuals as most
counterfactuals typically feature similar renewable builds through the mid-2030s as a result of assumed
renewable procurements.

Table 10. Avoided cost of RPS compliance (2024 $ per MWh)

CcT ME MA NH RI VT
AESC 2021 $10 ] S14 $10 $18 S5
AESC 2024 Counterfactual 1 S17 $16 $25 $12 $23 S8
AESC 2024 Counterfactual 2 S17 S16 $25 $12 $23 S8
AESC 2024 Counterfactual 3 $18 S17 S26 $12 S24 S8
AESC 2024 Counterfactual 4 S17 S16 S24 $12 $22 S8
AESC 2024 Counterfactual 5 S17 $16 $25 $12 $23 S8
AESC 2024 Counterfactual 6 S17 $16 $25 $12 $22 S8
Pcnt Change: Counterfactual 1 79% 83% 71% 21% 25% 67%
Pcnt Change: Counterfactual 2 79% 83% 71% 21% 25% 67%
Pcnt Change: Counterfactual 3 92% 91% 79% 24% 32% 70%
Pcnt Change: Counterfactual 4 77% 80% 70% 21% 22% 66%
Pcnt Change: Counterfactual 5 78% 82% 71% 21% 24% 66%
Pcnt Change: Counterfactual 6 79% 81% 74% 21% 23% 66%

Non-embedded environmental compliance

AESC 2024 provides several approaches to enable individual states to address specific policy directives
regarding greenhouse gas (GHG) impacts. Table 11 and Table 12 compare these costs.

e A “damage cost” approximated by the social cost of carbon (SCC). An SCC should apply low
discount rates, consider global damages, and consider high-impact events. The Synapse Team
recommends the set of SCC values published by U.S. Environmental Protection Agency (EPA) in
November 2022. We recommend a 15-year levelized SCC in the range of $249 to $415 per short
ton of carbon dioxide (CO;) in AESC 2024, with this range reflecting a choice between a 2.0
percent for the lower cost and a 1.5 percent discount rate for the higher cost. This range reflects
the range of discount rates within EPA’s recommendation, including the latest
recommendations from U.S. Office of Management and Budget (OMB) and the majority of
discount rate recommendations in the literature, as cited by U.S. EPA. New to AESC 2024, we are
also recommending the inclusion of analogous social costs of two other greenhouse gases:
methane (CH4) and nitrous oxide (N,0).

e An approach based on marginal abatement costs, assuming a cost derived from electric sector
technologies. Marginal abatement costs assert that the value of damages avoided at the margin
must be at least as great as the cost of the most expensive abatement technology used in a
comprehensive strategy for emission reduction. Offshore wind is the most appropriate marginal
abatement technology for New England under the assumption that all end uses would need to
be electrified and then powered by zero- or low- carbon electric-sector technologies in order to
achieve substantial GHG emission reductions. In AESC 2024, we estimate a total environmental
cost based on a projection of future cost trajectories for offshore wind energy along the eastern
seaboard of $185 per short ton of CO,-eq emissions. This differs from the AESC 2021 price
largely related to an adjusted projection of the cost of this technology.
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e Anapproach based on New England marginal abatement costs of $581 per short ton of CO,-eq
emissions, assuming a cost derived from multiple sectors. This approach may be useful for
policymakers who are considering more ambitious carbon reduction targets (e.g., 90 percent or
100 percent reductions by 2050) and seek to develop a complete list of comparatively politically
feasible technologies that would lead to decarbonization, or in other cases where electrification
is not being considered a viable technology (e.g., under one of the counterfactuals). In AESC
2024, this approach is based on a projection of future cost trajectories for renewable natural gas
(RNG). This value can be compared to a value of $557 per short ton (in 2024 dollars) from AESC
2021. This projected value in AESC 2024 is lower due to (a) different considerations of RNG
feedstock and (b) updated information on costs and potentials of RNG feedstock.

Table 11. Comparison of GHG costs under different approaches (2024 $ per short ton) in Counterfactual #1

AESC 2021 AESC 2024 Difference % Difference

Social cost of greenhouse gases (SC-GHG or $144
24 41 104 to 27 72 to 1879
“damage cost”) at 1.5% and 2% discount rates (2% only) 5249 to 415 5104 t0 270 to 187%
New England-based marginal abatement cost,
141 17 2 239

derived from the electric sector ? A = 3%
New England-based marginal abatement cost, $557 $581 $24 4%

derived from multiple sectors

Notes: All values shown are levelized over 15 years. All AESC 2024 values except the SCC are levelized using a 1.74 percent
discount rate (the 2.0 percent SCC is levelized using a 2.0 percent discount rate, while the 1.5 percent SCC is levelized using a 1.5
percent discount rate). All AESC 2021 values are levelized using a 0.81 percent discount rate, except SCC which uses a 2 percent
discount rate, then converted into 2024 dollars. Values shown above remove energy prices, but not embedded costs. Values
shown above do not include transmission and distribution losses.

Table 12. Comparison of GHG costs under different approaches (2024 cents per kWh) in Counterfactual #1

AESC 2021 AESC 2024 Difference % Difference
camat cost)  1o% ot tes (ony) S5O 34510988 63t0180%
New England-based marginal abatement cost, 2225 2171 0.56 2%

derived from multiple sectors

Notes: Values shown above remove embedded costs (e.g., RGGI, MA 310 7.74, MA 310 7.75). All values quoted use a summer
on-peak seasonal marginal emission rate and include a 9 percent energy loss factor. All values shown are only inclusive of point-
of-consumption CO2 GHGs and do not include upstream GHGs or GHG cost impacts related to CH4 or N20.

DRIPE

Demand reduction induced price effect (DRIPE) refers to the reduction in prices in the wholesale
markets for capacity and energy resulting from the reduction in quantities of capacity and of energy
required from those markets due to the impact of efficiency and/or demand response programs. Thus,
DRIPE is a measure of the value of efficiency in terms of the reduction in wholesale prices seen by all
retail customers in a given period. AESC 2024 models DRIPE benefits associated with reduced demand
on electricity (energy and capacity), natural gas (supply and transportation), and oil markets. Generally,
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DRIPE is first calculated with a “price shift” that represents the change in price for a change in demand.
The price shift is then adjusted so that it may be applied to any generic change in demand and represent
the market in question.

Generally speaking, compared to AESC 2021, we find (a) similar energy DRIPE values due to a number of
factors (including changes in energy prices, changes in load, and changes in hedging assumptions) that
largely offset one another, (b) generally similar trends in capacity DRIPE values, with values that are
highly variable year-to-year in both AESC 2024 and AESC 2021, especially in the near-term years due to
market price separation, (c) lower gas supply and electric-to-gas DRIPE values due to decreases in price
shifts, (d) higher gas-to-electric cross-DRIPE values due to increases in price shifts, and (e) higher oil
DRIPE values, due to changes in the underlying projection of crude oil prices.

Transmission and distribution

Measures that reduce peak loads can contribute to deferring or avoiding the T&D investments required
to continue serving growing loads, such as building new transmission facilities or upgrading existing
lines. There are three main types of avoided T&D: regional transmission (i.e. regional pooled facilities
(PTF)), local transmission, and local distribution.

In AESC 2024, we estimate an avoided pool transmission facility cost of $69 per kW-year. This can be
thought of as the cost of deferring the PTF investment by one year as a result of a one-year reduction in
peak load. This value is lower than the $95 per kW-year (in 2024 dollars) estimated in AESC 2021; in
AESC 2024 we based the avoided cost on a recent ISO New England Transmission Study. This study
estimates the future transmission investments through 2050 that are required to enable a smooth and
reliable energy transition.

AESC provides a discussion of the utility practices and methods used to calculate local T&D. In a previous
AESC, the Synapse Team surveyed some of the sponsoring utilities on their avoided local T&D estimates
and developed a common evaluation rubric for AESC 2021. As with AESC 2021, AESC 2024 presents the
following:

1. Reviewing utility approaches to generic avoided cost values for non-pool transmission facilities
T&D and evaluating these approaches on a common evaluation rubric to facilitate cross-
comparison and learning.

2. Reviewing utility approaches to calculating geographically localized avoided costs, such as for
non-wire alternatives (NWA).

Reliability

As in previous AESC reports, AESC 2024 examines how changing electric load levels can change reliability
in several ways, which differ among generation, transmission, and distribution. Our analysis addresses
the effect of increased reserve margins based on generation reliability, the potential and obstacles in
estimating the reliability associated with reduced load levels on T&D, and value of lost load (VolLL). We
also estimate the value of increased generation reliability per kilowatt of peak load reduction.
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In AESC 2024, we find a default average VoLL of $61 per kWh. This value is about 26 percent less than
the value derived in AESC 2021 ($82 per kWh in 2024 dollars), as a result of specifying the value to the
New England states. This VoLL is then applied to the calculation of reliability benefits resulting from
dynamics in New England’s FCM to estimate cleared and uncleared benefits linking to improving
generation reliability. In AESC 2024, we find 15-year levelized values of $0.38 per kW-year for cleared
benefits and $4.82 per kW-year for uncleared benefits. These are 25 to 50 percent lower than the same
values estimated in AESC 2021, after adjusting for inflation. The primary differences for these changes
include a reduction in the assumed VolLL (as described above) and different input parameters related to
the capacity market supply and demand curves.

Sensitivities
In AESC 2024, we evaluate avoided costs under two different sensitivities. These sensitivities include:

e A natural gas price sensitivity with higher gas prices than were used in Counterfactual #1 (“High
Gas Price Sensitivity”). In this sensitivity, the Henry Hub gas price depicts a future with higher
gas prices as a result of lower gas recovered per well and lower assumed rates of technological
improvement. This high gas price forecast is best used for examining likely avoided costs in a
future where the long-term fundamentals behind natural gas prices are different than in the
main counterfactuals, and where the grid is allowed to respond and build different resources
accordingly.

e A sensitivity which models a future with many distributed energy resources (DER) and increased
levels of non-emitting electricity (“Increased Clean Electricity Sensitivity”). This sensitivity
models a clean electricity goal of 90 percent regionwide by 2035 as a hypothetical Increased
Regional Clean Electricity Policy (IRCEP) that functions like a new, additional RPS policy covering
New England.

For each of these sensitivity cases, we find the following:

e Inthe High Gas Price Sensitivity, energy prices are 21 percent higher, capacity prices are
6 percent higher, RPS compliance costs are 3 to 10 percent lower, and non-embedded
GHG costs are the same for jurisdictions that use the social cost of carbon and lower for
jurisdictions that use the marginal abatement cost (because part of the construction of
this value is the energy price). All prices are compared to Counterfactual #1.3

e Inthe Increased Clean Electricity Sensitivity, energy prices are 11 percent lower,
capacity prices are 32 percent lower, RPS compliance costs inclusive of the hypothetical
IRCEP policy unchanged, and non-embedded GHG costs are unchanged. All prices are
compared to Counterfactual #5.

In the High Gas Price Sensitivity, energy prices are higher due to higher gas prices, which is the fuel that
powers the marginal resource in most hours. The non-embedded GHG cost is unchanged in jurisdictions

3 All of the summary costs described here are framed in terms of 15-year levelized costs for summer on-peak for the WCMA
region.
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that utilize a social cost of carbon, but is lower in jurisdictions that utilize a marginal abatement cost
because one of the inputs to this value is the energy price. Generally speaking, higher energy prices will
produce lower non-embedded GHG costs. For a similar reason, RPS compliance costs are lower, as
renewables participating in the RPS policies are able to cover more of their costs through energy market
revenues. Finally, capacity prices are similar, as a result of overall similar requirements to meet peak
demand.

In the Increased Clean Electricity Sensitivity, near-term energy prices are similar to Counterfactual #5.
Energy prices diverge from those in Counterfactual #5 in the early 2030s when additional renewable
resources come online. The increase in renewable resources reduces energy prices because they have
zero-marginal operating costs. Capacity prices in the Clean Electricity Sensitivity are identical or similar
to prices in Counterfactual #5 from FCA 15 through FCA 22. Beginning in FCA 23, the Clean Electricity
Sensitivity features a decrease in capacity prices due to higher levels of exogenous renewable energy
being deployed by the IRCEP program. The additional exogenous renewable energy provides extra firm
capacity, which leads to larger reserve margins and shifts in the capacity market supply curve to the
right. As a result, the capacity market clears at a lower price.
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2. AVOIDED NATURAL GAS COSTS

The following sections first discuss the drivers of natural gas commodity prices (i.e., the long-term price
for natural gas at Henry Hub and other price points upstream of New England). The wholesale natural
gas price is the market price of natural gas sold to LDCs, electricity generators, and other large end users
at interstate pipeline delivery points. The discussion then addresses the factors that drive the price
natural gas sold in New England and ends with a discussion of the methodology used to quantify
avoided costs of natural gas. The avoided cost of gas at a retail customer’s meter has two components:
(1) the avoided cost of gas delivered to the LDC (the “citygate cost”); and (2) the avoided cost of
delivering gas on the LDC system (the “retail margin”). As with previous versions of AESC, we present
natural gas avoided costs with and without the retail margin.

In the near term, natural gas prices in AESC 2024 are higher than in AESC 2021, as a result of evolving
dynamics related to worldwide natural gas demand. In the long run, the AESC 2024 prices from 2030 to
2050 drop to an average of $3.71 per MMBtu, which is close to the long-run average in AESC 2021. We
note that gas prices are data available at the time of this study, including near-term NYMEX data
published in Fall 2023 and mid- and long-term price projections published by the EIA in its Annual Energy
Outlook (AEQ) 2023 report.

For the purposes of AESC 2024, we assume a single counterfactual future: one where gas consumption
resembles the forecast projected in AEO 2023 and does not consider any future energy efficiency or
electrification measures. This is consistent with the approach used in AESC 2021 and other prior AESC
studies.

2.1. Introduction

The year 2022 saw the highest annual average Henry Hub price since 2008. The elevated prices were
driven by restricted supply due to economic conditions, weather-related declines in U.S. gas production,
and increased weather-driven demand in the United States (for heating in the winter and electric
generation in the summer) along with increased LNG exports to Europe.* Henry Hub spot prices first
began to rise in the middle of 2021. This trend continued throughout 2022: prices were above $4 per
MMBtu throughout the year and peaked in August 2022—reaching $9.85 per MMBtu on August 22,
2022.

The elevated Henry Hub prices are reflected in the latest AEO, published by the EIA in March 2023.> The
report projects a gradual return to long-run average prices, and in real terms, the Henry Hub spot price

4U.S. EIA. 2023. “Average cost of wholesale U.S. natural gas in 2022 highest since 2008.” Today in Energy. Available at:
https://www.eia.gov/todayinenergy/detail.php?id=55119.

> U.S. EIA. 2023. Annual Energy Outlook (AEO) 2023. Available at: https://www.eia.gov/outlooks/aeo/.
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averages $3.71 per MMBtu from 2030-2050. These are not substantially different than AEO 2021’s
2030-2050 average of $3.52 per MMBtu.

2.2. Gas prices and commodity costs

The following sections provide an overview of historical natural gas prices and projected future
wholesale natural gas prices.

Background

Beginning around 2007, monthly shale gas production started a period of significant growth that
continues to this day. In 2000 the United States produced 19.1 trillion cubic feet (tcf) of natural gas,
which was less than the 23.3 tcf of natural gas consumed. Starting in 2017 production outpaced
consumption. In 2022, the United States produced 35.8 tcf to supply 32.3 tcf consumption and 3.9 tcf of

exports.®

In the three years since the AESC 2021 analysis, the supply growth trends have continued as production
continued to increase, with supply mainly from the Marcellus and Utica (Pennsylvania, West Virginia,
and Ohio), Permian (Texas and New Mexico), and Haynesville (Louisiana and Texas). However, the
growth in domestic consumption has moderated, and recently has been flat. Recent news has also
focused on the increase of LNG exports, which are primarily from new terminals on the Gulf Coast and
Eastern Seaboard.

The upstream (production) side has seen a geographical shift. Since the beginning of 2018, Permian gas
production has more than tripled, compared to a 40 percent increase in Marcellus volumes.

Over the past two years, the New England gas market has seen stable demand (see Section 2.3. New
England natural gas market). However, the primary sources of gas supply to New England and the
delivery pipelines are unchanged. As in prior AESC studies, we conclude that there are three main
components to New England gas costs.

1. The natural gas price at the point of purchase at a market trading hub or at the
production site (the “supply area” price or “commaodity cost”);

2. The pipeline transportation cost from the trading hub or supply area to the LDC citygate
or electric generating plant; and

3. The retail distribution margin from the citygate to the end user’s burner tip.

6 U.S. EIA. 2023. “Natural Gas Explained: where our natural gas comes from”. Available at:
https://www.eia.gov/energyexplained/natural-gas/where-our-natural-gas-comes-from.php.
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Supply area natural gas prices

Natural gas consumed in New England is sourced from various points in the United States and Canada.
These sources vary depending on the purchasing entity and contractual arrangements, as well as
seasonal differences such as storage and LNG. Gas is purchased at hubs in New England, such as the
Algonquin (AGT) Hub, or hubs further south, in Canada, or in other locations. As in the rest of North
America, because of the integrated pipeline network, gas prices in New England are strongly correlated
to the Henry Hub benchmark. Therefore, similar to previous AESC studies, Henry Hub serves as the
foundation for developing price projections relevant to New England markets. The rationale for this
choice is that Henry Hub has been the U.S. gas price benchmark since the early 1990s and is likely to
continue that role in the foreseeable future. There are many reasons for choosing Henry Hub.

1. Foremost, perhaps, is that it the most highly traded natural gas pricing point in the
United States. According to the Chicago Mercantile Exchange (CME), the NYMEX Henry
Hub contract (symbol “NG”) is the third-largest physical commodity futures contract in
the world by volume.” The New York Mercantile Exchange (NYMEX) trades Henry Hub
monthly gas with contracts extending for 120 months.

2. Many natural gas purchase and sales contracts for natural gas are tied to the NYMEX
Henry Hub price because of transparency and liquidity. Moreover, they allow market
participants the ability to hedge and to manage risk.

3. For many of the other trading points (hubs) throughout the United States, Henry Hub
serves as the derivative pricing market in the form of basis trades, i.e., the difference
between the Henry Hub price and the price at a different hub.

4. EIA (in the AEO) and many other organizations base their price forecasts on Henry Hub.

5. The burgeoning surplus of gas in Appalachia and other regions is being increasingly
funneled to LNG export terminals along the Gulf Coast (Texas and Louisiana). Export
capacity has increased from roughly 3 billion cubic feet per day (Bcfd) from the end of
2017 to a projected 12 Bcfd in 2023.2 Nearly 10 percent of U.S. gas demand now comes
from LNG exports, with the bulk of that along the Gulf Coast. Even more LNG export
capacity is expected to go online in 2024: Golden Pass in Texas and Plaguemines in
Louisiana. The AEO and most other forecasts envision that LNG exports will be the
marginal market for natural gas at least over the next decade and that the Henry Hub
pricing point in Louisiana will be a primary signal in this new market dynamic.

7 Details on the NYMEX Henry Hub Contract can be found on the CME website:
http://www.cmegroup.com/trading/energy/nymex-natural-gas-futures.html. There is seasonality in the 12-year NYMEX
Henry Hub futures complex and we are using that seasonality to convert the annual AEO forecasts to monthly forecasts. CME
data was downloaded for use in the AESC 2024 Study in August 2023.

8 U.S. EIA. “STEO Between the Lines: U.S. LNG Exports will increase next year as two export terminals come online.” Short-Term
Energy Outlook. Available at: https://www.eia.gov/outlooks/steo/report/BTL/2023/07-
LNG/article.php#:~:text=We%20expect%20U.5.%20LNG%20exports,increase%20t0%2013.3%20Bcf%2Fd.
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Although natural gas prices quoted by the NYMEX are volatile, they represent the current collective
wisdom of the gas market. Prices change daily as physical buyers and sellers and financial players
continually assess new data and reformulate expectations about the future gas market. Near-term
factors such as storage balances, weather, and demand and supply expectations have a larger influence
in the front of the price curve. These prices influence decisions by producers, consumers, and investors
that can affect the future demand and supply balance. Most NYMEX participants are “hedgers” who use
the futures market to reduce the risk of financial losses from price changes, i.e., lock in a price to buy or
sell gas. With more hedging in the winter months when gas demand peaks, there is marked seasonality
in natural gas trading. Most hedging is short-term, i.e., over the next 12 to 18 months, so there is more
liquidity (larger volume of transactions) in the near months of the natural gas market). Liquidity falls
significantly beyond 18 months. Thus, similar to previous AESC studies, the short-term natural gas price
forecast relies entirely on NYMEX Henry Hub futures. In addition, we use the seasonality in monthly
prices observed in the 2024—2025 NYMEX futures complex to develop long-term monthly trends for the
Henry Hub gas price over the 2024-2050 study period.

As with previous AESC studies, we rely on AEO for longer-term Henry Hub price forecasts. The most
recent current AEO was published in March 2023 (AEO 2023).° There are numerous reasons for choosing
AEO for longer-term price forecasts; foremost is the extensive documentation and transparency of the
inputs and models used by EIA. There are many companies, consultants, and other organizations that
forecast natural gas and other prices. However, there is no way to evaluate them without complete
datasets, assumptions, or documentation on model algorithms. The EIA forecasts are public,
transparent, and incorporate the long-term feedback mechanisms of energy prices upon supply,
demand, and competition among various fuels. Previous AESC studies have relied on the AEO Reference
Case, which generally assumes current legislation and environmental regulations. Specifically, AEO
2023’s Reference Case incorporates provisions from the Inflation Reduction Act of 2022 (IRA) that would
influence energy consumption, production, and trade.'®

The changes in the Reference case in AEO 2023 are driven by the impacts of the IRA, updated
technology costs and performance, and changes in macroeconomic outlook. It also shows a “significant
shift towards lower future emissions,” driven by increased electrification, equipment efficiency, and
renewable technologies for energy generation.'! On average, the Henry Hub price forecast for the AEO
2023 reference case is approximately 5 percent higher than the corresponding forecast from AEO 2021.
Meanwhile, alternative scenarios explored in AEO 2023 (“side cases”) consider the impacts of high and
low oil and gas supply, high and low zero-carbon technology, and different macroeconomic cases.

3 U.S. EIA. 2023. Annual Energy Outlook (AEO) 2023. Available at: https://www.eia.gov/outlooks/aeo/.

10 Assumptions are documented in several reports. See EIA’s AEO discussion at
https://www.eia.gov/outlooks/aeo/narrative/index.php#Appendix.

11 y.s. EIA. 2023. “Executive Summary”. Annual Energy Outlook (AEQ) 2023. Available at: https://www.eia.gov/outlooks/aeo/.
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For AESC 2024, we use the current NYMEX Henry Hub futures forecast for short-term prices (through
2025) and AEO 2023 for medium- and long-term prices. We believe that the NYMEX Henry Hub price
forecast incorporates an independent and collective view of the market supply and demand balances.
Meanwhile, AEO 2023 represents a neutral, third-party projection of Henry Hub prices based on recent

trends and expectations

The following section provides highlights of the AEO 2023 Reference case and other AEO cases.

AEO 2023 Reference case

Compared to the recent past, the AEO 2023 Reference case projects U.S. natural gas industry growth
driven by electric generation requirements and LNG exports. Gas production in the United States (dry
gas) is projected to remain at historically high levels, supported by stable domestic natural gas
consumption and high international demand for LNG. The United States is projected to remain a net
exporter of natural gas through 2050 in all the AEO 2023 cases.

In AEO 2023, real Henry Hub prices (in 2022 dollars) are projected to fall steadily from $6.52 per MMBtu
in 2022 to $3.49 per MMBtu in 2025. Prices then stabilize, averaging $3.71 per MMBtu over the period
from 2030 to 2050.

Figure 2 shows the forecast of Henry Hub prices used in AESC 2024. These rely on NYMEX futures (from
August 2023) for prices between September 2023 and December 2025.%2 Prices in 2026 through 2050
are based on AEO 2023.

12 Historical Henry Hub prices were retrieved from Natural Gas Intelligence’s (NGI’s) “Daily” subscription service. NYMEX

o

Futures prices for Henry Hub were retrieved from NGI’s “Forward Look” subscription service. More details on each service
can be found at: https://www.naturalgasintel.com/.
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Figure 2. Henry Hub price forecasts (Actuals, NYMEX, AESC 2024, and AESC 2021)
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As shown in Figure 2, Henry Hub natural gas prices in AESC 2024 eventually stabilize at a value close to
AESC 2021. Despite the short-term price spike, forecasts of Henry Hub prices have continually declined
over the past decade for several reasons.

1. Productivity in shale drilling has been increasing steadily. Per EIA, average productivity
(new well gas production per rig) was about 1,284 Mcf at the beginning of 2014.
Productivity was 3,570 Mcf in EIA’s January 2018 report and 6,906 Mcf in the January
2021 report,'3 and 5,264 Mcf in the September 2023 report. This continues the
observed trend from the previous decade, that costs per unit of production have
decreased, although AEO assumes that new supply will not be as productive as in the
past, thus requiring higher prices to induce drilling.

2. A growing portion of gas production has been coming from oil wells (e.g., “associated
natural gas”). For oil producers, drilling decisions are based on crude oil prices and any
natural gas sold is considered a byproduct. Depending on gas pipeline availability and
flaring regulations, this gas will be produced at any price as long as crude oil economics
are positive. As new tranches of associated gas are marketed, they often displace
existing gas production, which places upward pressure on gas prices.

LNG exports from the United States have grown since 2016, increasing such that the United States
became the world’s largest LNG exporter in 2022. Growth in LNG exports is caused by increased LNG
export capacity, higher international prices for natural gas and LNG, and increased demand, particularly

13 y.s. EIA. 2021. 2019. “Drilling Productivity Report.” Petroleum and Other Liquids. Available at:
https://www.eia.gov/petroleum/drilling/.
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from Europe.® The AEO 2023 Reference Case projects that total natural gas exports, pipeline gas. and
LNG will become the largest component of demand by the early 2030s.1°> Scenario modeling by the EIA
show that higher LNG exports drive U.S. natural gas prices higher, driven by the sensitivity of demand
from the electric power sector and, to a lesser extent, the manufacturing sector.®

Extreme weather events drive natural gas prices higher. Extreme cold increases heating demand as
residential and commercial customers crank up their natural gas furnaces and boilers. Extreme heat also
has an impact, as the demand for cooling increases demand for electricity supplied by natural-gas-fired
generating facilities.

Natural gas prices at other upstream supply points

Although Henry Hub is the U.S. natural gas price benchmark, prices vary greatly across the nation.
Conditions such as local production, pipeline capacities, storage availability, and demand variability are
some of the many factors that cause this variation. Over the past few decades, most supply and
consuming regions developed gas hubs, which are liquid pricing points where gas is bought and sold for
immediate or future delivery. There are many hubs in the Northeast, but the critical question is which
ones determine New England's natural gas prices.

Without indigenous production, New England continues to acquire gas from outside the region via:

1. Six pipeline systems including Tennessee Gas Pipeline (TGP) and Algonquin Gas
Transmission (AGT) from the south; Iroquois Gas Transmission (IGTS) from the west
through New York State; and Maritimes & Northeast Pipeline (MNP) along with Portland
Natural Gas Transmission (PNGTS) from Canada via TransCanada Pipelines (TCPL). See
below for a more detailed description of the six pipeline systems.

2. Two LNG import terminals in the Boston area, including Excelerate Energy’s Northeast
Gateway Deepwater Port and Constellation Energy’s Everett terminal. There is also the
Saint John LNG import terminal in New Brunswick, from which regasified LNG can be
piped down MNP into New England.

Pipeline shippers purchase natural gas at various supply or market hubs. This natural gas may be
sourced from the U.S. Gulf Coast, Midwest, Appalachia, and Western Canada; however, production in
the Marcellus/Utica has outstripped natural gas consumption in the Northeast. As a result, the physical
source of New England pipeline gas is being increasingly supplied from this nearby basin even if shippers

14 U.s. EIA. 2022. “The United States Became the World’s largest LNG exporter in the first half of 2022.” Today in Energy.
Available at: https://www.eia.gov/todayinenergy/detail.php?id=53159.

15 U.S. EIA. 2023. AEO 2023 Issues in Focus: Effects of Liquefied Natural Gas exports on U.S. Natural Gas Market. Page 3.
164, page 4.
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are notionally purchasing gas from distant supply basins (Gulf Coast, Western Canada, Permian Basin,
etc.).”” Thus the price at hubs that source Marcellus/Utica gas is increasingly relevant to New England.

Although sourced from various upstream supply basins, a significant volume of New England gas is
priced at the Algonquin Citygate Hub. AGT basis futures are traded on the Intercontinental Exchange
(ICE) and there is a market up to 48 months out. AGT spot prices are also quoted in several publications
and on the EIA website; we retrieved them from Natural Gas Intelligence (NGI) in this analysis. For 2026
and later years, to calculate the future monthly variation in prices for Henry Hub, Algonquin Citygate,
and other hubs upstream of New England, we average historical and projected monthly data (based on
NYMEX) for the period 2021-2025.8 For Henry Hub, we apply the “shape” of this monthly variation to
the annual data from AEO 2023. For Algonquin Citygate and other hubs, we simply add the average
monthly basis to the Henry Hub value.

We have also analyzed historical monthly basis data for these pricing points from NGI, allowing us to
apply the seasonality in monthly prices to our longer-term projections. See Figure 3 for a historical
comparison of gas prices at Algonquin Citygate and Henry Hub. For purposes of electricity modeling, the
relationship of daily Algonquin Citygate pricing is analyzed relative to heating degree days (HDDs), with a
relationship between daily price deviations from a monthly average relative to HDDs being derived. We
then applied these daily price changes to the weather data inherent in the 2002 electricity load shape to
modify the projection of monthly prices on a daily basis (for more on this 2002 load shape, see Section
4.3: New England system demand and energy components).

17 Since natural gas is fungible, interstate pipelines can displace gas anywhere it enters or leaves the system.

18 The term upstream generally refers to hubs and other points closer to the source of gas production.
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Figure 3. Historical comparison of natural gas prices at Algonquin Citygate Hub and Henry Hub
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In AESC 2024, we use the Millenium East Pool price, which is more representative of the actual prices
paid by New England LDCs for gas transported through recently acquired pipeline capacity.'® To cover
the major gas supply sources, we model monthly prices at the Dawn Ontario Hub, Millennium Pool, and
TETCO M3 Hub using a similar methodology as our projection for the Algonquin Citygate basis (see
Figure 4). We assume the projected monthly basis values for these hubs remain constant in real dollar
terms over the modeling period.

While often correlated, natural gas prices at each hub will vary, depending on supply, demand and
pipeline capacity, transport costs, and other conditions. There are trading platforms for these hubs:
NYMEX trades Henry Hub, and NGI publishes prices for Millennium and the Dawn Hub. In most cases
there is both a spot and a futures market of varying lengths at these hubs. We believe the futures prices
used in this analysis embed an unbiased estimate of the market’s expected seasonal demand-supply
pressures in the near term.

191n AESC 2018, we used the Dominion South Point (hub) index to measure gas prices in the Marcellus shale producing areas in
and about Pennsylvania. In AESC 2021, we used Texas Eastern Zone M-2 (TETCO M2).
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Figure 4. Historical and projected prices for various hubs
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2.3. New England natural gas market

In addition to the commaodity costs discussed above, natural gas avoided costs include the costs of
transmission, storage, and peaking resources needed to make gas available where and when it is
consumed. This section addresses the gas supply resource costs that would be avoided by reducing gas
use and describes our methodology for calculating the avoided natural gas costs by end use.

Natural gas consumption

Figure 5 shows the natural gas delivered to end users in the six New England states for the years 2010
through 2022. Growth in residential and commercial consumption has been largely offset by lower gas
use for electricity generation.
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Figure 5. Historical natural gas deliveries in New England
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As a point of reference, the AEO 2023 Reference case forecast for New England shows a gradual
increase in non-electric consumption of natural gas through 2050 (see Figure 6). Meanwhile, EIA’s AEO
projects gas consumption in the electric power sector to be halved by 2026, then remain at a relatively
consistent level through 2050. Please note we do not use AEQ’s forecasts for gas consumption in AESC
2024; instead we calculate projections of gas consumption in the electric sector dynamically in the
EnCompass model (see Chapter 4: Common Electric Assumptions and Chapter 5: Avoided Capacity Costs
for more) while we base consumption in the non-electric sectors on data from the LDCs (see subsequent
text in this chapter).
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Figure 6. AEO 2023 natural gas consumption forecast for New England

3.0
o
s
E 2.5
N5
2< 20
83‘ IIIIIIIIIII Electric Power
E § .5 I I I Generation
gz N |||||||||||||||,ndusm,
2% o
[ '
Q.2 -
o= Residential and
© < 05 Commercial
g
Z 0.0

2023 2028 2033 2038 2043 2048

Source: U.S. Energy Information Administration (EIA). Available at
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Recent New England LDC forecasts show annual growth in customer requirements ranging from 0.0
percent to 2.4 percent per year (see Table 13). For the 13 LDC forecasts shown, the weighted average

increase in requirements over a five-year period is 1.4 percent per year.2°
There are several reasons why the LDC forecasts would be different from the EIA forecast:

e The LDC forecasts are “planning load” forecasts, not forecasts of total consumption.
Planning load customers are sales customers that buy gas from the LDC, and
transportation-only customers that buy gas from marketers that receive upstream
capacity resources from the LDC under retail choice programs. “Capacity exempt”
transportation customers that do not use LDC supply resources are excluded.

e LDC planning load excludes most gas used for electricity generation. Gas-fired power
plants in New England typically receive gas supplies directly from an interstate pipeline
or transport gas for an LDC under a special contract that makes them capacity-exempt.

e Some LDCs adjust their forecasts to include potential migration of existing capacity-
exempt transportation customers to sales service or capacity-assigned transportation
service. Shifting gas use by existing capacity-exempt transportation customers into

20 Growth rates weighted by the annual planning load forecasts for 2022 to 2023.
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planning load causes the planning load growth rate to be higher than the actual growth
in total consumption.

e Finally, some New England LDCs have chosen not to adjust their forecasts to reflect
state initiatives to reduce GHG emissions at this time.

Table 13. New England LDC natural gas requirements forecasts
CAGR 2022-2023 forecast (Bcf)

Utility (%) Annual B B Forecast period Case or Docket Number
National Grid 2.4% 136.0 1.437 2023 to 2027 MA DPU 22-149
Eversource Gas 0.9% 47.9 0.520 2022 to 2026 MA DPU 21-118
NSTAR Gas 1.5% 50.2 0.551 2022 to 2026 MA DPU 22-86
Liberty Utilities (MA) 0.9% 6.8 0.081 2022 to 2027 MA DPU 22-129
Berkshire Gas 0.9% 6.4 0.066 2023 to 2027 MA DPU 22-148
Fitchburg Gas 0.2% 23 0.024 2023 to 2027 MA DPU 23-25
CT Natural Gas 0.4% 35.7 0.363 2023 to 2027 CT PURA 22-10-03
Southern CT Gas 0.3% 33.9 0.336 2023 to 2027 CT PURA 22-10-03
Yankee Gas 1.5% 55.5 0.486 2023 to 2027 CT PURA 22-10-03
Rhode Island Energy 0.4% 36.1 0.399 2023 to 2028 RI PUC 22-06-NG
Liberty Utilities (NH) 0.9% 16.4 0.166 2023 to 2027 NH PUC DG 22-064
Northern Utilities 1.1% 21.3 0.144 2023 to 2027 ME PUC 22-00078
Vermont Gas 0.0% 7.2 0.072 2023 to 2027 VT PUC 21-0167-PET
Total 455.7 4.645

New England region gas supply resources

Natural gas consumed in New England comes from three main sources: (1) domestic and Canadian gas
transported into the region by pipeline, (2) LNG delivered by ship or by truck, and (3) supplemental
supplies, such as propane and RNG. The amount of gas available to New England consumers on any day
depends on:

e The operational capacity of the pipelines that deliver gas into New England
minus the capacity reserved for markets in downstate New York and Atlantic
Canada.

e Supply and send-out capacity of LNG import terminals.

e Storage inventory and production capacity of LNG and propane peaking
facilities.

e The availability of gas from other sources, including RNG, compressed natural
gas (CNG), and LNG transported from outside the region by truck.

Gas transmission pipelines

Six major natural gas pipeline systems deliver gas to New England markets (see Figure 7).

Tennessee Gas Pipeline (TGP): Two branches of the TGP mainline deliver gas into New England. The
“200 Line” enters Massachusetts from upstate New York and extends into the Boston area. The “300
Line” enters southwestern Connecticut and connects to the 200 Line at Agawam, MA. Lateral pipelines
transport gas into Rhode Island and New Hampshire.
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Algonquin Gas Transmission (AGT): AGT is a regional pipeline that extends from central New Jersey to
the Boston area. AGT provides access to Gulf Coast production and Appalachian area storage through
multiple pipeline connections in New Jersey, and receives Marcellus shale gas from TGP at Mahwah, NJ
and from Millennium Pipeline at Ramapo, NY. AGT delivers gas in Connecticut, Rhode Island, and
Massachusetts. The AGT system also includes a 25-mile undersea pipeline (the “HubLine”) that extends
from Weymouth, MA to an interconnection with Maritimes & Northeast Pipeline (MNP) in Salem, MA.

Iroquois Gas Transmission System (IGTS): IGTS connects with TransCanada PipeLines (TCPL) at
Waddington, NY. IGTS crosses the southwestern corner of Connecticut before terminating in Long Island
and New York City. IGTS connects with TGP at Wright, NY, and with AGT at Brookfield, CT.

Portland Natural Gas Transmission System (PNGTS): PNGTS receives natural gas from TCPL at the New
Hampshire-Quebec border through capacity that TCPL holds on the Trans Quebec and Maritimes
pipeline (TQM). PNGTS connects with MNP at Westbrook, ME and delivers gas into TGP at Dracut, MA.

Maritimes & Northeast Pipeline (MNP): MNP was originally built to transport gas from Nova Scotia to
U.S. markets.?! Gas deliveries from offshore Nova Scotia began in 2000 and ended in 2018. Today MNP
is primarily an export pipeline supplying Atlantic Canada, and is the outlet for gas from the Saint John
LNG terminal in New Brunswick. MNP receives gas from the Brunswick Pipeline at the Maine-New
Brunswick border and connects with PNGTS at Westbrook, ME. MNP delivers gas into TGP at Dracut,
MA, and to AGT at Salem, MA.

TransCanada PipelLines (TCPL): TCPL’s Canadian Mainline extends from Alberta to Quebec. TCPL
transports Western Canadian gas production and receives gas from the Dawn hub in southwestern
Ontario through its connection with Enbridge Gas Inc. (formerly Union Gas Ltd.)?2 TCPL connects to IGTS
and PNGTS and delivers gas directly to Vermont Gas System (VGS).

21 Natural gas production in Nova Scotia ended in 2018.

22 Enbridge Gas (formerly Union Gas Limited) operates the Dawn Hub.
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Figure 7. Natural gas pipeline infrastructure in New England and nearby regions
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Pipeline capacity into New England has expanded in recent years. Between January 2017 and the end of
2023, capacity into New England from New York and Quebec increased by just over 20 percent, from 3.3
Bcfd to 4.1 Bcfd (see Table 14). Adjusting for capacity that is reserved for markets in downstate New
York and Atlantic Canada, the amount of pipeline capacity currently available for New England
consumers is approximately 3.6 Bcfd.

Table 14. Pipeline capacity into New England (Bcfd)

Pipeline 2017 p{1pXx] Change
TGP 1.32 1.39 0.07
AGT 1.52 1.94 0.42
To Downstate NY -0.32 -0.32

To Atlantic Canada - -0.04

Net Available 1.20 1.58 0.38
IGTS 0.21 0.21 -
PNGTS 0.21 0.46 0.25
To Atlantic Canada - -0.12

Net Available 0.21 0.34 0.13
Vermont Gas 0.07 0.08 0.01
Capacity into New England 3.33 4.08 0.75
Net Available 3.01 3.59 0.59
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Nearly all of the pipeline expansion activity has occurred on two paths (see Table 15). The Algonquin
Incremental Market (AIM) and Atlantic Bridge expansion projects increased AGT capacity to transport
Marcellus shale gas into New England from New Jersey and New York. The PNGTS Portland Xpress and
Westbrook Xpress projects expanded the pipeline’s capacity to receive gas from TCPL to supply Maine
and New Hampshire and for delivery to MNP and TGP.

Table 15. Recent pipeline expansions in New England

Pipeline Project

Capacity

(Bcfd) Description

Expand from Ramapo, NY to New

AGT AIM 0.342 . Completed early 2017
England citygates
Expand from Ramano. NY to Added 0.040 Bcfd in 2017, 0.093 Bcfd
AGT Atlantic Bridge 0.133 P PO, in 2019. Deliveries to MNP began in
Salem, MA
2020.
PNGTS Portland XPress 0.064 Expand from Canadian borderto ' 04 9018, 2019, and 2020
Dracut, MA
PNGTS Westbrook XPress 0.123 =i e CaTEeln Den ey i Completed 2020, 2021, and 2022

Westbrook, ME and Dracut, MA

Pipeline operators have announced plans to expand pipeline capacity into New England from the
Marcellus shale gas producing area and Canada on these same two paths.

In September 2023 PNGTS notified the Federal Energy Regulatory Commission (FERC)
that it will increase its certificated capacity to provide 0.059 Bcfd of additional
transportation service, starting on or before April 1, 2024.2* No new facilities are
required on PNGTS, but future expansion by TCPL is expected.

Millennium Pipeline held a binding open season for the Repurposing to Ramapo (R2R)
project in late 2022. The R2R project would increase delivery capacity into the Ramapo,
NY, interconnection with AGT by 0.125 Bcfd. The planned in-service date is November 1,
2025.

In late 2023 AGT held an open season for the proposed Project Maple expansion. AGT
would expand mainline capacity into New England from Ramapo, NY, by up to 500 Bcfd.
The planned in-service date is 2031.

Liquefied natural gas import terminals

Because pipeline capacity into New England cannot supply all of the gas required on cold winter days,
the region is dependent on supplies of LNG. Three LNG import terminals deliver gas into the New

England market:

o Distrigas of Massachusetts: The Distrigas LNG terminal in Everett, MA, is
currently owned by Constellation Energy. The facility has approximately 3.4 Bcf
of storage and can deliver up to 0.7 Bcfd into TGP, AGT, and the National Grid

23 FERC Docket No. CP23-548.
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distribution system. The Everett terminal loads LNG into trucks to fill tanks at
peaking facilities throughout the region and is the sole source of gas for
Constellation’s Mystic Generating Station.?*

o Northeast Gateway: Excelerate Energy’s Northeast Gateway is an offshore LNG
receiving facility that injects gas directly into the AGT HubLine from specialized
ships with onboard vaporization. Northeast Gateway began operating in 2008,
but it has received only a few winter-season shipments in recent years.

e Saint John LNG: The Saint John LNG terminal (previously called Canaport) has
close to 10 Bcf of storage capacity and can send out approximately 1 Bcfd.
Repsol Energy North America uses 0.7 Bcfd of firm transportation capacity that
it holds on MNP to sell gas at Dracut and Salem in Massachusetts. Several New
England LDCs have contracts with Repsol to buy winter gas supplies at these
points.?>

Gas peaking facilities

Most New England LDCs operate on-system peaking facilities that inject either vaporized LNG or
propane into the distribution system during periods of high gas demand (see Table 16). The total design-
day production capacity for these facilities is approximately 1.4 Bcfd. Many of the LDC peaking facilities
have on-site storage, but others are satellite facilities that require mid-winter refill by truck.

Table 16. New England LDC peaking facilities (2022-2023 winter)

Number of facilities I(\Ziiraecgi:;?;: ‘:}IZ:;‘), Agg;zgai:teys(t:::;ge
Massachusetts LNG 17 0.866 10.465
Connecticut LNG 3 0.282 3.484
Rhode Island LNG 2 0.119 0.802
New Hampshire LNG 3 0.013 0.013
Maine LNG 1 0.006 0.012
TOTAL LNG 26 1.286 14.776
Massachusetts Propane 7 0.059 0.180
New Hampshire Propane 3 0.035 0.108
Vermont Propane 1 0.008 0.015
TOTAL PROPANE 11 0.102 0.303

Total On-System Peaking

24 The planned retirement of the Mystic generating plant in 2024 has created uncertainty about the future operation of the
Distrigas terminal.

25 For example, the Massachusetts DPU approved multi-year contracts between Repsol and Eversource Gas for up to 47,000
MMBtu per day and 1,551,000 MMBtu per winter season in Docket No. 17-172.
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Compressed natural gas

Several companies operate compression facilities in New England that fill large-capacity truck trailers
with CNG.%® The primary customers for trucked CNG are industrial and large commercial end users that
would not otherwise have access to natural gas. LDCs can also use CNG as a winter peaking resource, a
source of supply during system repairs, or a source of gas supply for isolated market areas.

CNG can expand the natural gas market by allowing large end users to switch to gas from another fuel.
However, the impact that CNG will have on the New England gas market will depend on where the CNG
is produced. When CNG is produced locally, it can increase the need for pipeline capacity to deliver gas
into the New England region. CNG facilities that are connected to LDCs can also increase the
requirement for gas supply resources and distribution capacity. Alternatively, CNG transported into New
England from compression facilities outside the region can be a source of gas supply that reduces the
need for pipeline capacity and other sources of supply.

Renewable natural gas

RNG is pipeline-quality gas extracted from landfills or produced from waste material using anaerobic
digesters. Substituting RNG for natural gas is regarded as a means of reducing GHG emissions.

To meet decarbonization targets, which typically culminate with a goal of achieving net-zero emissions
by 2050, some LDCs have proposed blending or fully replacing fossil fuel natural gas with RNG. As an
example of actions LDCs are taking, in May 2022, National Grid issued an RFI for RNG to be delivered in
Massachusetts and New York.2” Regulatory approval to increase RNG purchases will put upward
pressure on RNG prices, and thus its price premium over conventional natural gas. It will also increase
concerns about the availability of RNG.

Vermont Gas and Summit Natural Gas of Maine (SNGME) have implemented voluntary sales programs
under which customers can choose to have a portion of their gas consumption backed by RNG.?% Both
programs currently use RNG produced outside of New England.?®

Projects to supply RNG to New England LDCs and other end users include:

26 NG Advantage has facilities in Milton, VT, and Pembroke, NH. Xpress Natural Gas (XNG) has facilities in Eliot, ME, and
Baileyville, ME. Innovative Natural Gas (iNATGAS) has facilities in Worcester, MA, and Concord, NH.

27 National Grid. 2022. “National Grid’s first-of-its-kind renewable energy RFI validates a fossil-free energy strategy for the
Northeast,” Available at: https://www.nationalgridus.com/News/2022/08/National-Grid-8217-s-first-of-its-kind-renewable-
energy-RFl-validates-a-fossil-free-energy-strategy-for-the-Northeast/.

28 summit Natural Gas Maine. “A Program to help Build a Sustainable Energy Future.” summitnaturalgas.com. Available at:
https://www.summitnaturalgasmaine.com/RenewableNaturalGas.

29 RNG for the Vermont Gas program comes from a landfill in Quebec and a wastewater treatment plant in lowa. SNGME is
buying RNG attributes from a landfill in Oklahoma.
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e An anaerobic digester facility operating at a dairy farm in Salisbury, VT, utilizes food
waste and animal manure to generate 140,000 Mcf per year. Middlebury College®° and
the gas utility, VGS, purchase the RNG generated.3!

o  SNGME received Maine PUC approval to buy up to 146,000 Mcf of RNG per year from
Peaks Renewables, Inc., which is developing an anaerobic digester facility at a dairy farm
in Clinton, ME.32 The facility is expected to be in full operation by the end of 2023.

To develop the RNG price forecast and emissions estimate in this report, we utilized externally derived
estimates of RNG production by region, RNG price by feedstock, and carbon intensity by feedstock. In
the following section, we will discuss each element.

The first estimate reviewed is RNG production. National estimates for RNG production are limited. For
this report, we use the projection calculated in a 2019 comprehensive study by ICF33 that estimated RNG
potential and costs for all regions and states in the United States. These estimates were calculated for
three scenarios: low resource potential, high resource potential, and technical potential. According to
the IFC report, by 2040, New England is projected to generate around 2 percent of the total RNG
production in the country in the three scenarios. New England RNG is generated mostly from landfill gas,
municipal solid waste (MSW), and animal manure.3* Table 17 shows the high resource potential
estimates from this study.3®

30 Vanguard Renewables. Last accessed March 10,2021. "Goodrich Farm.” Vanguardrenewables.com. Available at
https://vanguardrenewables.com/portfolio-items/goodrich-farm-salisbury-vt/.

31 VGS. Last accessed October 26, 2023. “Renewable Natural Gas.” Vgsvt.com. Available at
https://vgsvt.com/climate/renewable-natural-gas/.

32 Request For Approval of Affiliated Interest Transaction for a Special Rate Agreement, Natural Gas Sale and Purchase
Agreement, and Interconnection Agreement With Peaks Renewables, Inc Pertaining To Summit Natural Gas of Maine, Inc,

Docket No. 2020-00089, Maine Public Utilities Commission. SNGME will buy the gas produced by the facility, but not the
RNG Attributes. Peaks Renewables is an affiliate of SNGME.

33 |CF. 2019. Renewable Sources of Natural Gas: Supply and Emission Reduction Assessment. Available a:
https://www.gasfoundation.org/wp-content/uploads/2019/12/AGF-2019-RNG-Study-Full-Report-FINAL-12-18-19.pdf.

34 Id, page 13-14.

35 The 2019 ICF report on RNG only showed resource potential as of 2040. We made downward adjustments in the RNG
available for the years before 2040 based on the supply curves for each feedstock.
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Table 17. High resource potential scenario for RNG in 2040 (TBtu/year)

g Atan Noth Mo SOMD EsstSouth WestSouth Moun- oo

land tic Central Central Atlantic  Central Central tain
LFG 21.7 94.3 173.8 47.3 145 59.1 106.2 329 155.2 854.6
Animal Manure 16 24.2 60.6 88.9 63.4 37.7 719 57.5 42.1 462.3
WRRF 1.6 6.3 6.6 2 5.1 1.6 3.1 1.7 5.5 335
Food Waste 31 8.8 9.9 4.1 131 4.2 8 2.9 9.8 63.9
Sub-Total, AD 424 133.6  250.9 142.3 226.6 102.6 189.2 125 212.6 1425.3
Ag Residue 0.1 9.2 142.6 361 26.9 7.3 28.8 27.3 373 640.5
Forest Residue 7.3 9.7 19.3 13 75.2 413 37.1 19.3 13.6 235.8
Energy Crops 0.5 9.4 64.4 260 77.3 91.6 330.5 3.9 0 837.6
Sub-Total, TG 7.9 28.3 226.3 634 179.4 140.2 396.4 50.5 50.9 1,713.9
MSW 324 91.6 103.4 46.1 136.3 43.2 83.2 50.1 108.5 694.8
P2G / Methanation 678.7

80.5 pZ 569.4 819.4 532 283.5 658.1 2225 3594 4,512.6

Source: Reproduced from ICF. 2019. Renewable Sources of Natural Gas: Supply and Emissions Reduction Assessment.

The second estimate reviewed is RNG cost by feedstock. We relied on the estimates developed by ICF,
which are based on assumptions of capital expenditures and operational costs for RNG production for
each feedstock and the production technology utilized.3® RNG from landfill gas and water resource
recovery facilities (WRRF) are produced with anaerobic digestion and are the most cost-effective.3’ RNG
produced using thermal gasification are more expensive, as the technology is still immature.38 Table 18
shows these estimates. Another RNG supply curve was generated by E3 for the Massachusetts

36 |cF. 2020. Study on the Use of Biofuels (Renewable Natural Gas) in the Greater Washington DC Metro Area. Page 67-69.
Available at: https://www.washingtongas.com/-/media/3a5633e2c3c64ed08fe1ef96c65d8207.pdf.

37 Anaerobic digestion is the process where organic matter is broken down by bacteria. This is the process through which RNG
is produced from manure, wastewater, and food waste.

38 Thermal gasification applies high heat to break down organic molecules into biogas and carbon dioxide. This can be utilized
for drier feedstocks such as agricultural and forest residue.
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Department of Public Utilities (DPU) that similarly shows the lowest-cost RNG is generated from landfill
gas and wastewater treatment facilities.3°

Notably, the RNG cost ranges in Table 18 only include RNG produced from anaerobic digestion and
thermal gasification; they do not include cost estimates for synthetic natural gas (SNG), which is
produced from hydrogen combined with CO, from biowaste (SNG-bio) or direct air-capture (SNG-DAC).
This report’s synthetic natural gas price projections are based on hydrogen and SNG cost estimates
produced by E3 and Scott Madden in 2022, reduced by production tax credits (PTC) for hydrogen (see
the discussion on hydrogen in the following section).

Table 18. RNG cost ranges by feedstock (2024 $ per MMBtu)

Landfill Gas $8.64 $23.12
Animal Manure $22.39 $39.66
WRRF $9.00 $31.76
Food Waste $23.60 $34.43
Agricultural Reside $22.27 $33.34
Forest Residue $21.05 $35.53
Energy Crops $22.27 $37.96
MSW $21.05 $53.78

Source: ICF. March 2020. Study on the Use of Biofuels (Renewable Natural Gas) in the Greater Washington DC Metro Area.
Adjusted to 2024 dollars.

We calculate the emissions factors in this report based on a lifecycle analysis approach, with carbon
intensity values from the California Low Carbon Fuel Standard (LCFS) program. Carbon intensity is the
measure of GHG emissions associated with producing, distributing, and consuming fuel and is measured
in carbon dioxide equivalent (CO2e) per unit of energy. Landfill gas and MSW both have positive
emission factors. Animal manure can have positive or negative emissions factors depending on the
source. Production methods such as the collection and processing of cow manure prevent the release of
fugitive CHg, thus showing negative carbon intensities. This study assumes the emissions factor for SNG
to be zero.°

For AESC 2024, we developed a price forecast and emissions rate time series based on the three
characteristics previously discussed (shown in Table 20). The average price and emissions rate change
based on the mix of feedstock from which RNG is generated. This is based on the estimated availability
of feedstock per year relative to the availability of feedstock in 2040. For example, in 2025, we assume
that 50 percent of the landfill gas potential for 2040 is available, while only 20 percent of the 2040
potentials for feedstock from animal manure, WRRF, and food waste are available. In 2025, we assume

39 E3, Scott Madden. 2022. The Role of Gas Companies in Achieving the Commonwealth’s Climate Goals: Independent
Consultant Report. Available at https://thefutureofgas.com/content/downloads/2022-03-21/3.18.22%20-
%20Independent%20Consultant%20Report%20-%20Decarbonization%20Pathways.pdf.

40 ¢k, 2020. Study on the Use of Biofuels (Renewable Natural Gas) in the Greater Washington DC Metro Area. Page 88.
Available at https://www.washingtongas.com/-/media/3a5633e2c3c64ed08fe1ef96c65d8207.pdf.
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that RNG from agricultural residue, forest residue, energy crops, and MSW are not yet available. By
2040, 100 percent of the resource potential from each feedstock is assumed to be available. For RNG
requirements that exceed RNG produced from these feedstocks, we assume it will be fulfilled by higher-
cost synthetic natural gas, with the lower cost SNG-bio utilized first and then SNG-DAC.*!

Table 19. Hydrogen and SNG cost ranges (2024 $ per MMBtu)

2030 2040 2045 2050
SNG-Bio 32.33 45.87 48.00 44.52
SNG-DAC 60.13 72.82 74.51 70.60

Source: Based on E3 and Scott Madden. March 2022. The Role of Gas Companies in Achieving the Commonwealth’s Climate
Goals: Independent Consultant Report — Appendix 4. Available at https://thefutureofgas.com/sep March 2022. Adjusted for IRA
tax credits. In 2024 S.

Table 20. RNG price forecast (2024 $ per MMBtu) and emission rate estimates

RNG price forecast (SNG Blended RNG price SNG only lifecycle Average lifecycle
only) forecast emissions rate emissions rate
(2024 S/MMBtu) (2024 S/MMBtu) (Ib CO.e/MMBtu) (Ib COe/MMBtu)
2024 $32.34 $22.86 0 59
2025 $32.34 $23.55 0 53
2026 $32.34 $24.25 0 46
2027 $32.34 $24.94 0 40
2028 $32.34 $25.63 0 33
2029 $32.34 $26.32 0 27
2030 $32.34 $27.01 0 20
2031 $31.47 $28.26 0 21
2032 $30.59 $29.51 0 22
2033 $32.51 $30.97 0 21
2034 $34.42 $32.58 0 19
2035 $36.33 $34.22 0 18
2036 $38.24 $35.28 0 17
2037 $40.15 $36.65 0 15
2038 $42.06 $37.89 0 14
2039 $43.97 $39.26 0 14
2040 $45.88 $40.84 0 13
2041 $50.52 $43.96 0 12
2042 $55.16 $47.51 0 11
2043 $57.02 $49.16 0 10
2044 $58.87 $51.03 0 10
2045 $60.73 $52.73 0 9
2046 $60.38 $52.89 0 9
2047 $60.03 $53.03 0 8
2048 $59.68 $53.21 0 8
2049 $59.33 $53.22 0 7
2050 $58.98 $53.23 0 7

Note: Blended percentage based on the amount of RNG that would be hypothetically required in Massachusetts in
Counterfactual #1, a future with no incremental energy efficiency or building decarbonization measures installed after 2023. See
Section 4.8: Embedded emissions regulations for more information on the assumptions used for estimating the avoided costs
related to Massachusetts greenhouse gas emissions sublimits. Lifecycle emission rates for SNG are assumed to be zero due to an

4 This approach is consistent with the Independent Consultant’s Report for the Massachusetts Department of Environmental
Protection.
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assumption that all feedstock is produced via renewable energy. Lifecycle emission rates for blended RNG are positive because
they are predominantly made up of RNG sources that have positive emission rates. The costs and emissions in the “blended”
columns differ based on the selected counterfactual, although differences tend to be small.

Hydrogen

The United States currently produces roughly 10 percent of the world’s hydrogen, predominately by
refining hydrocarbons (petroleum and natural gas) into hydrogen. Existing hydrogen infrastructure is
centered on the Gulf Coast, where hydrogen is used in the manufacture of ammonia and chemicals.
There is currently an interest in developing the production and use of zero- and low-carbon hydrogen.
This is driven by the potential of clean hydrogen to contribute to national and state decarbonization
goals.

There are several ways to produce hydrogen and color names are used to distinguish hydrogen
categories through their production methodology. Grey hydrogen, currently the predominant form of
hydrogen, is created from natural gas using steam CHs reformation. There are several zero- or low-
carbon production methodologies for hydrogen. Blue hydrogen is grey hydrogen but with the addition
of carbon capture and sequestration (CCS) technology. Green hydrogen is produced by using renewable
energy to power the electrolysis of water; this is the focus of hydrogen in AESC 2024 given its overall low
or zero impact to emissions.

There are significant U.S. Department of Energy (DOE) initiatives and government subsidies available to
develop green hydrogen. In April 2023, the States of New York, New Jersey, Maine, Rhode Island,
Connecticut, Vermont, and Massachusetts announced the submission of the group's proposal for a
Northeast Regional Clean Hydrogen Hub to the U.S. Department of Energy to compete for a $1.25 billion
share of the $8 billion in federal subsidies. On October 13, 2023, the DOE announced the projects
selected under this program, which did not include the Northeast Regional Clean Hydrogen Hub.*?

The DOE’s key strategy is to “target strategic, high-impact uses for clean hydrogen.”*? Hydrogen is to be
used in the “highest value applications, where limited deep decarbonization alternatives exist.” These
include the industrial sector, such as chemicals, steel and refining, transportation and energy storage.**
Certain natural gas utilities have also identified blending hydrogen with pipeline natural gas as a strategy
to help meet decarbonization targets. For more on assumptions related to hydrogen, see Section 4.8:
Embedded emissions regulations.

For AESC 2024, we rely on the projections shown in Figure 8. The Synapse Team developed these
projections after a thorough literature review that included market research and analysis. Low-carbon

42y, Department of Energy. “Regional Clean Hydrogen Hubs Selection for Award Negotiations.” Office of Clean Energy
Demonstrations .Available at: https://www.energy.gov/oced/regional-clean-hydrogen-hubs-selections-award-negotiations.

3y, Department of Energy. 2023. U.S. National Clean Hydrogen Strategy and Roadmap: Executive Summary. Page 1.
Available at https://www.hydrogen.energy.gov/pdfs/us-national-clean-hydrogen-strategy-roadmap.pdf.

444, Page 2.
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hydrogen is a nascent industry and there are significant uncertainties in projecting future commodity
prices. For example, the U.S. Treasury Department has delayed publishing its guidance on how the PTC
introduced in the IRA will be implemented.* This PTC has a value of $3 per kg for low-carbon hydrogen,
significantly impacting the economics of projects that qualify and the hydrogen economy at large.

Our forecast projects modest unsubsidized hydrogen cost declines, beginning in 2022 at a price of $5.28
per kg (546.39 per MMBtu) in 2024 dollars and reaching a 2050 price of $3.97 per kg (534.69 per
MMBtu), consistent with the IEA’s cost projections for low-carbon hydrogen production.*® The prices
include a $3 per kg (526.38 per MMBtu) PTC for 2024 through 2032. To account for projects that come
online after 2024, and thus qualify for PTCs past 2032, we assume the tax credit’s effect on market

prices reduces 10 percent per year until it is fully phased out in 2042.%7

Figure 8. Hydrogen price trajectories
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45 Pontecorvo, E., Myere, R. 2023. “The Clean Hydrogen Rules Will Be Delayed Until at Least October.” Heatmap. Available at
https://heatmap.news/economy/hydrogen-tax-credit-rules-when.

46 See, for example, International Energy Agency. 2020. “Global average levelized cost of hydrogen production by energy
source and technology, 2019 and 2050.” Available at https://www.iea.org/data-and-statistics/charts/global-average-
levelised-cost-of-hydrogen-production-by-energy-source-and-technology-2019-and-2050, and PWC, “The Green Hydrogen
Economy: Predicting the Decarbonisation Agenda of Tomorrow.” Available at
https://www.pwc.com/gx/en/industries/energy-utilities-resources/future-energy/green-hydrogen-cost.html#data-explorer-
tool

47 Some Study Group members suggested that the 45V PTC could get extended past 2032. While this is possible, it would likely
be after several years of the credit having been implemented and is not an assumption made here. However, as noted in the
text, the PTC will persist past 2032 for qualifying facilities that come online after 2023.
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2.4. Avoided natural gas cost methodology

AESC 2024 uses the same avoided cost methodology used for AESC 2021, as described below.

Avoidable gas supply costs

Gas supply resources are often categorized as baseload, intermediate, or peaking. Baseload resources,
such as pipeline capacity that extends from outside the local market area, tend to have a relatively high
fixed cost but a lower variable cost. This type of resource is best suited to supplying high-load-factor
uses, where gas is consumed at a relatively constant rate throughout the year. Peaking resources, such
as on-system LNG, typically have lower fixed costs but higher variable costs. These types of resources
are a better fit for gas requirements that occur on a limited number of days per year. Intermediate
resources, such as short-haul pipeline capacity or a winter season gas storage service, are often used to
support winter heating requirements.

The avoided natural gas supply cost for an LDC will depend on the characteristics of the gas requirement
reduced and the cost of the marginal resource that would be used to supply each type of load. For
example, if the load reduction is limited to commercial and industrial (C&I) non-heating customers, the
avoided cost will usually be the marginal cost of a baseload gas supply resource. For a change in
residential heating load, the avoided cost is likely to involve a combination of resources, since the
variable gas usage pattern of residential heating customers utilizes a wider range of gas supply
resources.

Estimates of the gas supply costs that can be avoided by energy efficiency program savings are
calculated for each state, by region, for each of the following end-use categories:

1. Electric generation

2. C&l non-heating

3. C&l heating

4. Residential heating

5. Residential water heating
6. Residential non-heating
7. AllC&l

8. All residential

9. Allretail end uses

We provide avoided natural gas values by costing period, allowing readers of AESC to develop more
specific avoided costs for other measures not listed above.

Our natural gas avoided cost methodology has three steps.
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Step 1 is to identify the marginal gas supply resource for each load type (i.e., baseload, intermediate, or
peaking). For electric generation, we assume the applicable natural gas cost is the New England
wholesale market price. For the retail end-use categories, we examine the existing and potential gas
supply resources that would potentially be the marginal source of supply.

For each resource that could potentially be increased or decreased in response to a change in gas
requirements, we then estimate the total delivered cost of the resource for each costing period,
expressed in $/MMBtu/year. We exclude unavoidable costs. The marginal resource for each costing
period is assumed to be the resource with the lowest delivered cost over the forecast horizon.

Step 2 is to determine the percentage of load for each end-use type that corresponds to each costing
period. For all states except Vermont, we use the same six costing periods used in AESC 2021 as detailed
below:*8

1. Highest 10 days

2. Highest 30 days

3. Highest 90 days

4. Winter (November—March)

5. Winter/Shoulder (All months except June—August)
6. Annual Baseload

These costing periods generally correspond to the different types of gas supply resources that New
England LDCs acquire to meet projected end-use requirements. Requirements that extend through the
Annual Baseload and Winter/Shoulder periods are typically met with pipeline capacity from outside the
region. Winter period requirements, and gas requirements that must be met at least 90 days per year,
are often supplied using pipeline capacity from New England supply points or contracts for delivered
gas. The shorter-duration requirements are typically supplied using on-system peaking resources and
contracts for delivered peaking supplies.

We calculate the load shares for each end-use type from a load curve that combines a representative
gas use equation (base use per day and use per heating degree day, or HDD) and a representative HDD
distribution.*® Figure 9 illustrates this with a sample load curve for the C&I Heating end-use category.
The load share for the Winter costing period, for example, is based on the amount of gas use that occurs
at least 151 days per year, minus the gas use that only occurs on the highest 90 days. A resource that

48 kor Vermont, natural gas avoided costs are estimated for four time-of-use costing periods: peak day, next highest nine days,
remaining winter (141 days), and summer/shoulder (214 days).

43 The residential, commercial, and industrial load curves reflect current gas use. We do not try to forecast the impact of
electrification on gas use per HDD in future years.
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supplies planning load requirements during the Winter costing period would be used an average of 120
days per year, which corresponds to an annual load factor of 33 percent.

Figure 9. lllustrative commercial and industrial heating load shape
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Step 3 is to multiply the marginal resource cost for each costing period by the corresponding load
percentages. Summing the results over all costing periods gives the total annual avoided cost for each
end use. We repeat this calculation for each end-use type, for each year of the forecast period as
illustrated in Table 21.

Table 21. lllustrative avoided cost calculation

) . Marginal Resource Cost Weighted Average
Costing Period ($/MMBtu) Share of Annual Gas Use ($/MMBtu)
(A) (B) (A) x (B)

Annual $4.00 - -
Winter/Shoulder $5.00 60% $3.00
Winter $6.00 25% $1.50
Highest 90 Days $8.50 10% $0.85
Highest 30 Days $15.00 4% $0.60
Highest 10 days $30.00 1% $0.30
ILLUSTRATIVE AVOIDED COST FOR THIS END-USE TYPE - $6.25

Assumptions and data sources

The following sections contain information about the assumptions and data sources used to construct
avoided natural gas costs for New England.
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New England regions

This study estimates natural gas avoided costs for three regions: (1) Southern New England
(Connecticut, Rhode Island, and Massachusetts); (2) Northern New England (New Hampshire, Maine);
and (3) Vermont.

Load shares

The load shares used for the avoided cost calculation are based on a representative HDD distribution.
For residential end uses, we rely on the National Renewable Energy Laboratory’s end-use load profiles
(EULPs) from its residential building stock model ResStock.”® We analyze the relationship between daily
average temperatures and end-use energy consumption to determine the portion of end-use energy use
that is base use versus that which is temperature-sensitive. Because NREL does not publish EULPs for the
industrial sector, we use the base use per day and use per HDD factors by end-use category that were
provided by study sponsors in AESC 2021 for C&I end uses.”* We use the same load share factors for all
regions. Table 22 shows the proportions of baseload and temperature-sensitive gas use for the five end-
use categories.

Table 22. Base use and heating factors by end use

Base use Temperature sensitive
End use

(Percent) (Percent)
Residential Heating 3% 97%
Residential Water Heating 86% 14%
Residential Non-Heating 89% 11%
Commercial & Industrial Heating 21% 79%
Commercial & Industrial Non-Heating 68% 32%

Natural gas transmission costs

AESC 2024 measures transmission costs using the rates that New England LDCs pay to upstream
pipelines for firm transportation services. These rates include a fixed reservation charge applied to the
daily contract quantity and a variable charge applied to the quantity of gas transported. Pipelines also
retain a percentage of the gas transported for compressor fuel and for “lost and unaccounted for” gas.

Because the cost to build new pipeline facilities is generally higher than the costs of the depreciated
assets used to set the pipelines’ standard cost-of-service rates, interstate pipelines usually charge higher
“incremental” rates for new services to avoid subsidization by the pipeline’s other shippers. Shippers
that participate in pipeline expansion projects often enter into negotiated rate agreements that set the
transportation rate over the initial contract term.

50 For more information on NREL’s ResStock database, see https://resstock.nrel.gov/.

31 This assumes that the daily temperature distributions for the New England states are similar, even though the total annual
HDDs are different in each state.

'- Synapse Energy Economics, Inc. AESC 2024 47


https://resstock.nrel.gov/

The avoided cost estimates in AESC 2024 assume that LDCs can adjust the amount of transmission
service they have under contract when customer requirements change. In a market such as New
England, where natural gas use by LDC planning load customers is projected to increase, energy
efficiency measures that reduce gas use should cause future pipeline expansions to be smaller. For
pipelines that price new capacity using incremental rates, the avoided transmission cost is the actual or
proposed rate for the applicable pipeline’s most current mainline expansion project. For the Canadian
pipelines, which do not charge incremental rates for new capacity, the avoided cost is measured by the
tariff rate.

Gas resource options for AESC 2024

Based on our review of New England LDC forecasts and resource plans, and other public material filed
with state regulators, we assume that LDCs will obtain additional gas supplies using a combination of the
representative gas resource options described here:

Dawn Hub supply via TCPL

This supply option includes Enbridge Gas transportation service from the Dawn Hub to TCPL, TCPL
service to PNGTS, and service on PNGTS to Dracut. LDCs in Southern New England also contract for TGP
service to move gas from Dracut to their city gates.

Vermont Gas currently obtains all pipeline-delivered gas supplies from the Dawn Hub and other Ontario
points through its direct connection to TCPL. We assume this will continue.

The costs for this option are based on Enbridge Gas and TCPL 2023 transportation rates and projected
PNGTS expansion costs (see Table 23). Pipeline costs include the fixed reservation charge, shown as an
average cost per MMBtu, the variable transportation charge, and the percentage of the natural gas
transported that the pipeline retains for compressor fuel and unaccounted-for gas. The gas commodity
cost is the projected Dawn Hub price.

Table 23. Transmission costs for the Dawn Hub capacity path

AT Receipt Delivery Fixed Cost Variable Cost Fuel
($/MMBtu) ($/MMBtu) (Percent)
Enbridge Gas Dawn Hub Parkway 0.096 0.003 0.9%
TCPL Parkway VGS 0.422 0.0 1.09%
TCPL Parkway PNGTS 0.5378 0.0 1.5%
PNGTS TCPL Dracut 0.82 0.0 1.3%
TGP Dracut TGP Zone 6 0.133 0.029 0.2%

Marcellus supply via AGT

Gas is purchased close to the Marcellus shale gas producing areas in Pennsylvania and transported on
Millennium Pipeline to the Ramapo, NY, interconnect with AGT (see Table 24). The transportation costs
for Millennium and AGT are the indicative prices for the R2R and Project Maple expansions. Northern
New England LDCs have additional transportation on MNP. The Millennium East Pool index is used as
the representative price for gas purchased at Millennium receipt points.
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Table 24. Transmission costs for the Marcellus capacity path

T Receipt Delivery Fixed Cost Variable Cost Fuel
(S/MMBtu) (S/MMBtu) (Percent)

Millennium Marcellus Ramapo 0.65 0.002 0.7%

AGT Ramapo Salem 2.75 0.000 4.4%

MNP Salem NH or ME 0.42 0.000 0.9%

Ramapo supply via AGT

Gas is purchased at the Ramapo, NY, receipt point on AGT. Transportation costs are as shown in Table
24. The TETCO M3 index is used as the representative price for gas purchased at Ramapo.

Dracut supply via TGP (Southern New England)

Gas is purchased at Dracut, MA and transported on TGP to the LDC city gate (see Table 25). We assume
LDCs contract for winter season supply priced at the AGT Citygates index plus a premium.

Table 25. Transmission costs for Dracut supply

Transoorter Receiot Deliver Fixed Cost Variable Cost Fuel
P P v ($/MMBtu) ($/MMBtu) (Percent)
TGP Dracut TGP Zone 6 0.133 0.029 0.2%

Delivered gas supplies (Northern New England)

The Northern New England LDCs that are connected to MNP and PNGTS contract for firm gas winter-
season gas supply delivered at their citygates. We assume that the delivered gas cost is the AGT
Citygates price plus a premium.

On-system peaking resources

For AESC 2024, the peaking resource cost for Southern New England is based on the operating cost for a
typical one Bcf LNG storage and peaking facility. The commaodity cost is the average AGT Citygates price
plus a variable cost for liquefaction and vaporization. For Northern New England, which is more
dependent on satellite LNG and propane peaking facilities, the peaking resource cost is based on costs
from the LDCs’ peaking service demand rate filings (see next section) and the commodity cost is the
average AGT Citygates price for the peak winter months plus a premium. Peaking costs for Vermont are
based on a forecast of propane prices plus a variable operations and maintenance (O&M) cost. .

Design day avoided costs

AESC 2024 includes design day avoided cost estimates for all three New England regions. This is a
change from AESC 2021, which only showed design day costs for Vermont.>? The design day avoided

52 The Synapse Team wrote a supplemental study in 2021 that calculated design day avoided costs for Southern New England
and Northern New England using the Highest 10 Day avoided costs from the AESC 2021 report. Knight, P., Chang, M., Hall, J.,
Rosenkranz, J. 2021. AESC 2021 Supplemental Study: Expansion of Natural Gas Benefits. Synapse Energy Economics for AESC
Supplemental Study Group. Available at https://www.synapse-
energy.com/sites/default/files/AESC 2021 Expansion of Natural Gas Benefits 21-074.pdf.

' Synapse Energy Economics, Inc. AESC 2024 49


https://www.synapse-energy.com/sites/default/files/AESC_2021_Expansion_of_Natural_Gas_Benefits_21-074.pdf
https://www.synapse-energy.com/sites/default/files/AESC_2021_Expansion_of_Natural_Gas_Benefits_21-074.pdf

costs for Southern New England and Northern New England have two components. The non-commodity
component is a weighted average cost derived from the peaking resource demand rates that the LDC
charge marketers for company-managed peaking supplies under their retail choice programs. These
rates recover supplier demand charges and variable operating costs associated with LDC-operated LNG
and propane peaking facilities, and the demand charges LDCs pay under contracts for firm winter
peaking supplies. The avoided commodity cost component is the average New England market price for
the months of November through March.>?

This approach to calculating design day avoided gas costs has several advantages: (1) peaking demand
rates are based on the costs of the peak-period supply resources that each LDC actually uses, (2) the
peaking demand rates are publicly available, and (3) the costs that go into the LDCs’ peaking demand
rates are recent estimates for the same time period (2023-24 winter) and are subject to review by the
state utility commissions before the rates are approved. The same costs are used to calculate the
avoided cost per MMBtu from reducing gas use by the same daily amount for periods of two through
ten days.

Other sources of natural gas supply

There are other sources of natural gas supply that do not enter into the AESC 2024 avoided cost
calculations.

Underground gas storage

Most New England LDCs hold contracts for seasonal storage service from underground gas storage
facilities located in New York, Pennsylvania, and Ontario. With the growth of Marcellus shale gas
production, underground storage is used less as a gas supply resource and more as a price hedging and
operational balancing tool. Based on our review, LDC decisions to renew or terminate these contracts do
not appear to be closely tied to changes in projected customer requirements. As with AESC 2021, we do
not include storage service costs in the natural gas avoided cost estimates.

Compressed natural gas, renewable natural gas, and hydrogen

Our review of New England LDC forecasts and supply plans found that several LDCs are considering CNG
as a future gas supply resource, but we did not find evidence that CNG is expected to have a significant
impact on these LDCs’ gas supply costs.

53 This is similar to the methodology used by National Grid to calculate marginal gas supply costs for its downstate New York
utilities. Proceeding on Motion of the Commission as to the Rates, Charges, Rules and Regulations of The Brooklyn Union Gas
Company d/b/a National Grid NY, New York Public Service Commission Case No. 23-G-0225, Direct Testimony of Gas Supply
Panel. Page 32. Available at: documents.dps.ny.gov/public/MatterManagement/CaseMaster.aspx?MatterCaseNo=23-G-
0225.
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Connecticut LDCs are required to have standard RNG interconnection rules to facilitate future RNG
production in that state.”* However, because RNG is valued for its environmental benefits, RNG is not
expected to be a marginal supply resource with production that varies with changes in gas consumption.
For this reason, local RNG production is not included as a physical supply resource for the AESC 2024
avoided cost calculations.

There is also a market for RNG attributes. Vermont Gas recently began including the cost of purchasing
RNG attributes in the cost of gas adjustment.>> The VGS Climate Plan includes a goal of reducing GHGs
by 30 percent by 2030. To reach this goal, VGS estimates that approximately 20 percent of its retail gas
supply will need to be RNG. This includes RNG acquired for its voluntary sales program, and RNG
attribute purchases included in system gas supply. Because VGS’ RNG attribute purchases are tied to
increases or decreases in customer requirements, RNG costs are included in the avoided costs for
Vermont.

For more discussion on compressed natural gas, RNG, and hydrogen, see Section 2.3: New England
natural gas market.

Lost and unaccounted for gas

The total quantity of gas measured at customer meters is generally lower than the measured quantity
the LDC receives into its system because of lost and unaccounted for gas (LAUF). For New England LDCs,
the difference between measured receipts and deliveries is typically between 1 and 3 percent. LAUF
causes the gas requirement at the LDC citygate to be slightly greater than the amount delivered to
customers, which increases gas supply costs. AESC 2024 uses a LAUF factor of 2 percent for all regions
outside of Vermont, and a 1.0 percent LAUF factor for VGS.

Natural gas distribution margin

Natural gas distribution systems are designed to meet the projected peak hourly requirements of the
LDC’s firm customers. When gas use is increasing, LDCs expand capacity by adding new mains, by
replacing existing mains with larger-diameter pipe, or by replacing older mains with pipe that can be
operated at a higher pressure.

LDC marginal cost studies use econometric analysis and engineering estimates to calculate the
relationship between expenditures for plant and O&M and changes in peak day demand. The results
from these studies are used to design rates and to set floors for the rates charged under special

>4 Adoption of Gas Quality and Interconnection Standards for the Injection into the Natural Gas Distribution System of
Conditioned Biogas Derived from Organic Material, Docket No. 19-07-04, Connecticut Public Utilities Regulatory Authority.

35 Investigation into the tariff filing of Vermont Gas Systems, Inc., proposing a change in rates and use of the System Expansion
and Reliability Fund, Vermont Public Utility Commission Case No. 20-0431-TF, Direct Testimony of Todd Lawliss. Page 12.
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contracts. AESC 2024 uses the results from marginal cost studies included with New England LDC rate
case filings (Table 26).

Table 26. Marginal distribution capacity cost by customer class (2021 $ per MMBtu)

Residential Commercial / Industrial
Company Non- ; High Load Low Load Annual Use
Heating Heating Factor Factor (Bef)
National Grid (Boston Gas) 17-170 0.960 1.327 0.861 1.391 95.4
National Grid (Colonial Gas) 17-170 1.000 1.418 0.960 1.511 23.8
Berkshire Gas 18-40 0.959 1.518 0.661 1.531 7.6
Eversource Gas 18-45 0.453 0.694 0.387 0.744 51.8
NSTAR Gas 19-120 1.521 2.205 1.128 2.122 51.7
EnergyNorth DG 20-105 0.937 1.607 0.544 1.597 15.7
Northern - Maine 2019-00092 0.635 0.817 0.301 0.708 10.8
Weighted Average (2021 $/MMBtu) 0.960 1.386 0.779 1.407
Weighted Average (2024 $/MMBtu) 1.083 1.564 0.880 1.588

2.5. Avoided natural gas costs by end use

A summary of the natural gas avoided cost estimates is shown in Table 27, Table 28, and Table 29.
Avoided costs are developed for three regions: southern New England (Connecticut, Massachusetts,
Rhode Island), northern New England (Maine, New Hampshire), and Vermont. Vermont appears
separately because it uses a different avoided gas cost methodology. The results are shown with and
without the avoided LDC margin and are compared to the values from AESC 2021.

Table 27. Avoided costs of gas for retail customers by end use assuming no avoidable margin (2024 $ per
MMBtu)
Residential Commercial & Industrial

Non- Hot Heatin Non-
Heating Water g Heating

All retail

Heating All end uses

Southern New England

AESC 2021 $5.27 $6.23 $8.38 $7.48 $6.32 $7.75 $7.13 $7.32
AESC 2024 $4.89 $4.93 $7.22 $6.41 $5.58 $6.99 $6.37 $6.39
2021 to 2024 change -7% -21% -14% -14% -12% -10% -11% -13%
Northern New England

AESC 2021 $5.09 $6.09 $8.33 $7.39 $6.19 $7.66 $7.02 §7.22
AESC 2024 $4.76 $4.80 §7.21 $6.36 $5.47 $6.89 $6.27 $6.32
2021 to 2024 change -7% -21% -13% -14% -12% -10% -11% -12%

Notes: AESC 2021 levelized costs are for 15 years (2021-2035) at a discount rate of 0.81 percent. AESC 2024 levelized costs are
for 15 years (2024-2038) at a discount rate of 1.74 percent.
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Table 28. Avoided costs of gas for retail customers by end use assuming some avoidable margin (2024 $ per
MMBtu)
Residential Commercial & Industrial

Non- Hot Heatin Non-
Heating Water g Heating

All retail

Heating All end uses

Southern New England

AESC 2021 $6.41 $7.37 $10.03 $8.95 $7.26 $9.43 $8.48 $8.73
AESC 2024 $5.97 $6.01 $8.79 $7.81 $6.46 $8.57 $7.65 $7.73
2021 to 2024 change -7% -18% -12% -13% -11% -9% -10% -11%
Northern New England

AESC 2021 $6.23 $7.23 $9.97 $8.86 $7.12 $9.34 $8.37 $8.63
AESC 2024 $5.84 $5.88 $8.77 $7.75 $6.35 $8.48 $7.55 $7.66
2021 to 2024 change -6% -19% -12% -13% -11% -9% -10% -11%

Notes: AESC 2021 levelized costs are for 15 years (2021-2035) at a discount rate of 0.81 percent. AESC 2024 levelized costs are
for 15 years (2024-2038) at a discount rate of 1.74 percent.

Table 29. Avoided cost of gas for retail customers on a design day (2024 $ per MMBtu)

Design Day Avoided Costs

Southern New England

Without Retail Margin $225.64
With Some Retail Margin $406.95
Northern New England

Without Retail Margin $352.23
With Some Retail Margin $533.54

Notes: AESC 2024 levelized costs are for 15 years (2024-2038) at a discount rate of 1.74 percent.

Table 30. Avoided costs of gas for retail customers by end use for Vermont (2024 $ per MMBtu)

All sectors
. .. . Shoulder/
Design Day Peak Days Remaining Winter Summer
Vermont
AESC 2021 $627.79 $19.28 $5.77 $5.36
AESC 2024 $539.16 $21.16 $5.23 $4.84
2021 to 2024 change -14% 10% -9% -10%

Notes: AESC 2021 levelized costs are for 15 years (2021-2035) at a discount rate of 0.81 percent. AESC 2024 levelized costs are
for 15 years (2024-2038) at a discount rate of 1.74 percent.

Southern New England and Northern New England

The avoided natural gas cost estimates for Southern New England and Northern New England are lower
for AESC 2024 when compared to the AESC 2021 results. There are two main reasons for this. The first
reason is the reduction in gas commodity prices. The Henry Hub price forecast for AESC 2024 is lower
than the AESC 2021 forecast, and gas purchased at upstream supply points such as the Dawn Hub is
projected to be priced at a larger discount to the Henry Hub benchmark price.

Second, the AESC 2024 avoided gas costs are lower than the AESC 2021 avoided costs in real dollar
terms because the marginal gas transmission costs associated with the Dawn and Dracut supply
resources, which are significant drivers for both the AESC 2021 and AESC 2024 avoided cost results, are
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largely unchanged in nominal dollars. This means that the gas transmission costs used for AESC 2024 are
approximately 13 percent lower than the AESC 2021 costs when adjusted for inflation.

Figure 10. Comparison of avoided natural gas costs for Southern New England and Henry Hub prices
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The natural gas avoided cost estimates for Vermont use the end-use costing periods and methodology
developed for previous AESC studies. The design day avoided cost is the marginal upstream supply and
delivery cost, plus the marginal LDC transmission cost. The Canadian pipeline tolls that set the upstream
delivery costs for VGS are lower for AESC 2024 than for AESC 2021, due mostly to the change in the
Canadian dollar exchange rate. The downstream LDC transmission cost is about 13 percent lower than it
was in the previous study according to VGS, leading to an overall decrease in design day avoided costs.
The avoided cost for the remaining nine peak days reflects the higher delivered cost of propane for the
VGS peaking facility. The avoided costs for the remainder of the year are lower than in AESC 2021 due to
long-term gas price trends at the Dawn hub, described earlier in Section 2.2 Gas prices and commodity
costs.

Massachusetts emissions sublimits and the Clean Heat Standard

This section discusses the impact of Massachusetts’” GHG emissions sublimits on avoided gas costs. For
more information on the rationale and methods used information on this topic, see Section 4.8:
Embedded emissions regulations. Table 31 shows that avoided natural gas costs are significantly higher
under any scenario in which Massachusetts LDCs are required to blend substantial amounts of RNG into
the gas distribution system. Under the blending required in Counterfactual #1 (a scenario that doesn’t
include any new heat pumps installed after 2023) the avoided costs are about 50 percent higher than
what they would be in a scenario with no blending. Meanwhile, in Counterfactual #5 (a scenario that
does include future heat pumps) avoided costs are about 20 percent higher.
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We note that these costs should not be viewed in isolation. Because this methodology effectively
embeds a GHG reduction policy (via an approximation of the forthcoming Clean Heat Standard), these
incremental costs should be subtracted from the costs of GHG compliance. See the AESC 2024 User
Interface and Appendix G: Marginal Emission Rates for calculating GHG impacts with and without these
blending factors.

Table 31. Avoided costs of gas for retail customers by end use assuming some avoidable margin (2024 $ per
MMBtu)
Residential Commercial & Industrial

Non- Hot Heatin Non-
Heating Water g Heating

All retail

Heating All end uses

Southern New England
No RNG Blend $5.97 $6.01 $8.79 $7.81 $6.46 $8.57 $7.65 $7.73
Counterfactual #1 $9.52 $9.56 $12.07 $11.19 $9.93 $11.88 $11.03 $11.11

Note: All values are 15-year levelized costs.
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3. FUEL OiL AND OTHER FUEL COSTS

In this chapter, we present the avoided fuel oil and other fuel costs used for AESC 2024, compare those
estimates with AESC 2021, and identify the data sources used.

This section analyzes oil prices in $/MMBtu for the four sectors: electric generation, residential,
commercial, and industrial. Prices are developed for the following grades: distillate fuel oils (No.2 and
No. 4), residual fuel oils (No. 6), and biofuel blends.>® Also included are cord wood, wood pellets,
kerosene, and propane in the residential heating applications, as well as motor gasoline and diesel used
for transportation.

In general, we find that avoided levelized costs for all fuels considered in this category are moderately
higher than those in AESC 2021. Similar to AESC 2021, in AESC 2024 we follow the EIA STEO for one year
and then directly transition to the 2023 AEO forecast. We chose the data sources for the near term to
represent current market conditions.

3.1. Results and comparison with AESC 2021

Table 32 compares the levelized avoided fuel costs for AESC 2024 with those used for AESC 2021. Annual
avoided fuel costs are detailed in Appendix D: Detailed Oil and Other Fuels Outputs. This analysis uses
EIA State Energy Data System (SEDS) values for the starting points, adjusted for current and near-term
national prices based on the crude oil prices trends as discussed below. The prices then follow the
trajectory of the EIA STEO and AEO 2023 Reference case projections for New England going forward.>’
The future prices for all fuels are very flat in terms of constant dollars over most of the AESC analysis
period (see Figure 11).

36 For the purposes of AESC 2024, biofuels blended in heating oil include B5 and B20.

7 U.S. EIA. “State Energy Data System” U.S. States: State Profiles and Energy Estimates. Available at:
https://www.eia.gov/state/seds/
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Figure 11. Projections of fuel prices in New England
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Compared to AESC 2021, residential distillate prices are 13 percent higher, while commercial distillate
prices are 14 percent higher and commercial residual prices are 21 percent higher. Propane prices
increased by 33 percent, representing current market conditions. Wood pellet prices increased by 21
percent while cordwood prices increased by 25 percent. Motor gasoline and diesel prices increased by 9
and 12 percent, respectively. New to this AESC, we include results for B50 biodiesel blends in addition to
B5 and B20. Note that all these prices reflect the fuel heat content and do not adjust for relative
efficiencies and delivered energy.

Table 32. Comparison of avoided costs of retail fuels (15-year levelized, 2024 $ per MMBtu)

Residential Commercial Transportation
No. 6
No. 2 Pro- B5 B20 B50 Cord Wood Wood No.2  Residual | Motor Motor
Distillate  pane Biofuel Biofuel Biofuel (Delivered) Pellets | Distillate (low Gasoline Diesel
sulfur)
AESC 2021
(2021- $27.14  $43.79 $33.41 $27.14 $24.42 - $23.52 $25.36 | $25.11  $17.77 | $24.92 $25.70
2035)
AESC 2024
(2024- $30.60  $58.11 $38.47 $30.19 $25.58 $30.32 $29.37 $30.73 | $28.59  $21.58 | $27.16 $28.76
2038)
Change
from AESC
2021 to 12.8% 32.7% 15.2% 11.2% 4.7% - 24.9% 21.2% 13.8% 21.5% 9.0% 11.9%
AESC 2023
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3.2. Forecast of crude oil prices

The primary factor driving avoided fuel oil costs and fuel oil prices is the price of crude oil. For AESC
2024, we rely on EIA’s STEO and projections from the 2023 AEO Reference case (see Chapter 2: Avoided
Natural Gas Costs for more information about the analogous gas price forecast). This is a similar
methodology to that used in the 2021 AESC study.

For near-term projections in AESC 2024, we rely on data from the August 2023 STEO forecast for West
Texas Intermediate (WTI) crude oil. We then transition to the AEO 2023 Reference case price projections
in 2025. The approach is similar to that used for the natural gas price forecast, but it differs in that the
markets have different sources of production and distribution. The oil markets are much more global
and fluid than those for natural gas.

Although crude oil prices dropped during the COVID-19 pandemic as fossil fuel consumption fell world-
wide and supply exceeded demand, they have since rebounded and are currently slightly higher than
pre-pandemic levels. In the August 2023 edition of the STEO, the oil price forecast is about $S80 per
barrel through 2024. However, the uncertainty is quite large, as shown in Figure 12. We also reviewed
the NYMEX oil futures for WTI,>® which were occasionally used in past AESC studies to adjust or to verify
the forecast. These values are similar to the August 2023 STEO in the near term, but then decline in both
nominal and real dollar terms (see Figure 14). This is odd market behavior and probably not indicative of
likely future prices. Thus, we make no use of NYMEX futures information in AESC 2024. For short-term
prices, we rely on the STEO forecast because that incorporates an informed analysis of a wide variety of

data, including the futures.”

58 cME Group. “Crude Oil: Futures and Options.” Available at: https://www.cmegroup.com/markets/energy/crude-oil/light-
sweet-crude.quotes.html#tvenue=globex,

39 u.s. EIA. “Short Term Energy Outlooks”. Available at: https://www.eia.gov/outlooks/steo/marketreview/crude.php.
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Figure 12. Forecast for West Texas Intermediate crude oil with NYMEX confidence intervals
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Source: Reproduced from the August 2023 edition of U.S. EIA’s Short-Term Energy Outlook. Available at
https://www.eia.gov/outlooks/steo/ Retrieved August 21, 2023. EIA note: “Confidence interval derived from options market

information for the five trading days ending August 3, 2023. Intervals not calculated for months with sparse trading in near-the-
money options contracts.”

Figure 13 shows prices for WTI crude oil from a number of scenarios in AEO 2023. Qil prices rise slightly

in the Reference case but remain below their 2022 peak of $101 per barrel. Prices differ substantially in
the High and Low Oil Price scenarios, representing significant uncertainty about future oil prices. The
2022 price of oil in AEO 2023 ($101 per barrel) is about 44 percent greater than the price projected in

AEO 2022, and it remains higher throughout the study period.

Figure 13. Oil prices projected in various AEO 2023 scenarios
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For AESC 2024, we use STEO for the near-term crude oil prices (2023 and 2024) and AEO 2023 for the
medium and long terms (2025 and all subsequent years) (see Figure 14). On average, the annual real

rate of price increase for the 20-year period from 2024 to 2043 is about 1 percent per year. This forecast

is not meant to predict the actual price in any given year, but rather to represent a mid-point
expectation of fluctuating prices. The levelized price of crude oil over this 20-year time period is about
19 percent higher in AESC 2024 than in AESC 2021, primarily because the near-term prices are much

higher as shown in Figure 14. This percentage increase in crude oil prices will be roughly reflected in that

of other fuels.

Figure 14. Crude oil prices, historical, forecast, and AESC 2024
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3.3. Forecast of fuel prices

For AESC 2024, starting points for fuel prices for electric generation and other end uses are based on
historical prices for the various fuels and sectors from SEDS (see Table 33). SEDS represents a
comprehensive compilation of the actual prices and consumption. Investigation of recent wood prices
found delivered wood pellets to be in the range of $21 per MMBtu (before accounting for conversion
efficiency).®0 Prices for cord wood and wood chips at the residential level are not readily available and
vary widely in cost, heat value, and location.

Data in EIA’s SEDS database is provided at the state level. We looked at 10 years (2012-2021) of
historical data to determine if there are significant variations between the New England states. Except

60 New Hampshire Office of Strategic Initiatives. Last accessed September 15, 2023. “NH Fuel Prices.” Available at:
https://www.energy.nh.gov/energy-information/nh-fuel-prices.
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for propane and wood, no consistent and significant state variations are apparent, and prices closely
resemble national average prices (see Table 34).

Table 33. SEDS weighted average New England fuel prices from 2019-2021 by end-use sector (2024 $ per
MMBtu)

Fuel Residential Commercial Industrial Transportation Electric
Distillate fuel oil 20.5 19.5 17.4 25.7 16.8
Kerosene 23.1 23.2 17.2 - -

LPG (Propane) 36.8 18.9 19.5 18.8 -
Residual fuel oil - 14.4 14.8 10.1 12.2
Motor Gasoline - 25.2 25.2 25.3 -

Wood 23.5 - - - -

Wood & Waste - 17.6 9.1 - 7.9

Table 34. Ratio of New England weighted average fuel price 2019-2021 to national weighted average fuel price

Fuel Residential Commercial Industrial Transportation Electric
Distillate fuel oil 1.0 1.1 1.0 1.0 1.0
Kerosene 1.0 1.0 1.0 - -
LPG (Propane) 1.4 1.1 1.5 0.8 -
Residual fuel oil - 1.1 1.2 0.8 0.9
Motor Gasoline - 1.0 1.0 1.0 -

AEO 2023 and other EIA documents do not generally make a distinction between state-level prices for
specific grades of fuel oil. Instead, they simply report on high-level categories of Distillate Fuel Oil and
Residual Fuel Oil. However, the grade mix between sectors does vary and is reflected to some degree in
the prices for those sectors.

In terms of the AESC grade categories, we use the following mapping: No. 2 grade is distillate fuel oil
used in the residential sector; No. 4 is distillate fuel oil used in the other sectors; and No. 6 is residual
fuel oil used in the commercial, industrial, and electric sectors. Definitions of the EIA fuel oil categories
can be found on the EIA website.®! This is the same mapping applied in the 2021 AESC Study.

AEO 2023 does not provide a forecast of New England regional prices for biofuel B5,820, and B50
blends, as these blends represent a small portion of the New England market. These biofuel blends are
mixes of a petroleum product, such as distillate oil or diesel, and an oil-like product derived from an
agricultural source (e.g., soybeans). The number in their name is the percent of agricultural-derived
component. Thus “B5”,“B20”, and “B50” represent products with a 5 percent, 20 percent, and 50
percent agricultural-derived component, respectively. They are similar to No. 2 fuel oil and are used
primarily for heating. Each of these fuels has both advantages and disadvantages relative to No. 2 fuel
oil. Their advantages include lower GHG emissions per MMBtu of fuel consumed,®? more efficient

61 EIA Fuel oil definitions: U.S. EIA. “Glossary.” Available at: https://www.eia.gov/tools/glossary/index.php?id=N.

62 the CO;, emissions from the bio component of the fuel are not counted as contributing to global climate change.

'- Synapse Energy Economics, Inc. AESC 2024 61


https://www.eia.gov/tools/glossary/index.php?id=N

operation of furnaces, and less reliance on imported crude oil. Their disadvantages include somewhat

lower heat contents, equipment effects, and concerns about the long-term supply of agricultural source

feedstocks.

Per U.S. Department of Energy Alternative Fuels Data Center (ASTM) D396, fuel oils for home heating
and boiler applications may be blended with up to 5 percent biodiesel below the rack.®® ®* Marketers

are not required to disclose information on biodiesel content below these levels. Based on current data

for New England, we project that B5 prices will be 4 percent below diesel prices in the future, B20 prices

will be 16 percent below diesel prices, and B50 price will be 14 percent below diesel prices.®®

The SEDS data show no differences in residential wood prices between the New England states. As the
starting basis for wood prices, AESC 2024 uses recent data from New Hampshire, which is the same

method as AESC 2021.%6 Actual wood prices and wood quality can vary widely, and we recommend that

anyone interested in this issue carry out an independent investigation of local wood prices. In previous
AESC studies, we linked the future wood fuel price changes to that of distillate oil and we do so again
here.

Because recent oil prices have changed so much since the 2021 SEDS data, we adjusted those prices to
represent the changes in oil prices since then. The AESC 2024 starting prices are shown in in Table 35.

Table 35. New England fuel prices in 2023 by end-use sector (2024 $ per MMBtu)

Fuel Residential Commercial Industrial Transportation Electric

Distillate fuel oil 21.4 22.3 19.0 - 19.2
Kerosene 27.0 27.0 21.0 - -
LPG (Propane) 40.7 22.8 24.9 22.6 -

Residual fuel oil - 16.8 17.3 10.8 14.0
Motor Gasoline - 28.9 28.9 28.9 -
Wood pellets 21.5 - - - -
Cord wood 20.6 - - - -

Prices in future years start with the base year prices as indicated above and then follow the AEO
projections for New England starting in 2025 (Figure 14).%7 Prices in 2024 are interpolated to ensure a
smooth transition between current prices and the AEO projections.

63 Skierkiewicz, M. 2022. “Biodiesel Updates to UL Burner Standards.” Engineered Systems Magazine. Available at:
https://www.esmagazine.com/articles/102339-biodiesel-updates-to-ul-burner-standards.

64 “Below the rack” refers to blending at the refinery, before fuel is sold to wholesalers.

65 u.s. Department of Energy Alternative Fuels Data Center. “Fuel Prices: April 2023.” Available at:
https://www.afdc.energy.gov/fuels/prices.html.

66 New Hampshire Office of Strategic Initiatives. Last accessed September 15, 2023. “NH Fuel Prices.” Available at:
https://www.energy.nh.gov/energy-information/nh-fuel-prices.

67 In cases where there are noticeable differences between the SEDS and the AEO prices we rely on the SEDS prices, as these
represent actual reported costs.
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Since fuel oil prices do not show meaningful variations by month or season, we have not developed
monthly or seasonal price variations for petroleum products. Storage for petroleum products is
relatively inexpensive and this also tends to smooth out variations in costs relative to market prices. For
these reasons, our forecast does not address volatility in the prices of these fuels.

3.4. Avoided costs

For the avoided costs for fuel oil products and other fuels by end use, we used the prices as discussed
above. The supply systems for these fuels are flexible and diverse, and they are not subject to the
capacity- or time-based constraints associated with electricity and natural gas. Thus, we believe the
market prices provide an appropriate representation of the avoided costs.

Massachusetts emissions sublimits and the Clean Heat Standard

This section discusses the impact of Massachusetts’” GHG emissions sublimits on avoided fuel oil costs.
For more information on the rationale and methods used on this topic, see Section 4.8: Embedded
emissions regulations. Table 31 compares avoided costs for fuel oils in the absence of any required
biofuel blending, along with the avoided costs in each counterfactual, in line with the biofuel blending
requirements implied by Massachusetts’ sublimit requirements. Even with high levels of biofuel
blending, avoided costs are largely similar, due to an assumption that the federal government subsidizes
biofuel costs, to the degree that they are priced similar to fossil fuels.

We note that these costs should not be viewed in isolation. Because this methodology effectively
embeds a GHG reduction policy (via an approximation of the forthcoming Clean Heat Standard) these
incremental costs should be subtracted from the costs of GHG compliance. See the AESC 2024 User
Interface and Appendix G: Marginal Emission Rates for calculating GHG impacts with and without these
blending factors.

Table 36. Avoided costs of fuel oil and other fuels (2024 $ per MMBtu)

ESGEE] Commercial Industrial Residential
Distillate fuel oil Distillate fuel oil Distillate fuel oil Propane
No fuel oil blend $30.60 $28.59 $27.52 $58.11
Counterfactual #1 $30.64 $28.63 $27.56 $58.18

Note: All values are 15-year levelized costs.
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4. COMMON ELECTRIC ASSUMPTIONS

The following section contains input assumptions that are common to the calculations of avoided
electric energy, avoided electric capacity, and avoided RPS compliance.

One of the main tasks of AESC 2024 is to estimate the electricity supply costs that would be avoided by
reducing retail sales of electricity through energy efficiency initiatives or other emerging demand-side
management (DSM) programs. It includes methodologies, assumptions, and sources relating to the
modeling frameworks, electricity demand, transmission, renewable policies, generic resource additions,
known and anticipated resource additions, and known and anticipated resource retirements.

In addition to differences in underlying natural gas prices and fuel oil prices (discussed in Chapter 2:
Avoided Natural Gas Costs and Chapter 3: Fuel Oil and Other Fuel Costs, respectively) modeling
assumptions in AESC 2024 differ from those used in AESC 2021 in terms of the following:

e Examination of different load trajectories under four counterfactual scenarios

e Lower projections for annual sales (not including impacts associated with building or
transportation electrification)

e Inclusion of impacts of transportation electrification in all four counterfactual scenarios

e Updated assumptions on clean energy additions, including substantial updates to new
long-term contracting requirements (e.g., for offshore wind and other renewables),
modifications to online dates for certain clean energy projects, and updates of other
renewable policies including RPS

o Updated assumptions for known and estimated unit retirements as well as unit
additions

e Lower projections for compliance prices under RGGI

e A new capacity accreditation framework reflecting ISO New England’s Resource Capacity
Accreditation (RCA) project that would accredit resources based on their modeled
marginal reliability value

4.1. AESC 2024 modeling framework

The wholesale energy markets in New England are managed by ISO New England. There are two primary
energy markets: (1) the Day-Ahead Market (where the majority of transactions occur) and (2) the Real-
Time Market, in which ISO New England balances the remaining differences in energy supplies and

demand.®® On average, prices in these two markets are typically close to one another, although there is

68 Eor more information, see: ISO New England Inc. Internal Market Monitor. 2023. 2022 Annual Markets Report. Available at:
https://www.iso-ne.com/static-assets/documents/2023/06/2022-annual-markets-report.pdf.
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a tendency for greater volatility in the Real-Time Market. ISO New England also manages a capacity
market, which is an auction-based system that ensures the New England power system has sufficient
resources to meet future demand for electricity. Forward Capacity Auctions (FCA) are held each year,
three years in advance of a specified future operating period. ISO New England also manages other
ancillary markets, including regulation and reserve markets.

AESC 2024 uses three models to concurrently forecast avoided energy market and capacity costs. These
models include:

The EnCompass model

Developed by Anchor Power Solutions, EnCompass is a single, fully integrated power system platform
that allows for utility-scale generation planning and operations analysis. EnCompass is an optimization
model that covers all facets of power system planning, including the following:

e Short-term scheduling, including detailed unit commitment and economic dispatch
e Mid-term energy budgeting analysis, including maintenance scheduling and risk analysis

e Long-term integrated resource planning, including capital project optimization and
environmental compliance

e Market price forecasting for energy, ancillary services, capacity, and environmental
programs

EnCompass provides unit-specific, detailed forecasts of the composition, operations, and costs of the
regional generation fleet given the assumptions described in this document. Synapse has populated the
model using the EnCompass National Database, created by Horizons Energy. Horizons Energy
benchmarked its comprehensive dataset across the 21 North American Electric Reliability Corporation
(NERC) Assessment Areas and it incorporates market rules and transmission constructs across 76 distinct
zonal pricing points. Synapse uses EnCompass to optimize the generation mix in New England and to
estimate the costs of a changing energy system over time, absent any incremental energy efficiency or
DSM measures. More information on EnCompass and the Horizons dataset is available at www.anchor-

power.com.

EnCompass modeling topology

EnCompass, like other production-cost and capacity-expansion models, represents load and generation
by mapping regional projections for system demand and specific generating units to aggregated
geographical regions. These load and generation areas are then linked by transmission areas to create
an aggregated balancing area. Table 37 shows load and generation areas reported on in AESC 2024 and
Table 38 details modeled load and generation areas. This is the same modeling topology as that used in
AESC 2021. For AESC 2024, we use load-weighted averages to translate modeling zones into reporting
zones. While some zones under each topology are close matches, other reporting comprise a number of
different modeling zones. The percentages for weighting percentages are based on locations of pnodes
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in specific states and modeling zones (see Table 39).%° These weighting percentages are updated with
2022 nodal data that are similar, but not identical to, the weightings used in AESC 2021 (which was
based on 2019 nodal data).

Table 37. Reporting zones in AESC 2024

AESC Reporting Zones

1 Maine
2 Vermont
3 New Hampshire
4 Connecticut
4a Southwest Connecticut (including Norwalk-Stamford)
4b Rest of Connecticut (Northeast)
Rhode Island
Massachusetts
6a SEMA (Southeastern Massachusetts)

6b WCMA (West-Central Massachusetts)
6¢ NEMA (Northeastern Massachusetts)

Table 38. Modeled load zones in AESC 2024

EnCompass Region ISO New England sub-area

NE Maine Northeast BHE
NE Maine West Central ME

NE Maine Southeast SME
NE New Hampshire NH

NE Vermont VT

NE Boston Boston
NE Massachusetts Central CMA/NEMA
NE Massachusetts West WMA
NE Massachusetts Southeast SEMA
NE Rhode Island RI

NE Connecticut Northeast cT

NE Connecticut Southwest SWCT
NE Norwalk Stamford NOR

69 pnode load factors for 2022 are available on the 1SO New England website. ISO New England Inc. “Nodal Load Weights.”
Energy, Load and Demand Reports. Available at: https://www.iso-ne.com/isoexpress/web/reports/load-and-demand/-

/tree/nodal-load-wgts.
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Table 39. Translation between EnCompass modeling zones (vertical) and AESC 2024 reporting zones (horizontal)

All SW \] All SE \[3 \"'[¢
ME NH RI VT
CcT CcT CcT MA MA MA MA
NE Maine
BHE 15% - - - - - - - - - -
Northeast
NE Maine West
ME 50% - - - - - - - - - -
Central
NE Maine
SME 35% - - - - - - - - - -
Southeast
NE New
. NH - 82% - 4% - - - - - - -
Hampshire
NE Vermont VT - 15% - 90% - - - - - - -
NE Boston Boston - - - - - - - 46% - 100% 1%
CMA/
NE Mass. Central 3% - - - - - 13% - - 46%
NEMA
NE Mass. West WMA - - - 6% 1% - 2% 15% - - 53%
NE Mass.
SEMA - - 12% - - - - 20% 77% - -
Southeast
NE Rhode Island RI - - 88% - - - - 6% 23% - -
NE Connecticut
CcT - - - - 49% - 98% - - - -
Northeast
NE Connecticut
SWCT - - - - 33%  66% - - - - -
Southwest
- - - 17% 34% - - - - -

NE Norwalk
NOR -
Stamford

Notes: Totals may not sum to 100 percent due to rounding.

Neighboring regions modeled in this study are New York, Quebec, and the Maritime Provinces. These

regions are not represented with unit-specific resolution. Instead, they are represented as a source or
sink of import-export flows across existing interfaces in order to reduce modeling run time.”®

70 |n this analysis, the Maritimes zone includes Versant Power’s Maine Public District territory and Eastern Maine Electric
Cooperative (EMEC) which are not part of ISO New England and, therefore, are not included in any of the New England
pricing zones used in this study. These regions are not modeled as part of the Maine pricing zone and were modeled as part
of the New Brunswick transmission area.
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The Renewable Energy Market Outlook model

In addition to EnCompass, AESC 2024 uses Sustainable Energy Advantage’s New England Renewable
Energy Market Outlook (REMO), a set of models developed by Sustainable Energy Advantage that
estimate forecasts of scenario-specific renewable energy buildouts, as well as REC and clean energy
certificate (CEC) price forecasts. Within REMO, Sustainable Energy Advantage can define forecasts for
both near-term and long-term project buildout and REC pricing.

Near-term renewable builds are defined as projects under development that are in the advanced stages
of permitting and have either identified long-term power purchasers or an alternative path to securing
financing. These projects are subject to customized, probabilistic adjustments to account for
deployment timing and likelihood of achieving commercial operation. The near-term REC price forecasts
are a function of existing, RPS-certified renewable energy supplies, near-term renewable builds, regional
RPS demand, alternative compliance payment (ACP) levels in each market, and other dynamic factors.
Such factors include banking, borrowing, imports, and discretional curtailment of renewable energy.

The long-term REC price forecasts are based on a supply curve analysis taking into account technical
potential, resource cost, and market value of production over the study period. These factors are used
to identify the marginal, REC price-setting resource for each year in which new renewable energy builds
are called upon. The long-term REC price forecast is estimated to be the marginal cost of entry for each
year, meaning the premium requirement for the most expensive renewable generation unit deployed
for a given year.

The FCM model

AESC 2024 uses a spreadsheet model to develop FCM auction prices for power years from June 2024
through May 2028. Projections of prices during this period are based on recent FCA clearing prices,
adjusted to reflect the load assumptions used in the relevant counterfactual (e.g., whether or not the
counterfactual contains energy efficiency measures). We coordinate the major input assumptions
regarding the forecasts of peak load and available capacity in each power year with the input
assumptions used in the Encompass energy market simulation model. General assumptions for this
model include the assumption that resources generally continue to bid FCM capacity in a manner similar
to their bidding in FCA 14 through FCA 17 and the assumption that the supply curve in future FCAs
features similar slopes to FCA 17. See Chapter 5: Avoided Capacity Costs for more detail on the
methodology.

Modeled market rules

The EnCompass model approximates the market rules used in ISO New England. The following sections
provide an overview of the model’s approach to these rules.
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Marginal-cost bidding

In deregulated markets, generation units are assumed to bid marginal cost (opportunity cost of fuel plus
variable O&M costs plus opportunity cost of tradable permits). The model prices are based on such
representative marginal costs. Notably, the model calculates bid adders to close any gap between
energy market revenues and submitted bids. The resulting energy-price outputs are benchmarked
against historical and future prices.

Capacity accreditation and capacity requirements

The capacity market helps guide resource additions and retirements in New England, and it satisfies the
region’s resource adequacy objectives by procuring sufficient capacity resources. The constraint to
ensure a reliable system is the Installed Capacity Requirement (ICR) and the value that each resource
contributes toward the total capacity objective is each resource’s accredited capacity. Beginning in June
2028, resources will be accredited based on their Qualified Marginal Reliability Impact Capacity
(QMRIC), as proposed in ISO New England’s Resource Capacity Accreditation (RCA) project. In AESC
2024, we calculate approximate ICR and QMRIC values based on the latest available ISO proposed
methodologies and use these values in EnCompass to (1) ensure the model builds a resource mix that
meets system reliability needs and (2) calculate capacity prices. Both capacity accreditation and capacity
requirements are determined on a seasonal basis. For the near term through May 2028, before the RCA
rules become effective, current estimates of the reserve-margin and installed-capacity requirement
(with and without the Hydro Quebec installed-capacity credits) are described in Chapter 5: Avoided
Capacity Costs.

Ancillary services

EnCompass allows users to define generating units based on each unit’s ability to participate in various
ancillary services markets including Regulation, Spinning Reserves, and Non-Spinning Reserves. The
model allows users to specify these abilities for each unit, at varying levels of granularity. EnCompass
allows units to contribute to contingency and reserve requirements, and it considers applicable costs
when determining bids.

Day-Ahead Ancillary Services Initiative

ISO New England proposed a package of new day-ahead reserve products through its Day-Ahead
Ancillary Services (DASI) proposal to ensure the day-ahead market clears a set of resources that can
meet real-time needs and to increase incentives for resources to be available in real time (including by
procuring fuel). The proposal utilized call options on energy, which have not been used in other regional
transmission organizations, to address what the I1SO describes as a “misaligned incentives problem”
under the current market rules. The NEPOOL Participants Committee voted in favor of the proposal on
August 3, and the proposal will now be filed with and reviewed by FERC. We recommend that any future
impacts attributed to DASI be incorporated outside of the AESC study.
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Modeling timescale

In EnCompass, REMO, and the FCM Model, we explicitly model 27 years from 2024 through 2050. In
order to develop 30-year levelized avoided costs, AESC 2024 continues the trajectory of each avoided

cost component through 2065.7*

For each modeled year, we use the temporal resolutions described below.

For avoided energy costs:

e We first model each year in EnCompass’ capacity-expansion construct. In this construct,
EnCompass optimizes to determine the most cost-effective capacity additions.”2
EnCompass is set to optimize over the full study period (2024-2050).”3 We run
EnCompass at the resolution of a typical week. This means that EnCompass represents
each year from 2024 to 2050 as an aggregation of 12 months, each of which is
represented by a typical week, each week of which is represented by five “on peak”
days and two “off peak days,” and each day of which is represented by a 24-hour
chronological dispatch period.

e After running EnCompass in the capacity-expansion construct, we next run it in
production-cost mode for a subset of years. EnCompass’ production-cost mode uses the
capacity-expansion outputs as “seed” data, and it allows the model to better
approximate unit commitment over the course of a year. In this construct, we use an
8,760-hour resolution for each year between 2024 and 2050.

e Hourly 8,760 data are then aggregated using load-weighted averages to the four time
periods used for reporting in previous AESC studies (summer on-peak, summer off-peak,
winter on-peak, and winter off-peak).”*

For avoided capacity costs:

e Program administrators can claim avoided capacity by either bidding capacity (cleared)
into the capacity auctions, or by reducing loads through non-bid capacity (uncleared)

Linall cases, this involves extrapolating values through 2065. See Appendix A: Usage Instructions for the methodology used.

72 Note that these capacity additions are limited to generic resource types (described below). Note that we enter other
capacity as exogenous additions.

73 |n AESC 2021, we selected a five-year optimization horizon because this is roughly the horizon used to conceptualize and
build large power plant projects (the FCM has a three-year horizon, but projects are conceptualized and qualified in the
market at least one year [and possibly more years] before each auction). Earlier AESC studies typically used one-year
optimization horizons, largely because of computing power limitations. When comparing resulting avoided costs in AESC
2024 with earlier studies that used different optimization periods, the most likely impact of this change in optimization
horizon is to reduce “noise.” In other words, this change is unlikely to cause avoided costs to be lower or higher but is more
likely to reduce the year-on-year variation in costs.

74 These time periods are defined by ISO New England as follows: Winter on-peak is October through May, weekdays from 7am
to 11pm; winter off-peak is October through May, weekdays from 11 p.m. to 7 a.m., plus weekends and holidays; summer
on-peak is June through September, weekdays from 7 a.m. to 11 p.m.; and summer off-peak is June through September,
weekdays from 11 p.m. to 7 a.m., plus weekends and holidays.
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(which then becomes phased in to load forecasts for subsequent capacity auctions).
Hence, all avoided capacity is stated per kW of accredited capacity, and we identify the
accredited capacity for efficiency resources based on their load profiles and resulting
Marginal Reliability Impact (MRI). The effect of uncleared capacity for demand response
will vary with the number days each summer or winter for which peak load is reduced
and the number of years for which the load reduction continues (see Appendix J: Guide
to Calculating Avoided Costs for Cleared and Uncleared measures more information).

e The capacity value of passive demand resource (such as an energy efficiency program)
or an active demand resource cleared in the capacity market will be determined by the
capacity value accepted by the ISO. The user of the model needs to estimate how much
capacity value will be recognized by the I1SO for each resource that will be bid into the
market. The capacity value of energy efficiency that is not cleared in the capacity market
will be approximately the load reduction of the measure at the ISO’s normal peak
conditions.” However, after the 1ISO’s RCA proposal becomes effective in June 2028,
performance during any high-risk hours (such as hours with lower renewable
generation) will impact a resource’s capacity value.

e |SO New England models peak load by regressing daily peak in each day of July and
August on a number of variables, including monthly energy, WTHI,? a time trend x WTHI,
and dummies for weekends and holidays (also x WTHI). While it is difficult to determine
exactly how load reductions in various conditions will affect the accredited capacity
demand for the region, an energy efficiency measure that reduces load throughout the
year or in the days with higher loads and lower renewable generation should fully affect
the load forecast. Load management that affects only a few summer or winter days
would have a much smaller impact on the load forecast.

For DRIPE:

e Energy DRIPE is estimated as proportional to avoided energy cost. Thus, energy DRIPE
can be applied to any level of disaggregated avoided energy cost.

e Capacity DRIPE is stated per kW of peak load reduction, for bid resources and for non-
bid load reductions. Those values can be attributed to programs in the same manner as
the avoided capacity costs, and with the same computations for demand response.

e Natural gas supply DRIPE and oil DRIPE are intrinsically annual values.

e Natural gas basis DRIPE is associated with high-load days in the winter, for both electric
and natural gas loads.

73 The normal peak conditions are defined as a weighted temperature-humidity index (WTHI) for the day of 79.9°, where the
weighting is (10 x the current day’s THI, plus 5 x the previous day’s THI, plus 2 x the THI two days earlier) + 17. The daily THI
is 0.5 x temperature +0.3 x dewpoint + 15. The THIs are computed for eight cities (Boston MA, Hartford CT, Providence RI,
Portland ME, Manchester NH, Burlington VT, Springfield MA, and Worcester MA) and weighted by zonal loads.
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Model calibration

Because one of the main outputs of AESC 2024 is the estimation of avoided electric energy costs, it is
essential that modeling outputs for wholesale energy prices are in line with actual, recent historical
wholesale energy prices. In this analysis, we compare the model’s projected regional hourly price
forecasts to 2020, 2021, and 2022 prices in the 1ISO New England’s “SMD” dataset.”® See Section 6.2:
Benchmarking the EnCompass energy model for more information on the results of the model
calibration for energy costs.

Note that because several of the AESC counterfactuals project futures that lack any incremental energy
efficiency installed beyond 2023, prices in future years are likely to substantially diverge from recent
historical prices.

4.2. Modeling counterfactuals

The AESC 2024 User Interface, a set of standalone Excel workbooks, includes hourly values in addition to
the four traditional energy costing periods (summer on-peak, summer off-peak, winter on-peak, and
winter off-peak).”” These 8,760 avoided cost values may help refine the quantification of traditional
DSM programs that have relied upon avoided cost values from previous AESC studies.

As with AESC 2021, AESC 2024 examines a series of counterfactuals. Each of these counterfactuals
includes some DSM components and excludes others. Generally speaking, each of the avoided cost
streams is the “but for” costs attributed to the counterfactual scenario, so those specific DSM
components are excluded in the specified scenario. Table 40 details the DSM components included in
each of the counterfactuals. Additional detail on the specifics behind the DSM components modeled in
each counterfactual can be found in the subsequent sections of this chapter.

We note that this set of counterfactuals was developed via thorough discussion with the AESC 2024
Study Group, over multiple discussion dates and via a non-scientific survey.

For purposes of simplification and comparison, Counterfactual #1 is the counterfactual used for the
discussion of many high-level findings and comparisons with previous AESC study results throughout this
report. The following two sections on system demand and renewable energy policies describe the
assumptions used for each of the DSM components.

76 «sMD” is a legacy acronym referring to “Standard Market Design.” Currently, the primary application of this term is in the
naming of this dataset. The SMD dataset containing hourly data for historical years can be found at on the ISO New England
website. ISO New England Inc. “Zonal Information.” Energy, Load and Demand Reports. Available at: https://www.iso-
ne.com/isoexpress/web/reports/load-and-demand/-/tree/zone-info.

77 Appendix B: Detailed Electric Outputs contains the cost streams associated with the four costing periods consistent with
previous AESC studies.
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Table 40. Counterfactual scenarios and sensitivities discussed for modeling in AESC 2024

Counterfactual #6 . Sensitivity
Counterfactual #1 . Sensitivity
) Counterfactual #2 Avoided costs for #2
AESC Classic”: ounteriactua Counterfactual #3  Counterfactual #4 BTM Storage only: #1 Increased Clean
Avoided costs for Avoided costs for : . Counterfactual #5 ) High Gas Price -
_ Avoided costs for ~ Avoided costs for DR . Programmatic Electricity
EE, ADM, and building S and BTM Storage onl All-in DERs
building electrification only only & ¥ and non- _ (sensitivity on ( tivit
electrification programmatic Count: tual #1 sepsaion
measures oun erfac ua ) Counterfactual #5)
Energy
.. No Yes No Yes Yes Yes No Yes
efficiency
Buildi
u‘. (_1|ng. No No Yes Yes Yes Yes No Yes
electrification
Demand No Yes Yes No Yes Yes No Yes
response
BTM No
No Yes Yes No Yes (Programmatic and No Yes
storage -

non-programmatic)

Transportation

e . Yes Yes Yes Yes Yes Yes Yes Yes
electrification
Distri
|str|butced Yes Yes Yes Yes Yes Yes Yes Yes
generation
Likely to Yes Yes Yes Yes Yes
transition to . " . . . . . . . "
e No No (likely transition by (likely transition by  (likely transition by  (likely transition by No (likely transition by
2035) 2035) 2035) 2035) 2035)

in study period?

As described in

Chapter 7, plus an
RPS and other As described in As described in As described in As described in As described in As described in As described in g -
renewable Chapter 7 Chapter 7 Chapter 7 Chapter 7 Chapter 7 Chapter 7 Chapter 7 IRCEP policy
policies P P P P P P P described in Chapter

12

Notes: A “Yes” indicates that the relevant DSM component is included (e.g., modeled) within that counterfactual. A “No” indicates that the DSM component is not incorporated into the modeling in
2024 or any future year. Unless otherwise stated, a “No” only removes the programmatic resources associated with each DSM component (e.g., energy efficiency associated with codes and
standards is modeled in all scenarios, as is storage or demand response owned or funded by entities other than program administrators). The “IRCEP” policy is described in detail in Chapter 12:
Sensitivity Analysis.
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4.3. New England system demand and energy components

Forecasts of annual peak demand and energy used in each of the AESC 2024 models are in large part
based on the 50/50 values published by ISO New England in the 2023 Forecast Report of Capacity,
Energy, Loads and Transmission (CELT) study.’® However, our forecast includes modifications and
enhancements to this forecast. Specifically, our load forecast covers the following components:

e Conventional load: This is a projection of energy consumption (in MWh) and peak
demand (in MW) related to traditional electric end uses, based on data provided in ISO
New England’s 2023 CELT forecast, with adjustments. It also includes historical energy
efficiency installed through 2023 but does not include any energy efficiency installed in
2024 or later years. It also does not include impacts from any of the categories
discussed below.

e Energy efficiency: This is a projection of programmatic energy efficiency measures for
2024 and later years, for all New England states based on a combination of recent
energy efficiency spending and savings, and data provided in ISO New England’s 2023
CELT forecast. It is used in counterfactuals that estimate avoided costs for measures
other than energy efficiency.

e Building electrification: This is a projection of the impacts from programmatically linked
heat pumps and water heating electrification measures, based on data provided in ISO
New England’s 2023 CELT forecast. It is used in counterfactuals that estimate avoided
costs for measures other than building electrification.

e Demand response: This is a projection of the impacts from demand response measures,
based on data in ISO New England’s FCM and program data reported by states and
utilities. It is used in counterfactuals that estimate avoided costs for measures other
than demand response. Note that this projection includes separate projections for both
programmatically linked and non-programmatic resources.

e Behind-the-meter storage: This is a projection of the impacts from behind-the-meter
(BTM) energy storage, based on program data reported by states and utilities. It is used
in counterfactuals that estimate avoided costs for measures other than active BTM
storage. Note that this projection includes separate projections for both
programmatically linked and non-programmatic resources.

e Transportation electrification: This is a projection of the impacts from light-, medium-,
and heavy-duty electric vehicles, based on data provided in ISO New England’s 2023
CELT forecast, with some minor modifications. It is used in all counterfactuals.

78 The “50/50” forecast contains ISO New England’s statistically most-likely estimate of future demand. ISO New England also

publishes other forecasts for demand, including a 90/10 and a 10/90 forecast, which represent high and low ranges of
estimates for demand.
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e Distributed generation: This is a projection of the impacts from distributed solar, based
on the implied quantities resulting from state renewable policy. It is used in all
counterfactuals. See Section 4.4: Renewable energy for more information on this topic.

Conventional load

This section focuses on the conventional load (or “econometric”) forecast for electricity demand.
Generally speaking, this forecast comprises the impacts of “traditional” electric end uses (e.g., not
transportation electrification or building electrification), as well as the installation of energy efficient
measures no longer addressed by the energy efficiency load component (generally speaking,
replacements for programmatic measures have expired, or measures that meet new codes and
standards).

In May 2023, ISO New England released its newest electricity demand forecast, CELT 2023.7° As in the
CELT forecasts before it, in CELT 2023 ISO New England developed a forecast of annual energy for New
England as a whole and for each individual state and load zone. These forecasts are based on regression
models that integrate inputs on previous annual consumption, real electricity price, real personal
income, gross state product, and heating and cooling degree days over 30 years.

Study Group members identified that the projection estimated by ISO New England (a 0.9 percent
compound annual growth rate for 2023—2032) seemed high relative to load growth in recent years
(estimated to have been about 0.5 percent over the past 10 years, after accounting for impacts from
energy efficiency and distributed solar measures). We note that the regression used by ISO New England
is based on information from 1996 to 2022, with the primary driver of future load appearing to be gross
state product. We also note that increases in gross state product in the 10 most recent years tend to be
lower than in the late 1990s and early 2000s, indicating that this entire timespan may not be the best
predictor of future load increases. Furthermore, the most recent 10 years span a period that had
widespread deployment of energy efficiency measures even beyond those counted in the energy
efficiency forecast, as a result of measures deployed via state federal codes and standards. Because
future years are likely to continue to be impacted by savings resulting from these policies, and because
it is convention by ISO New England for the conventional load forecast to incorporate the impacts of
new measures that replace expiring efficient measures, it is likely that future load growth may continue
to be lower than would be predicted based on a long timespan of data.

As a result, we develop a conventional load forecast based on the compound annual growth rate of
historical electric load, with impacts from energy efficiency and behind-the-meter solar removed. This
load growth rate is about 0.5 percent for New England as a whole but varies for each of the modeled
regions. Figure 15 illustrates the New England-wide projection of annual electricity demand, relative to

73 Further information about the CELT forecast can be found at ISO New England’s website at https://www.iso-ne.com/system-
planning/system-plans-studies/celt, https://www.iso-ne.com/system-planning/system-forecasting/load-forecast/ and
https://www.iso-ne.com/static-assets/documents/2023/04/modeling procedure 2023.docx .
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recent historical forecasts, ISO New England’s forecast as modeled in CELT 2023, and the forecast used
in AESC 2021.

Figure 15. Historical and projected annual energy forecasts for all of ISO New England
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Notes: In both the CELT 2023 and AESC 2024 trajectories, all data points are decreased to reflect the energy efficiency installed
through 2023 (see following section on “Programmatic Energy Efficiency”). No other impacts from energy efficiency, active
demand management (demand response, behind-the-meter storage, or managed charging), building electrification,
transportation electrification, or distributed solar are included. A similar operation is performed for the AESC 2021 trajectory,
with the only energy efficiency savings being included from those measures which were installed through 2020.

In order to develop hourly system energy demand, we apply hourly load shapes developed for each load
zone published by 1SO New England in the 2023 CELT study.®° As a result, the hourly load shape for the
conventional load component for January 1, 2024 (for example) is identical to the hourly load shape for
this component for January 1, 2050. The primary difference will be that the quantities in 2050 will be
larger, reflecting an overall increase in conventional load. These load shapes are based on weather data
for 2002, a year identified by ISO as containing relatively average weather relative to other recent
years.®1 While it is possible that load shapes may change over time, or change as a result of the changing

80 1n AESC 2024, we rely on the 2002-era load shapes hosted by ISO New England at https://www.iso-ne.com/system-
planning/planning-models-and-data/variable-energy-resource-data/ in order to achieve consistency between hourly load
shapes and hourly renewable capacity factors. Past editions of AESC have used the hourly load shapes developed by ISO New
England for the CELT 2023 forecast that can be found on the ISO New England website at https://www.iso-ne.com/static-
assets/documents/2023/04/hrly sa fcst eei2023.txt. We note that there are some differences between these two sets of
load shapes, in part due to the fact that the dataset used in AESC 2024 is published at the state level, and the dataset used in
previous studies is published at the modeling region level.

81 Eor more on this assumption, see 1ISO New England’s 2018 slide deck “Review of Assumptions Relating to ICR and Related

Values — 2002 Load Shape,” available at https://www.iso-ne.com/static-
assets/documents/2018/04/a7 pspc review icr 2002 load shape 04182018.pdf.
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climate, the scale and shape of these changes are uncertain. As a result, we rely on ISO New England’s
load shapes for purposes of simplification. Load shapes for other components of system load (e.g.,
energy efficiency, transportation electrification) are discussed in the Other System Demand Components
section, below.82

Energy efficiency

Since 2008, ISO New England has sought to compensate for these “embedded energy efficiency” effects
by explicitly accounting for “passive demand resources” (PDR).8 Thus, programmatic energy efficiency is
excluded from the main ISO New England econometric forecasts, producing a “gross” forecast for annual
energy and peak demand that is higher than it would be without the impact of PDRs. Starting in 2008,
ISO New England has put forth a separate PDR forecast for energy efficiency resources, and since 2015,
it has published a third forecast for distributed solar (PV). ISO New England then subtracts the
forecasted quantities of PDRs and distributed PV from its gross forecast to estimate a “net” forecast, a
lower number that reflects the actual estimated demand for each modeled year. Throughout AESC

2024, we assume that all energy efficiency measures are programmatic, unless otherwise stated.

AESC 2024 bases some elements of its energy efficiency projection on the projection issued by ISO New
England. This section consists of two subsections: the first describing ISO New England’s overall
approach and the second describing the modifications applied to this approach for purposes of AESC
2024,

ISO New England approach

During the development of each CELT forecast, ISO New England works with the Energy Efficiency
Forecast Working Group (EEFWG), which produces an estimate for future energy efficiency based on
expected future energy efficiency expenditures and program performance. ISO New England’s
development of an energy efficiency forecast for CELT 2023 varies in important ways, relative to the
CELT 2020 forecast used as the basis for AESC 2021.84 ISO New England’s forecast is compiled as follows:

e First, ISO New England uses data from the latest completed FCA to establish a total level
of energy efficiency in some future year. As of CELT 2023, the latest completed capacity
auction was FCA 17, which denoted about 14 TWh of cumulative energy efficiency
installed as of 2026. ISO New England then compares this to a “starting” level of energy
efficiency installed as of 2010, subtracts the 2026 value from the 2010 value, and divides
the result by the number of intervening years. This linear interpolation is performed

82 Study Group members identified a desire to explore the impacts of choosing a different weather year on avoided costs. It
was not possible to conduct this analysis under the AESC 2024 timeline and budget, but is a promising area for future
analyses.

83 prior to 2008, ISO New England’s forecast implicitly contained some level of reductions from efficiency programs because the
programs were in effect during the historical period.

84150 New England. 2023. Final 2023 Energy Efficiency Forecast. Available at https://www.iso-ne.com/static-
assets/documents/2023/04/eef2023 final slides.pdf.
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independently for each of the six New England states, and produces a single,
unchanging quantity of annual installed energy efficiency for each year from 2011
through 2026 (697 GWh, New England-wide).8> 1ISO New England notes that as the
amount of energy efficiency that clears the capacity market will change in each year, so
too will its estimate of historical energy efficiency. ISO New England also notes that this
approach may underestimate the total amount of energy efficiency regionwide, as not
all measures participate in the capacity market.8®

e Second, ISO New England develops a projection of energy efficiency that will be installed
in 2027 through 2032. Generally speaking, this estimate is produced for each state by
dividing an annual energy by a production cost to produce annual incremental savings.
The energy efficiency budgets are provided by state energy offices and tend to be
roughly constant over time, in nominal dollar terms (meaning that they decrease over
time when converted to 2024 dollars). Meanwhile, production costs vary in several
ways. First, production costs are based on estimates from 2019-2021, which vary by
sector and end use (e.g., Residential & Low Income HVAC, C&I Refrigeration).®” These
costs are then projected to grow both according to inflation and a 1.25 percent
escalation rate. Costs also change over time in a third way, reflecting a shift away from
some end-use types towards other end-use types (which is generally a shift away from
cheaper end uses towards more expensive end uses). As a result, the production costs
tend to increase substantially over the study period. For example, Massachusetts’
Residential & Low Income production costs change from about $4,300 per MWh in 2027
to about $7,900 per MWh in 2032 (all values are in nominal dollars). This increase in
production costs, paired with a decrease in program budgets (in real dollar terms),
produces a steady decline in the annual incremental energy efficiency deployed.

e Third, ISO New England now incorporates embedded expiring measures.®8 This action is
intended to capture situations where measures installed through energy efficiency
programs expire, but are “naturally” replaced by like measures by consumers. ISO New
England posits that this “like-for-like” replacement is otherwise being captured in the
conventional load forecast and implements a set of steps to avoid double-counting.
Practically speaking, to estimate a quantity of expiring measures, ISO New England
compares the amount of energy efficiency that cleared in the most recent capacity
auction with the amount of energy efficiency that cleared in the past auction with the
most energy efficiency. Subtracting one value from the other yields a quantity of energy
efficiency assumed to be expiring in each future year (roughly 800 GWh each year, New
England-wide).

85 See Final 2023 Energy Efficiency Forecast, slide 24.

86 Synapse observes that according to ISO New England’s methodology, Massachusetts has 328 GWh installed in each year
from 2011 through 2026. This is likely to be an overestimate for the earlier years, but for more recent years is likely an
underestimate, given MassSave data (see https://www.masssavedata.com/) showing an average of 1,100 GWh installed in
Massachusetts between 2019 and 2021.

87 See Final 2023 Energy Efficiency Forecast, slides 9 through 15.
88 See Final 2023 Energy Efficiency Forecast, slides 20 through 22.
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As with other components of the 2023 CELT forecast, this forecast contains estimates of energy
efficiency through 2032.

AESC 2024 approach

The approach for projecting energy efficiency in AESC 2024 builds on ISO New England’s approach in a
number of ways. Primarily, the Synapse Team implements modifications to bring the forecast more in
line with the program administrators’ plans for energy efficiency.

We implement modifications to ISO New England’s approach as follows:

e Historical savings: Rather than basing historical savings on an extrapolation of energy
efficiency cleared in recent auctions, our projection compiles savings data as reported
by energy efficiency program administrators from 2010 through 2022. These data
sources are compiled from a variety of sources, with the primary source being the
Regional Energy Efficiency Database (REED) product published by Northeast Energy
Efficiency Partnerships (NEEP).8° Where necessary (e.g., for the most recent years’ data
and for situations where energy efficiency impacts must be isolated from programs
containing kWh impacts from both energy efficiency and heat pump measures), this
data is supplemented by information from program administrators’ annual reports.

e Future budgets: Using the REED dataset as well as information submitted in program
administrators’ annual reports, we compile a set of recent budgets for energy efficiency
programs (e.g., for 2022) for residential and C&I programs. These budgets are then held
constant through 2050 in real-dollar terms.

e  Future production costs: As in AESC 2021, we remove the 1.25 percent production-cost
escalator assumed by ISO New England but assume the same switch in measure
installations that yields a higher production cost over time.*°

e Expiring measures: Using measure life data posted by Massachusetts program
administrators for 2016 and 2021, we develop a set of expiration schedules for measure
types (e.g., HVAC, process, hot water) and sectors (residential and C&lI). We then apply
these expiration schedules to all historical and future energy efficiency measure types in
order to determine an estimate of the quantity of savings expected to be retiring in
every year.”! As described above, ISO New England assumes that as measures expire,
they are replaced by similarly efficient measures within the conventional load forecast.
As a result, the savings from these expiring measures must be removed from the energy
efficiency component in order to avoid double-counting.

89 For more information on this dataset, see https://neep.org/emv/regional-energy-efficiency-database.

90 Study Group members identified that escalations in production costs were already being sufficiently addressed via the
change in measures being implemented, and that a supplementary production-cost escalator was unnecessary.

91 Historical mixes of measure data are derived from a 2022 1SO New England report on this topic. ISO New England. 2023
Energy Efficiency Forecast Data Review and Verification: End Use Measure Data. December 5, 2022. Available at
https://www.iso-ne.com/static-assets/documents/2022/12/eefwg2023 meas_data.pdf.
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e Special circumstances: In some situations, we supplement the above methodology with
separate datasets. For example, as of October 2023, Rhode Island Energy is in the midst
of assembling its energy efficiency plan for 2024-2026.%2 We assume the level of savings
implied in this submitted plan for these years, and then switch to the above method for
calculating savings in Rhode Island later years. Likewise, the state of Vermont assembles
a long-term plan for energy efficiency for years 2024 to 2043.%3 We use this plan in place
of the above methodology, with savings for 2043 held constant through 2050. In each of
these cases, we apply the same assumptions as described above for expiring measures.

For AESC 2024, we must develop two different projections of energy efficiency through 2050. The first is
an assumption on the level of energy efficiency that exists in 2023. This projection is used in
Counterfactual #1 and Counterfactual #3. In this first projection, we deploy the above algorithm to
estimate the measures that would be installed through 2023, and then do not implement any additional
energy efficiency measures in 2024 and later years. However, during the 2024 to 2050 time period,
measures expire, resulting in an overall diminishing in energy efficiency savings over time.

The second projection is based on a future where program administrators continue to implement
energy efficiency throughout the study period. This second projection is used in Counterfactual #2,
Counterfactual #4, Counterfactual #5, and Counterfactual #6. In this projection, we deploy the above
algorithm for all years to estimate the amount of energy efficiency that would be installed (and would
expire) in each year to estimate cumulative impacts from savings in each year.

We note that both of the above projections differ from the analogous projections of energy efficiency
developed for previous AESC studies, which typically ignored expiring savings.

Figure 16 illustrates how these two energy efficiency projections compare with one another, and with
the projection in ISO New England’s CELT 2023 forecast. We note that the level of energy efficiency
considered in both AESC 2024 projections is roughly 13 percent of total projected conventional load in
the early 2020s (see Figure 15, above).

92 024-2026 Energy Efficiency Three-Year Plan and Annual Energy Efficiency Plan for 2024, Rhode Island Public Utility
Commission Docket No. 23-35-EE, Pre-Filed Direct Testimony of: Brett Feldman, Michael O’Brien Crayne, Mark Siegal, Toby
Ast, and Spencer Lawrence. October 2, 2023. Available at https://ripuc.ri.gov/sites/g/files/xkgbur841/files/2023-10/2335-
RIE-Annual-ThreeYr-EEPlan_10-2-23-Bates.pdf.

93 See EVT 2024-43 Demand Resource Plan proceeding, baseline modeling results Case No. 22-2954-INV and BED 2024-43
Demand Resource Plan proceeding, Plan A modeling results Case No. 22-2954-INV, provided to Synapse by VT DPS.
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Figure 16. Projected cumulative regionwide energy efficiency impacts
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For all modeled counterfactuals, the Synapse Team assumes the same hourly load shape for energy
efficiency that is used for the conventional load component of the energy forecast. This effectively
reduces the conventional load component in every hour by the fraction of modeled energy efficiency (in
MWh) relative to the system demand. While different energy efficiency measures may have different
load profiles in reality, this simplified approach is meant to approximate the implementation of a
portfolio of energy efficiency measures. We determine peak impacts of energy efficiency and energy
efficiency’s contribution to the capacity requirement by estimating the peak hour for energy efficiency
in each year, based on the annual regionwide energy efficiency amount and annual system demand
impact.

Demand response

Demand response participates in ISO New England’s FCM and serves as a peak demand resource.
Demand response participation in the FCM has grown incrementally for several years. To forecast
demand response impacts in future years, we rely on cleared capacity obligations through 2026. Then,
to develop a forecast through 2050, we increase the 2026 quantity of demand response each year by
the compound annual growth rate (CAGR) trend observed for capacity between 2018 and 2026. In FCA
17 (e.g., for commitment period 2026/2027), 623 MW of demand response capacity cleared the market
and received a capacity supply obligation. This roughly doubles by 2050, growing to 1,130 MW. We
assume all demand response that has cleared in the FCM so far is non-programmatic, as is all demand
response projected to exist based on historical FCM values. As a result, this quantity of demand
response is modeled in all counterfactuals.

In AESC 2021, based on direction from Study Group members from Massachusetts, we also assume an
additional quantity of programmatic demand response. This quantity is based on the available-at-the-
time draft planning numbers in Massachusetts. Under this assumption, we assume 162 MW of measures
capable of demand response in 2020 and double that quantity by 2024. In AESC 2024, at the
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recommendation of the Study Group, we update the assumed quantity of programmatic C&I demand
response measures to assume a level of 120 MW in 2024 in Massachusetts and an annual increase of 7.5
percent per year through 2050. Based on the Study Group’s recommendations, for programmatic
residential demand response in Massachusetts, we adopt the AESC 2021 assumption of modeling a
constant 54 MW in 2024 through 2050.

In AESC 2024, we also assume additional programmatic demand response based on direction from Study
Group members from Rhode Island. Based on actual enrolled programmatic demand response
capacities provided by the Study Group, we assume 79.7 MW of C&I| demand response, and 5.6 MW of
residential demand response. We adopt these values beginning in 2023 and hold them constant through
2050.

Based on recent historical behavior in the energy market, we assume that 10 percent of the entire
demand response resource dispatches when prices are greater than $30 per MWh (in 2024 dollars)
while 90 percent of this resource dispatches when prices exceed $900 per MWh (e.g., a stand-in for
rare, very high price events).?

Figure 17 shows the quantity of demand response modeled in AESC 2024. One series, labelled “Non-
programmatic and historical programmatic” includes all non-programmatic demand response (i.e., that
which cleared in the capacity market, and is projected into the future based on historical capacity
results) and all programmatic demand response assumed to have been installed through 2023. The
second series, “Future programmatic” includes all other demand response measures that are projected
to be installed by the program administrators. The total quantity of demand response modeled in AESC
2024 is similar to the quantity modeled in AESC 2021. As in AESC 2021, we assumed the majority of
demand response measures to be non-programmatic and thus modeled them the same way in every
counterfactual. Programmatic demand response is included in Counterfactuals #2, #3, #5, and #6. For
modeling purposes, demand response capacities outside of those cleared in the FCM capacities are
grossed up by 8 percent to reflect a conversion between retail MW and wholesale MW.%>

94 These are the same values assumed in AESC 2021, without adjustments to dollar years (reflecting their nature as high-level
assumptions).

95 We assume that capacities cleared in the FCM, and projected future capacity based on these quantities, are already reported
in wholesale terms.
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Figure 17. Demand response forecast for New England
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Another type of demand response is flexible load, such as managed charging for electric vehicles or
programs that compensate owners of electric water heaters to pre-heat their water several hours ahead
of expected use. However, AESC 2024 does not consider any quantity of managed charging or other
flexible load resources.

Behind-the-meter storage

There is currently no regional projection of BTM storage for New England. Furthermore, data availability
on existing BTM installations vary by state, and by administrator. To establish a baseline of existing and
projected BTM storage installation in New England, we assemble data and projections from policy
mandates and incentives for BTM storage for every state and New England. We then aggregate these
projections to forecast total BTM storage capacity through 2050.

e Connecticut: On January 1, 2022, the Connecticut Public Utilities Regulatory Authority
(PURA) launched the Energy Storage Solutions Program.®® This program is administered
by Connecticut Green Bank, Eversource, and United llluminating for both residential and
C&I customers, and it is expected to run at least through December 31, 2030. The
program has a goal of reaching 580 MW of storage by 2030.% As of August 18, 2023,
this program had completed 0.71 MW of BTM storage, with an additional 77 MW of

%6 Energy Storage Solutions Administrators. “Energy Storage Solutions.” Available at: https://energystoragect.com/.

97 Energy Toolbase Software Inc. 2021. “Connecticut Makes Strides Towards 1,000 MW Statewide Goal with Public Utilities
Regulatory Authority (PURA) Approval of New Energy Storage Incentive.” Available at:
https://www.energytoolbase.com/newsroom/blog/connecticut-pura-approves-new-energy-storage-incentive.
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approved projects that are not yet completed.’® Per the Study Group’s
recommendation, we assume this 580 MW is installed by 2030 and is a programmatic
resource.

Eversource also administers the Connected Solutions program in Connecticut. This
program provides residential customers incentives for supplying their own batteries.?®
Under this program, customers can receive incentive payments of up to $225 per
average kW used from their demand response resources over a three-hour period
between June and September. This program will be phasing out in Connecticut due to
the new Energy Storage Solutions offering and will not accept new customers after
December 1, 2023.

e Maine: Efficiency Maine Trust (EMT) currently administers the Energy Storage System
Program, which offers performance-based incentives of $200 per kW of reduced grid-
supplied load for energy storage systems installed by non-residential, demand-metered
customers.100

In addition, in June 2021, Maine passed LD 528, which set energy storage goals for
Maine of 300 MW by 2025 and 400 MW by 2030.19? These goals are not modeled as a
requirement in AESC 2024.

Finally, in May 2022, Maine passed LD 2030, which provides a refund of sales and use
tax to customers who purchase a qualifying battery energy storage system.102 This
reimbursement will only apply to systems with a minimum capacity of 50 MW,
purchased between January 1, 2023, and December 31, 2025. Given the large minimum
capacity constraint, we do not think that this program is pertinent to BTM storage.

e Massachusetts: Through the Solar Massachusetts Renewable Target (SMART) program,
participants can receive an incentive for pairing an Energy Storage Adder to their solar
project. As of October 2023, this program had approved about 34 MW of BTM storage
in Massachusetts.'93 At the recommendation of the Study Group, we model the SMART

98 Energy Storage Solutions Administrators. “Energy Storage Solutions Performance Report.” Available at:
https://energystoragect.com/ess-performance-report/.

99 Eversource. Last accessed August 18, 2023. “Demand Response for Home Battery Storage.” Demand Response. Available at:
https://www.eversource.com/content/residential/save-money-energy/energy-efficiency-programs/demand-
response/battery-storage-demand-response.

100 Efficiency Maine. “Energy Storage System Projects.” Available at: https://www.efficiencymaine.com/energy-storage-

system-projects/.

State of Maine Governor’s Energy Office. “Energy Storage.” Available at:
https://www.maine.gov/energy/initiatives/renewable-energy/energy-storage.

101

102 gtate of Maine Governor’s Energy Office. 2023. Evaluation of the role of existing and potential tax incentives in achieving

Maine’s energy storage policy goals. Submitted by the Governor’s Energy Office to the Joint Standing Committee on Energy,
Utilities and Technology, Pursuant to LD 2030: An Act to Provide for Reimbursement of the Sales Tax Paid on Certain
Battery Energy Storage Systems. Available at: https://legislature.maine.gov/doc/10084.

103 \assachusetts Department of Energy Resources (DOER). Last accessed February 5, 2021. “SMART Qualified Units.”
Available at: https://www.mass.gov/doc/smart-qualified-units-0.
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program as being 25 percent programmatic through 2034, and 15 percent
programmatic from 2035 on.

Additionally, the SMART program also offers storage for “standalone solar” projects,
labeled in the SMART program separately from BTM projects. We include these projects
in our model as well to ensure our forecast accounts for small, standalone storage
projects, as our forecast aims to capture all storage. As of October 2023, the SMART
program had approved about 279 MW of standalone storage.

Second, Program Administrators deploy the Connected Solutions program through Mass
Save, which provides residential customers an incentive of $275 per average kW used
from their demand response resources over a two- to three-hour period for supplying
their own batteries.'9% 10> Massachusetts requires utilities to report on their energy
storage installations annually.'%® These target reports, in addition to reporting on
SMART program installations, contain entries labeled “MA — Energy Efficiency/DR
Program.” At the guidance of the Study Group, we assume these installations to be
associated with the Connected Solutions program.

Additionally, utility target reports contain entries labeled “MA — DOER/ MassCEC
Funded Projects.” We assume these projects are related to the Massachusetts Clean
Energy Center’s (MassCEC) Advancing Commonwealth Energy Storage (ACES)
program.1%’ This program consists of a pilot of 26 energy storage demonstration
projects, running from 2017-2024.

Third, in March 2023, Cape Light Compact received approval to launch its Cape &
Vineyard Electrification Offering (CVEO) program.2® This program will begin with a pilot
to serve 100 residential low- and moderate-income customers, 25 of which will receive
BTM storage systems.

104 \1assSave. Last accessed August 22, 2023. “Use Your Battery Storage Device to Make the Grid More Sustainable.” Available
at https://www.masssave.com/saving/residential-rebates/connectedsolutions-batteries.

105 During AESC 2021, members of the Study Group provided information on recently installed measures in Massachusetts’
Connected Solutions program. For purposes of simplification and to avoid double-counting, we assume that all measures in
this program are either also participating as demand response in the FCM or in the SMART program and are already
accounted for in either one of the two projections.

Mass Save. 2020. Energy Efficiency Program Administrators Quarterly Report. Available at https://ma-eeac.org/wp-
content/uploads/Quarterly-Report-of-the-PAs-2019-Q4-2-11-20-1.pdf, and Mass Save. 2020. Massachusetts Energy
Efficiency Program Administrators Quarterly Report. Available at https://ma-eeac.org/wp-content/uploads/Quarterly-
Report-of-the-PAs-2020-Q2-Final.pdf.

106 Mass.gov. Last accessed August 24, 2023. “ESI Goals & Storage Target.” Available at: https://www.mass.gov/info-
details/esi-goals-storage-target.

107 Massachusetts Clean Energy Council. “Advancing Commonwealth Energy Storage (ACES).” Available at
https://www.masscec.com/program/advancing-commonwealth-energy-storage-aces.

108 Olinsky-Paul, T., Epstein, G. 2023. Innovative Massachusetts Low-Income Battery Pilot Finally Wins Approval (For Now...).
Clean Energy Group. Available at: https://www.cleanegroup.org/innovative-massachusetts-low-income-battery-pilot-
finally-wins-approval-for-now/.
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Finally, the Clean Peak Standard (CPS), effective June 2020, may also serve as an
incentive for BTM storage in the state. Qualified resources under the CPS include new
renewable resources that also meet eligibility under Massachusetts’ Class | and Class Il
RPS program.%9 Existing renewable resources in both programs are eligible, so long as
these resources are paired with a new energy storage system. Furthermore, both
standalone energy storage systems and demand response resources are eligible to meet
the CPS. 2019 modeling published by Massachusetts Department of Energy Resources
described the estimated benefits under the CPS, which are projected to reach over
120,000 metric tons by 2030.11° Assuming that all of these benefits are provided by BTM
storage, and that storage is able to provide a benefit of 60 metric tons per MW, this
implies a 2030 capacity of about 2.0 GW.! This is substantially larger than the
Commonwealth’s current storage target of 500 MW in 2025, and about 1,500 to 1,800
MW larger than the quantity of BTM storage assumed to exist in 2030 in any
counterfactual, as a result of the other programs described above.'1? Because of a lack
of information on CPS requirements for each modeled year in AESC, we do not explicitly
model this program.

e New Hampshire: In 2019, the New Hampshire Public Utilities Commission approved a
BTM Battery Storage Pilot Program for Liberty Utilities’ customers.'3 The pilot contains
two phases, the first of which was completed in 2022 and provided 96 participants with
a total of 192 batteries, equivalent to roughly 0.96 MW of storage.1! Phase 2, if
approved, combined with Phase 1 will put a total of 2.5 MW of BTM storage in New
Hampshire.

e Rhode Island: As in Massachusetts and Connecticut, Rhode Island Energy administers
the Connected Solutions program which provides residential customers incentives of

109 Massachusetts Department of Energy Resources. 2020. Clean Peak Energy Resource Eligibility Guide. Available at
https://www.mass.gov/doc/clean-peak-resource-eligibility-guidelines/download.

110 passachusetts Department of Energy Resources. 2019. The Clean Peak Energy Standard. Available at
https://www.mass.gov/doc/drafts-cps-reg-summary-presentation/download. Slide 39.

111

use in discussions regarding CPS.

State of Charge. 2017. Massachusetts Energy Storage Initiative Study. Prepared for Massachusetts Department of Energy

Resources. Available at https://www.mass.gov/files/2017-07/state-of-charge-report.pdf. P. 95

112 \assachusetts’ energy storage goal is 1,000 MWh of storage by 2025. Per data available from the SMART program, the

average duration of storage installed to date is 2 hours, which yields a storage target of 500 MW.

Per members of the Study Group, this metric tons per MW value is the avoided emissions value that has been applied for

Massachusetts Department of Energy Resources. Last accessed March 11, 2021. “ESI Goals & Storage Target.” Available at

https://www.mass.gov/info-details/esi-goals-storage-target.

113 Gheorghiu, I. 2019. Designing Liberty Utilities’ New Hampshire residential storage program. Utility Dive. Available at:
https://www.utilitydive.com/news/designing-liberty-utilities-new-hampshire-residential-storage-program/548940/.

114 Guidehouse. November 2022. Battery Storage Pilot Program: Interim Evaluation Report. Available at:
https://www.puc.nh.gov/Regulatory/Docketbk/2017/17-189/LETTERS-MEMOS-TARIFFS/17-189 2022-11-
29 GSEC INTERIM-EVALUATION-REPORT.PDF.
Liberty. Accessed August 22, 2023. Battery Storage. Available at: https://new-
hampshire.libertyutilities.com/bath/residential/smart-energy-use/electric/battery-
storage.html#:~:text=The%20battery%20storage%20program%20is,called%20the%20Tesla%20Powerwall%202.
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$400 per average kW used from their demand response resources over a two- to three-
hour period between June and September for supplying their own batteries.!> At the
guidance of Study Group members from Rhode Island, we assume a forecast of 16 MW
of BTM storage in 2025, 76 MW in 2035, and 217 MW in 2050.

Second, the Rhode Island Renewable Energy Fund (REF) Small-Scale Solar Program offers
a flat $2,000 per project for energy storage system adders to residential solar
projects.''® Program data is not currently available.

e Vermont: In Vermont, Green Mountain Power (GMP) offers two residential battery
storage programs: the Bring Your Own Device (BYOD) Program, and the Tesla Powerwall
Program.!'” The BYOD Program has incentivized between 13 and 14 MW of BTM
storage installed in the state in 2019.118 Both programs currently each have a cap of 500
new customers per year, or the equivalent of about 5 MW of storage per year for the
next 15 years (e.g., until 2035), and are projected to meet that cap each year for the
next 15 years. In 2023, GMP requested to lift this cap due to high customer demand for
the programs.11®

The storage forecast from 2020 through 2050 for the entire New England region is shown in Figure 18.
We model any resources marked as “Unclear” (where it is unknown whether the resource is
programmatic or non-programmatic) as non-programmatic, and we assume virtually all future
incremental BTM storage to be non-programmatic.

115 Rhode Island Energy. Accessed August 14, 2023. Battery Program. Available at: https://www.rienergy.com/RI-
Home/ConnectedSolutions/BatteryProgram.

116 gtate of Rhode Island Office of Energy Resources. Accessed August 22, 2023. State and Federal Energy Incentives. Available
at: https://energy.ri.gov/incentives.

117 Green Mountain Power. Accessed August 22, 2023. Home Energy Storage. Available at:
https://greenmountainpower.com/rebates-programs/home-energy-storage/.

118 Gheorghiu, lulia. 2020. “Green Mountain Power expands PYOD and Tesla battery programs as it targets fossil peakers.”
Utility Dive. Available at: https://www.utilitydive.com/news/green-mountain-power-to-roll-out-byod-and-tesla-battery-
programs-as-it-targ/578573/.

119 Green Mountain Power. April 26, 2023. “GMP Requests Removal of Cap on Powerwall and BYOD Home Battery Programs to
Expand Customer Access to Cost-Effective Backup Power”. Available at: https://greenmountainpower.com/news/gmp-
requests-removal-of-cap-on-powerwall-and-byod-home-battery-programs/.
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Figure 18. BTM storage forecast for New England
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Our modeling applies program-specific battery dispatch profiles for BTM storage wherever possible. For
programs where a specific battery dispatch profile is not described, we assume that storage will dispatch
according to the CPS seasonal peak periods, in line with our methodology in AESC 2021. Under the CPS,
systems may only get CPS credits for discharging within these hours, so we assume each system is
limited to discharging once per day (or 365 cycles per year). Table 41 describes the dispatch profile we
apply to each program.

Our BTM storage modeling assumes a round trip efficiency (RTE) of 85 percent for all storage systems as
is consistent with field tests of battery storage performance.*?° We calculate MWh from capacity
assuming a 2-hour duration. For modeling purposes, BTM storage capacities are grossed up by 8 percent
to reflect a conversion between retail MW and wholesale MW.

Given the lack of data on BTM storage projections for each program, it is sometimes challenging to
determine what portion of the above programs might be deployed as part of an active demand
management program managed by one of the AESC 2024 Sponsors, and what portion may be deployed
regardless of actions taken by the AESC 2024 Sponsors. Table 41 describes what category each of the
above programs appears to fall into. For the purposes of AESC 2024, we assume that only policies
marked as “Programmatic” are programmatic; we model all other policies in all counterfactuals. Note
that these “Non-programmatic” resources make up the vast majority of all BTM storage resources;
constituting over 99 percent of BTM storage capacity in each modeled year.

120 Deline, Chris, et al. July 2019. Field-Aging Test Bed for Behind-the-Meter PV + Energy Storage. National Renewable Energy
Laboratory (NREL). Available at: https://www.nrel.gov/docs/fy190sti/74003.pdf.
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Table 41. Behind-the-meter storage categorization

State

cT

CcT

ME

MA

MA

MA

MA

MA

Policy

Connected
Solutions

Energy
Storage
Solutions

Energy
Storage
System
Program

SMART
Program

Connected
Solutions

Other

Cape &
Vineyard
Electrification
Offering
(CVEO)

Clean Peak
Standard (CPS)

Categorization

Programmatic. Program
entirely administered by
Eversource; no data available.
Programmatic. Program
administered by Connecticut
Green Bank, Eversource, and
United llluminating; partial
2022-2023 data available.
Non-Programmatic. Program
administered by Efficiency
Maine Trust (EMT); no data
available.

Partially Programmatic.
Project may overlap with
other Massachusetts BTM
storage policies. Measures
assumed to be counted in the
CPS program. BTM projects
are assumed to be 25%
programmatic and 75% non-
programmatic through 2034,
and 15% programmatic and
85% non-programmatic from
2035 on. Standalone storage
projects are assumed to be
non-programmatic.
Programmatic. This refers to
data entries in utility target
reports labeled “MA — Energy
Efficiency/ DR Program.”

Unclear. This refers to data
entries in utility target reports
that are not associated with
SMART or Connected
Solutions programs, including
“MA-DOER/ MassCEC Funded
Projects” and “Other”
projects.

Programmatic. Program
entirely administered by Cape
Light Compact; no data
available.

Unclear. Project may overlap
with other Massachusetts
BTM storage policies.

121

AESC 2024 Methodology

Assuming 0 MW, due to no available
data. Program not accepting new
participants after 12/1/2023.

2022 and 2023 values are based on
actual program data, as of 8/18/2023.
We assume program grows linearly to
meet the goal of 580 MW by 2030.

Program-specific data unavailable.
Statewide actual storage data (2019-
2022) used from Governor’s Energy
Office of Maine. Numbers in 2023 and
after are held constant at 2 MW.
2018-2023 values are based on actual
program data, available through
10/3/2023. Numbers in 2035 and 2050
are based on MA statewide targets, as
well as forecasts provided by the Study
Group.

2019-2022 values are based on MA
2022 ES Target Report data. Numbers
in 2023-2025 assume continued
average growth as calculated with
existing data. Numbers in 2026 and
after are held constant at 9 MW.
2019-2022 values are based on MA
2022 ES Target Report data. Numbers
in 2023-2025 assume continued
average growth as calculated with
existing data. Numbers in 2026 and
after are held constant at 10 MW.

2023-2024 values are based on
approved pilot program design.
Numbers in 2025 and after are held
constant at 0.15 MW.

We d not model additional CPS
resources explicitly and are assuming it
is otherwise met through other
programs.

Assumed AESC 2024

Dispatch Profile
None (modeling program as
0 MW).

Winter (November 1
through March 31) 3 p.m.
to 9 p.m., Summer (June 1
through September 30) 3
p.m. to 9 p.m.12
Proposing to adopt CPS
dispatch profile.

Proposing to adopt CPS
dispatch profile.

Proposing to adopt CPS
dispatch profile.

Proposing to adopt CPS
dispatch profile.

Proposing to adopt CPS
dispatch profile.

Winter (December 1
through February 28) 4 p.m.
to 8 p.m., Spring (March 1
through May 14) 5 p.m. to 9

Eversource. Accessed August 18, 2023. Connecticut Home Battery Storage Options. Available at:

https://www.eversource.com/content/residential/save-money-energy/clean-energy-options/home-battery-storage.
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Policy Categorization AESC 2024 Methodology Assumed AESC 2024

Dispatch Profile

p.m., Summer (May 15
through September 14) 3
p.m. to 7 p.m. and Fall
(September 15 through
November 30) 4 p.m. to 8

p.m.122
NH Battery Programmatic. Program 2020-2022 values are based on Winter (November 1
Storage Pilot  entirely administered by program evaluation data. 2023-2025  through April 30) 3 p.m. to
Program Liberty Utilities. values assume Phase 2 of the pilot will 8 p.m., Summer (May 1
be approved. Numbers in 2026 and through October 31) 3 p.m.
after are held constant at 2.5 MW. to 8 p.m.123
RI Connected Programmatic. Program Values in 2025, 2035, and 2050 are Summer (June 1 through
Solutions entirely administered by based on forecasts from Rhode Island  September 30) 3 p.m. to 8
Rhode Island Energy. Energy, assuming linear growth p.m., two to three hours
between those years. event, for C&I.124
RI Renewable Non-Programmatic. Program  Assuming 0 MW, due to no available None (modeling program as
Energy Fund  administered by Rhode Island data. 0 MW).
(REF) Small- Commerce.
Scale Solar
Program
VT BYOD Non-Programmatic. Program  Assuming 5 MW of annual growth, Proposing to adopt CPS
Program entirely administered by based on maximum allowed annual dispatch profile.
Green Mountain Power (GMP) participation and GMP press
(not a program administrator). statements that program waitlists are
full multiple years out. Reaches 75 MW
in 2035.
VT Tesla Non-Programmatic. Program  Assuming 5 MW of annual growth, Proposing to adopt CPS
Powerwall entirely administered by GMP based on maximum allowed annual dispatch profile.
Program (not a program administrator). participation and GMP press

statements that program waitlists are
full multiple years out. Reaches 88 MW
in 2035.

Table 42 shows the total cumulative BTM storage projected to be installed in each state in New England,
in 2025, 2035, and 2050. The modeled quantity of BTM storage in 2035 (inclusive of both programmatic
and non- programmatic resources) is about three times larger than the 2035 quantity modeled in AESC
2021. Non-programmatic BTM storage resources are modeled in all counterfactuals except
Counterfactual #6. Programmatic BTM storage resources are only modeled in Counterfactual #2, #3, and
#5. In Counterfactual #6, we do not model any new BTM storage (programmatic or non-programmatic)
installed in 2024 or any later years.

122 \assachusetts Department of Energy Resources (DOER). August 7, 2019. The Clean Peak Energy Standard. Available at:

https://www.mass.gov/doc/drafts-cps-reg-summary-presentation/download. Slides 15 and 19.

123 Liberty. Accessed August 22, 2023. Battery Storage. Available at: https://new-
hampshire.libertyutilities.com/bath/residential/smart-energy-use/electric/battery-
storage.html#:~:text=The%20battery%20storage%20program%20is,called%20the%20Tesla%20Powerwall%202.

124 | Connected Solutions dispatch profile provided by Rhode Island Energy via email on October 23, 2023.
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Table 42. Modeled quantites of behind-the-meter storage (MW)

State 2025 2035 2050
Connecticut 218 580 580
Maine 2 2 2
Massachusetts 443 1,016 2,266
New Hampshire 3 3 3
Rhode Island 16 76 217

Vermont 63 163 163
Total 744

Fraction of total MW attributable to

incremental programmatic BTM storage
resources

Note: This table includes capacity from all programs, including both programmatic and non-programmatic BTM storage.
Quantities are reported in retail terms, rather than in wholesale terms.

Building electrification

Measures related to building electrification are projected to be a significant source of load growth over
the study period, in certain counterfactuals. Primary examples of such measures include heat pumps for
space and water heating. ISO New England developed a forecast of residential and commercial heat
pump load as part of its CELT 2023 report.*?> ISO New England developed this forecast in collaboration
with regional stakeholders who provided information about heat pump programs, incentives, and policy
targets across the New England states. Broadly speaking, heat pump adoption was modeled by state, by
sector (residential and commercial), by end use (HVAC vs. water heating), by heat pump type (partial vs.
whole building), by existing fuel system (gas, fuel oil, etc.), and by electrification technology (e.g., air- vs.
ground-source heat pump). The modeling extends to 2050, although the report only provides data on
energy consumption and peak load from 2023 through 2032.

Generally speaking, ISO New England bases its projections around residential heat pump adoption levels
of about 15 percent in 2030 and 85 percent in 2050, and commercial heat pump adoption levels of
about 15 percent in 2030 and 80 percent in 2050.

Relative to other load forecast components (e.g., energy efficiency and transportation electrification),
ISO New England has published little granular data on its building electrification forecast, aside from
state-specific projections. The ISO has published no data on hourly demand impacts. On October 23, ISO
New England shared some more detailed information with Synapse (including adoption trajectories and
associated demand by state, sector, and heating type from 2023 through 2032), but we have not yet
used this data to inform AESC projections because this data was not available until October 23. Instead,
Synapse’s projections are currently based on the publicly available version of ISO New England’s
modeling.

125150 New England. Final 2023 Heating Electrification Forecast. April 28, 2023. Available at https://www.iso-ne.com/static-
assets/documents/2023/04/heatFx2023 final.pdf.
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Synapse first project the number of heat pumps added in each state from 2023 to 2050, primarily relying
on the adoption trajectories published in the 2023 CELT forecast—as mentioned above.?® We divide
annual heat pump additions into four categories: residential space heating, residential water heating,
commercial space heating, and commercial water heating. We then subdivide space heating into partial
and whole-home systems using technology breakdowns provided by ISO New England for 2032 and
2050 and calculating values for the intermediate years through linear interpolation.*?”

Synapse translates these stock values into annual electricity demand using load and coefficient of
performance (COP) assumptions. To relate COP to temperature, we apply a regression analysis
(separately for residential space heating and commercial space heating, to create COP trendlines) based
on data from 1SO New England.'? We apply load assumptions based on end-use data for natural gas
space heating measures from NREL’s ResStock and ComStock for Massachusetts.'2? Consistent with 1SO
New England’s assumptions in the 2023 CELT forecast, we assume that partial systems have zero
electricity load when temperatures drop below 20 degrees Fahrenheit; we calculate the number of
hours when this is the case using the weather data described below. Also consistent with the 2023 CELT
forecast, we assume that whole-home systems switch from heat pump heating to electric resistance
heating when temperatures drop below 5 degrees Fahrenheit. Finally, we assume a retail to wholesale
conversion factor of 6 percent.

Figure 19 shows the resulting electrification load in each year for New England as a whole. The Synapse
estimate is 17 percent higher than ISO New England’s in 2025 and nearly identical (0.1 percent higher) in
2032, the last year that ISO New England provides energy data. Differences are due to a combination of
lower commercial heating load projections and higher residential load projections, as compared to I1SO
New England’s.

For the purposes of AESC 2024, we assume all building electrification impacts are programmatic.3°

126 Id., at slides 21, 25, 28, and 31. Note that based on Study Group feedback, we modified the trajectory for heat pump
adoption in Massachusetts by relying on near-term projections of heat-pump builds described in the high end of the ID1
and ID2 projections as summarized in the following documents: https://ma-eeac.org/wp-content/uploads/MA-EEAC-
Workshop-4-Residential-Summary-FINAL.pdf and https://ma-eeac.org/wp-content/uploads/MA-EEAC-Workshop-2-1ES-
Summary FINAL.pdf. We received feedback from Study Group members representing program administrators in Rhode
Island, Vermont, and Maine, but through discussion decided to not edit the adoption trajectories for these states or any
other states save Massachusetts.

127 Id., at slide 36 and 37.

128 4., at slide 36 and 37.

129 gee https://resstock.nrel.gov/ and https://comstock.nrel.gov/. We do not rely on ResStock and ComStock’s load shapes for
space-heating heat pumps, as we understand that these load shapes may be inappropriate to use due to low sampling and
dated COPs. Furthermore, it is possible that the heat pump load shapes do not accurately account for pre-heating activities
by users. As a result, we rely on the heating shape implied by natural gas furnaces, and we derive hourly space heating heat
pump operation based on this heating demand. We rely on ResStock and ComStock for heat pump water heating operation
due to the relative lack of data available on these technologies, their relatively low impact on total and peak loads, and
their relative independence of electricity demand to outside temperatures.

130 Note that historically, the CELT forecast has implicitly projected a small amount of heat pump load growth due to ISO New
England’s regression model.
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Figure 19. Modeled incremental building electrification load
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To forecast hourly building electrification for each end use in each state through 2050, we combine the
annual building electrification energy demand from 2023 to 2050 and hourly load profiles in EnCompass.

Counterfactuals #1 and #2 only include the building electrification installed through 2023; all other
future building electrification measures are not included. In contrast, the full set of building
electrification measures projected to be installed through 2050 are modeled in Counterfactuals #3, #4,
#5, and #6.

Transportation electrification

Over the study period of AESC 2024 (e.g., through 2050), vehicle electrification is projected to increase
demand for electricity. In CELT 2023, ISO New England developed a forecast for electric vehicle
electricity consumption.3! The CELT forecast is based on information supplied by state policies and
state agencies, federal rulemaking, and other sources. CELT 2023 includes two forecasts—a “Full
Electrification” adoption scenario and a “CELT 2023” adoption scenario. The ISO identifies the first
scenario (“Full Electrification”) as being for informational purposes only and provides less information
for it than the “CELT 2023 scenario.” Both scenarios are relatively similar, with electric vehicles

131 £or more on I1SO New England’s CELT 2023 transportation electrification forecast, see ISO New England. Final 2023
Transportation Electrification Forecast. April 28, 2023. Available at https://www.iso-ne.com/static-
assets/documents/2023/04/transfx2023 final.pdf.
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representing about 20 to 30 percent of vehicles on the road (“stock”) by the mid-2030s, and with all or
almost all vehicles being electric by the late 2040s (see Figure 20).

In its projections, ISO New England develops state-specific projections of electric vehicle stock and
associated electricity demand. These projections are developed for five different classifications of
vehicles: (1) light-duty personal vehicles, (2) light-duty fleet vehicles, (3) medium-duty delivery vehicles,
(4) school buses, and (5) transit buses. We note that this projection does not include all vehicle types
(for example, other medium-duty vehicles, heavy-duty vehicles, and non- and off-road vehicles are not
included) but does address the majority of vehicles driven in New England (in terms of number of
vehicles, fuel consumption, and emissions impacts). ISO New England’s projection considers daily
charging for each vehicle type by month; variations in charging profiles by month, vehicle type, and day-
of-week; and variations in vehicle-miles traveled and electricity consumption by vehicle type.

Using data posted publicly by ISO New England, Synapse estimates a projection of annual load
requirements for electrified vehicles and hourly load shapes. Figure 20 shows forecasts both for CELT
2023 (used in AESC 2024) as well as ISO New England’s more ambitious “Full Electrification” case. CELT
2023 provides data for load projections through 2032 only; these projections are extrapolated for each
state and vehicle type through 2050, based on the shape of the “Full Electrification” case through 2050.

Figure 20. ISO New England’s 2023 forecast for transportation electrification
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Notes: The grey line denotes the “Full Electrification” trajectory. The solid non-grey line indicates the trajectory used by ISO New
England in CELT 2023. ISO New England also provides state-specific detail, which is used in AESC 2024’s estimate for
transportation load.

Source: “Final 2023 Transportation Electrification Forecast.” April 28, 2023. Available at https://www.iso-ne.com/static-
assets/documents/2023/04/transfx2023 final.pdf. Page 10.
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Based on feedback from the Study Group, we added two vehicle types: heavy-duty “single” vehicles and
heavy-duty “combination” vehicles.'3? The vehicles within these two types are diverse in size and use
case, making it challenging to develop a sophisticated projection within the time and budget constraints
of AESC 2024. As a result, we assume the adoption of these vehicles and charging load shape follows
that of medium-duty vehicles, with adjustments made to reflect the number of heavy-duty vehicles
relative to medium-duty vehicles (heavy-duty vehicles are fewer in number), the charging requirements
of heavy-duty vehicles relative to medium-duty vehicles (heavy-duty vehicles are typically larger and
heavier, implying a greater number of kWh needed to travel a single mile), and the travel requirements
of heavy-duty vehicles relative to medium-duty vehicles (heavy-duty vehicles typically travel more miles
per year than medium-duty vehicles, suggesting an overall higher level of annual electricity
consumption).

Figure 21 illustrates the annual energy projection for electric vehicles we use in AESC 2024. By 2050,
annual energy impacts from electric vehicles approach 60 TWh, about half of ISO New England’s total
electricity demand as of the early 2020s. The figure shows 83 percent of load is attributable to personal
light-duty electric vehicles, 11 percent of load is attributable to fleet light-duty electric vehicles, and 6
percent of load attributable to other vehicle types.

Figure 21. Projected wholesale electricity consumption from electric vehicles in ISO New England for all
Counterfactuals
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Note: In both the CELT 2023 and AESC 2024 forecast, the first three vehicle categories (medium-duty delivery, school buses, and
transit buses) are disaggregated and modeled independently. They are shown as a single series on this chart only for illustrative
purposes. Likewise, both CELT 2023 and AESC 2024 model five different vehicle trajectories within each of the six states; these
are not shown in this figure.

132 Heavy-duty “single” vehicles include vehicles like dump trucks, which consist of a single chassis. In contrast, heavy-duty
“combination” vehicles are those that consist of multiple parts (like a semi cab and an associated trailer).
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Figure 22 shows the daily load profiles we use in AESC 2024 for non-holiday weekdays (separate profiles
have been created for holidays and weekends). These profiles are derived from the seasonal profiles
posted for each vehicle type by ISO New England in CELT 2023, and include some amount of home
charging, workplace charging, and public charging.33 These daily load profiles are also applied to the
monthly variations in daily charging demand aggregated by ISO New England in CELT 2023. Under these
assumptions, electric vehicles typically use less electricity in summer months than in winter months, due
to HVAC-related demand and other cold weather inefficiencies. For personal light-duty vehicles, we note
that ISO New England assumes an average daily charging demand in July that is about three-quarters the
daily charging demand in January.

The EnCompass model estimates system peak impacts dynamically based on the combination of
aggregate system load in each year, hourly load shapes, and monthly variations in demand. Our
modeling assumes static load shapes in line with those described by ISO New England in its CELT 2023
forecast. We do not incorporate any assumptions related to managed charging or time-of-use rates (see
Demand response section, above, for more information on this topic).

AESC 2024 includes the transportation electrification component in all counterfactuals. In other words,
we assume that all transportation electrification impacts are non-programmatic.

133

In AESC 2024, we only model a single load profile for each vehicle type, rather than profiles that vary by month or season.
This is due to the relative similarity in load shapes for personal light-duty vehicles and fleet light-duty vehicles assumed by
ISO New England in CELT 2023; this vehicle type has little variation in charging patterns month-to-month, and represents
the vast majority of vehicles and electricity consumption.
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Figure 22. Daily load profiles modeled in AESC 2024 for non-holiday weekdays
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Note: Separate profiles (not shown) are used for weekends and holidays. Heavy-duty vehicles utilize the daily load profile for
medium-duty vehicles.

Distributed generation

For the purposes of AESC 2024, “distributed generation” is assumed to include only distributed solar. As
with demand response and BTM storage, we model distributed generation as a supply-side resource in
the EnCompass model. Impacts from distributed generation are applied to peak demand calculations in
each counterfactual.

The 2023 CELT forecast contains a projection of BTM solar. This forecast applies material discount
factors (35 to 50 percent) to post-policy distributed PV installation to reflect uncertainty associated with
future policies and/or market conditions. This approach, which yields lower PV load reductions than
what may be realistic, is appropriate for reliable planning and operation of the system. For the purpose
of the AESC 2024 study, we used a distributed PV forecast that is more representative of expected solar
installation under existing policies and future policies (if applicable) and / or market conditions, based
on research and market analysis. For more information on the Synapse Team’s methodology for
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modeling distributed solar, including policies modeled and load profiles, see Section 4.4: Renewable
energy .

All counterfactuals include this component and there is no differentiation between programmatic or
non-programmatic components.

Other load components not modeled in AESC 2024

There are other emerging DSM programs (see Table 43) that may be modeled using the 8,760 avoided
cost values. As in AESC 2021, these resources are not modeled in any AESC 2024 counterfactuals.
Likewise, AESC 2024 does not currently assume any quantity of industrial electrification other than that
related to HVAC or water heating.

Table 43. Current status of emerging DSM technologies

Technology Other Components or Considerations

Conservation The traditional avoided costs streams may be applied for CVR programs. CVR occurs in front of the
Voltage customer meter. Some feeders, such as those with high motor load, may not be appropriate for CVR.
Reduction (CVR)  CVR factors for feeders would need to be quantified. Utilities must maintain service quality
requirements, which may limit applicability. Distribution planning personnel from program
administrators should weigh in on the matter.
Volt-Var Control  The traditional avoided costs streams may be applied for VVO programs. VVO occurs in front of the
(VvO) customer meter. Hourly data for real and reactive power will determine hourly line losses, and the
difference between baseline and impact losses yields energy savings.
Distribution planning personnel from program administrators should weigh in on the matter.

Energy losses

Electric systems incur energy losses when delivering power from power plants to customers’ sites
through T&D wires. We develop T&D losses in AESC 2024 for two main reasons:

e First, the development of certain categories of load forecast components requires the
conversion between retail electricity consumption and wholesale electricity impacts. In
this case, T&D losses are inputs into the avoided costs.

e Second, readers of AESC 2024 may wish to apply a T&D loss factor to convert the
wholesale avoided costs calculated in AESC into retail avoided costs. In this case, T&D
loss factors are applied to modeling outputs.

The following section primarily addresses the development of T&D losses under the first category, as it
is our understanding that each program administrator calculates and applies a T&D loss factor (or uses a
T&D loss factor based on state precedent). However, readers may wish to review the following section
to help inform their selection of loss factors. We note that the selection of T&D loss factors is unchanged
from the AESC 2021 study.
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Marginal loss factors

Multiple factors affect the amount of energy loss, including resistance in wires, system utilization rates,
and weather conditions. Energy losses are generally higher when loads are higher and significantly
higher during peak periods because resistive losses in wires increase with the square of the load (loss
power = I2R). This means that line losses for incremental loads (marginal losses) that would be avoided
by DSM programs are likely higher than average line losses. On the other hand, a certain amount of loss,
ranging from 20 percent to 30 percent of the entire loss, are “no-load losses” that do not increase with
the square of the current, unlike resistive losses. These losses incur to energize the system (i.e., create a
voltage available to serve a load).’3* This means that the influence of resistive losses is greater at higher
load levels because the impact of the no-load losses is fixed and relatively smaller at higher load levels.

A 2011 Regulatory Assistant Project (RAP) paper, “Valuing the Contribution of Energy Efficiency to
Avoided Marginal Line Losses and Reserve Requirements,” discusses line loss factors in detail. This paper
presents an example of line loss factors and demonstrates how marginal and average losses vary at
different system load levels, as shown in Figure 23. This figure shows that the increases in marginal
losses are greater than the increases in average losses as the system load levels increase. For example,
when the system is loaded at 50 percent of the capacity, average and marginal losses are approximately
6 percent and 8 percent respectively. And when the load is near its capacity, average and marginal
losses are approximately 12 percent and 20 percent respectively.

Figure 23. Average and marginal line loss factors from Lazar and Baldwin
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Source: Reproduced from Figure 4 in “Valuing the Contribution of Energy Efficiency to Avoided Marginal Line Losses and Reserve
Requirements.” (2011) Regulatory Assistance Project (RAP). Available at https://www.raponline.org/wp-
content/uploads/2016/05/rap-lazar-eeandlinelosses-2011-08-17.pdf.

134 Regulatory Assistant Project. 2011. Valuing the Contribution of Energy Efficiency to Avoided Marginal Line Losses and
Reserve Requirements. Available at http://www.raponline.org/wp-content/uploads/2016/05/rap-lazar-eeandlinelosses-
2011-08-17.pdf.
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To accurately estimate annual average marginal losses, we need to know detailed load data and system
utilization rates for each hour of a year. However, details on system utilization rates are not readily
available for ISO New England. The RAP paper suggests a rule of thumb value that marginal losses are
about 1.5 times average losses. Thus, we use a factor of 1.5 to convert annual average line losses to
marginal line losses. This value is also the value recommended by some stakeholders, including one local
utility, in New Jersey and recently adopted by New Jersey Board of Public Utilities for establishing the
New Jersey Cost Test.!3> In AESC 2024, we apply a marginal loss factor to any incremental load added in
a given year; all other portions of the load (i.e., the quantity that is less than or equal to the total load in
the previous year) utilize an average loss factor. We use an average loss factor of 6 percent and a
marginal loss factor of 9 percent (calculated by multiplying 6 percent by 1.5).13¢

For estimating marginal losses associated with capacity, we would need to know the system utilization
factor at peak hours, or in other words, the degree to which the T&D system is stressed. While the
utilization rates at the peak hours are by definition higher than the average rate for an entire year,
detailed data for system utilization rates for the entire ISO New England grid for peak hours is not
readily available. Thus, we rely on a larger factor than used for annual energy. Based on the data in
Figure 23, factors for marginal losses over average losses range from 1.4 at a 50 percent system
utilization factor to 2.6 at a 92 percent system utilization factor. Based on this range, we rely on a simple
factor of 2.0. For the purposes of calculating the wholesale impact of load components (see above), we
apply a marginal loss factor of 16 percent (calculated by multiplying 8 percent by a factor of 2.0) and an
average loss factor of 8 percent to any existing demand (e.g., the quantity of demand in a year that is
equal to or less than the previous year’s demand).3’

For more on applying energy losses to wholesale avoided costs, see Appendix B: Detailed Electric
Outputs.

Aggregate impacts

This section describes the aggregate impacts of the above load components, both in terms of annual
load impacts and seasonal peak demand.

Annual load impacts

Figure 24 and Figure 25 show the aggregate annual impacts on load from all load components for
Counterfactual #1 and Counterfactual #5, respectively. Counterfactual #1 (which includes transportation

135 New Jersey Board of Public Utilities. 2020. Order Adopting the First New Jersey Cost Test. Docket No. Q019010040 and
Q020060389.

136 Note that 6 percent is the average T&D loss factor assumed by ISO New England for its long-term energy forecast.

ISO New England. April 28, 2923. Final 2023 Heating Electrification Forecast. Slide 41. Available at https://www.iso-
ne.com/static-assets/documents/2023/04/heatFx2023 final.pdf.

137 see 150 New England Market Rules, Section 111.13.1.4.1.1.6.(a).
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electrification and non-programmatic BTM storage and demand response but does not include any new
energy efficiency or building electrification built after 2023) reaches load levels of about 220 TWh by
2050. This is roughly a 75 percent increase in load, relative to today. Most of this increase in load is a
result of transportation electrification. In comparison, Counterfactual #5 (which also includes
transportation electrification, as well as new energy efficiency, building electrification measures, and
both programmatic and non-programmatic BTM storage and demand response resources) reaches load
levels of about 240 TWh by 2050. This is about a doubling in load, relative to today. In this
counterfactual, about half of the load increase is attributable to transportation electrification and half of
the load increase is attributable to building electrification.

Figure 24. Aggregate load impacts, Counterfactual #1
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Figure 25. Aggregate load impacts, Counterfactuals #4, #5, #6
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Note: This figure does not account for demand impacts related to storage.

Peak demand forecasts and capacity requirements

Synapse calculates coincident winter and summer peak demand dynamically within the EnCompass
model. We apply hourly load shapes for each of the load components (conventional load, energy
efficiency, transportation, and so on) to annual projections of load for each component and for each
region. We then sum the resulting hourly loads for each component and each region, with the regional,
coincident winter, and summer peaks identified endogenously by the model and then used for capacity
market calculations. Figure 26 shows the resultant seasonal peaks for summer months (June through
September, inclusive) and winter months (all eight other months) in Counterfactual #1 and #5.138

In Counterfactual #1, which does not include any new DERs installed after 2023 but does include
demand growth from conventional load and vehicle electrification, coincident summer peak demand is
projected to increase by about 57 percent, while coincident winter peak is projected to increase by
about 98 percent. This leads to a 2050 where coincident winter peak approaches but does not surpass
summer peak, with a 2050 winter peak just 5 percent lower than the 2050 summer peak.

Counterfactual #2, which is the same as Counterfactual #1 except for the inclusion of programmatic
energy efficiency, sees summer peaks increasing by 46 percent and winter peaks increasing by 88
percent.!3? In this counterfactual, the 2050 winter peak just 3 percent lower than the 2050 summer
peak.

138 Note that peaks (exclusive of demand response and storage) for Counterfactuals #4, #5, and #6 are identical.

139 This scenario also includes programmatic behind-the-meter storage and demand response. However, as modeled in
EnCompass, these resources do not affect the demand-side peaks.
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Meanwhile, in Counterfactual #5, which features new deployment of all programmatic DER types
throughout the study period, along with load growth from conventional load and vehicle electrification,
coincident winter peak demand surpasses coincident summer peak demand in 2036. By 2050, winter
peak demand is 164 percent higher than in 2024. Summer peak demand increases are similar to
Counterfactual #1, with increases of about 49 percent from 2024 through 2050.

Counterfactual #3 is similar to Counterfactual #5 in that it includes deployment of programmatic
building electrification measures. However, it does not include programmatic energy efficiency
measures. As a result, by 2050, winter peak demand is 175 percent higher than in 2024, and summer
peak demand is 60 percent higher than in 2024.

We note that seasonal peak demand increases in all modeled counterfactuals are not smooth. Instead,
peak demand is observed to increase (and in rare cases decrease) in ways that appear discontinuous
relative to neighboring years. This is a result of each of the load components modeled in AESC increasing
at different rates, in different parts of the region. This difference in rate-of-increase leads to shifts in
when the peak demand may occur within each season, which can lead to discontinuous-looking results
in terms of year-on-year peak demand changes. Because of this, counterfactuals with fewer modeled
load components (like Counterfactual #1) generally feature smoother increases in seasonal peak
demand than counterfactuals with many different modeled load components. Because we conduct our
modeling with full optimization, we do not expect these shifts in total peak demand to have a significant
impact on resource builds.

Figure 26. Seasonal peak demand forecasts for ISO New England in Counterfactual #1 and Counterfactual #5
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Note: Peak demand projections for other counterfactuals can be found in the AESC 2024 User Interface Excel workbooks.

The load forecast in one year is used in the FCA early in the next year to set the installed-capacity
requirement for the capacity period starting three years after that. For example, under the current
capacity market structure, the peak forecast for the summer of 2024 (released in May 2023) will be used
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to set the installed-capacity requirement for FCA 18 (held in February 2024) which sets the capacity
obligations and prices for the period June 2027 to May 2028. Under our future conceptualization of the
capacity market (starting in June 2028), we model a change to a prompt market where projections of
demand for a particular year are forecasted only one year in advance of the delivery year. We note that
because our models do not differentiate between prompt markets and three-year-ahead markets, there
is no functional difference in terms of how projections of peak demand are used as an input to
estimating avoided capacity costs in AESC 2024. For more information on how forecasted demand
impacts the capacity market, see Chapter 5: Avoided Capacity Costs.

4.4. Renewable energy assumptions

This section contains additional information on renewable energy capacity factors and offshore wind
interconnections. Most other assumptions relating to renewable energy are described in Chapter 7.
Avoided Cost of Compliance with Renewable Portfolio Standards and Related Clean Energy Policies.

Renewable energy capacity factors

We used data from ISO New England’s 2022 New England Variable Energy Data series to create
renewable dispatch shapes.'9 This dataset includes modeled hourly historical wind and solar generation
for 2000 to 2021. For our core energy modeling, we used the renewable dispatch data from 2002 to be
consistent with our load shape weather year. We then scaled these 2002 dispatch shapes to match the
annual capacity factors used in SEA’s REMO model to ensure our annual renewable energy generation
was consistent with the REMO assumptions. For the stochastic capacity modeling (described below in
Chapter 5: Avoided Capacity Costs), we used the same ISO New England dataset to create similar
dispatch shapes for 2000 to 2021.

Offshore wind interconnection

The REMO Model provides information on projected offshore wind capacity and generation but does
not specify where these facilities interconnect with New England’s electric grid. For southern New
England, we assume that offshore wind built in southern New England is built in the U.S. Bureau of
Ocean Energy Management’s designated lease zones (see Figure 27). We note there is ongoing
discussion on where these offshore wind facilities will interconnect, including an ongoing multistate
effort to comprehensively plan for these new resources.'*! Options for interconnection include locations
on or near Cape Cod; New London, Montville, or Bridgeport, CT; Quonset, RI; Brayton Point, MA; orin
the Greater Boston region. In order to minimize price anomalies, we distribute the offshore wind
interconnection points throughout southern New England. Although there is uncertainty about which
interconnection points will be used, to what degree, and when, we rely on a simplified “cycling”

140 gee 150 New England. 2022 ISO-NE Variable Energy Resource (VER) Data Series (2000-2021) Rev. 0. May 11, 2022. available
at https://www.iso-ne.com/static-assets/documents/2022/05/2022 isone ver_dataset 2000 2021 rev0.zip.

141 5o “New England Energy Vision” materials, available at https://newenglandenergyvision.com/.
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methodology to allocate the offshore wind throughout various modeling zones. Using 1200-MW blocks,
we change the interconnection point of offshore wind projects as they are built, moving from Phase |, to
Phase 2, to Phase 3 (as described in Figure 27), and repeating this cycle as necessary. This results in
offshore wind becoming roughly evenly distributed across four different EnCompass modeling zones.

We apply a similar approach to offshore wind being deployed in southeastern Maine. Less information is
currently available on points of interconnection for offshore wind projects likely to be deployed in the
Gulf of Maine. Based on information in a July 2023 NREL study, we assume these projects are
interconnected at points in Southeastern Maine (e.g., Yarmouth), New Hampshire (e.g., Seabrook), and
metro Boston (e.g., Cape Ann or Boston itself). This results in offshore wind becoming roughly evenly
distributed across three different EnCompass modeling zones. We note that in all counterfactuals,
substantial quantities of offshore wind are not built in Maine until the late 2030s, minimizing the impact
these assumptions have on near-term avoided costs.

We note that because the offshore wind costs being modeled include an average, incremental
transmission cost (as opposed to a location-specific transmission cost, or a transmission cost based on a
strategic regional approach to interconnection), our “cycling” approach may overestimate the cost of
some offshore wind projects and underestimate the costs for other projects.
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Figure 27. Bureau of Ocean Energy Management lease zones in southern New England and potential
interconnection points
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4.5. Anticipated non-renewable resource additions and retirements

The following section highlights key input assumptions regarding retirements of existing units as well as
anticipated additions of new generating units. This section is not meant to be a comprehensive census
of all existing generators; instead, it is meant to provide an overview of the significant changes to non-
renewable capacity expected to occur during the analysis period.1#2

Note that plant additions and retirements may be affected by federal policies, including the IRA and U.S.
EPA’s proposed regulations under Section 111 of the Clean Air Act. For more on these expected impacts,
see below text (where relevant) and Section 4.8: Embedded emissions regulations.

In addition, all existing resources will be eligible to endogenously retire starting on June 1, 2028, the
start of the FCA-18 commitment period.

Nuclear units

There are two remaining nuclear plants in New England: Seabrook (located in New Hampshire) and
Millstone (located in Connecticut). Seabrook has one unit, and Millstone has two (see Table 44). None of
the three units have announced a retirement date. In the recent past, the Nuclear Regulatory
Commission (NRC) relicensed Pilgrim 1 (previously located in Massachusetts and retired in May 2019),
Millstone 2, and Millstone 3—along with many other reactors outside New England—without denying a
single extension.'*® Furthermore, we note that the IRA includes zero-emission production tax credits for
nuclear plants. Although this financial support expires in 2032 under the current text of the IRA, it is
indicative of the broad federal support for existing nuclear plants in the United States. Based on this
track record and the lack of evidence suggesting that the NRC would deny license renewals for any of
these plants, we assume that all three nuclear units continue to operate throughout the entire modeling
period.}#*

Table 44. Nuclear unit detail

. Announced Current License Assumed operational
State Capacity (MW) Retirement Date Expiration Date through Dec 2050?
Seabrook 1 NH 1,242.0 None March 2050 Yes
Millstone 2 CcT 909.9 None July 2035 Yes
Millstone 3 CcT 1,253.0 None November 2045 Yes

142 Note that we are not proposing to include any incremental demand response resources in our analysis, in line with our

assumptions for conventional energy efficiency resources.

143 NEI. “Nuclear Energy in the U.S.” Nei.org. Available at https://www.nei.org/resources/statistics.
144

These assumptions are consistent with those assumed by ISO New England in its 2019 Regional System Plan (see
https://www.iso-ne.com/static-assets/documents/2019/10/rsp19 final.docx, page 152), with the addition of an assumed
license extension for Seabrook 1. These assumptions do not appear to have been modified in more recent editions of the
Regional System Plan (see https://www.iso-ne.com/system-planning/system-plans-studies/rsp).
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We do not model any incremental nuclear unit additions during the study period.

Coal units

As of September 2023, there are two coal units operating in New England, both located at the
Merrimack power plant (see Table 45). Other recently retired plants include Bridgeport Station 3 (retired
June 2021), Brayton Point (retired June 2017), Mount Tom (retired June 2014), Salem Harbor (retired
June 2014), and Schiller (retired July 2020).

The Merrimack power plant consists of two coal-fired units, and two 19-MW gas-fired combustion
turbines. The two coal units at Merrimack were built in 1960 and 1968. Both Merrimack coal units
feature a wet fluidized gas desulphurization (FGD) system to control for sulfur dioxide (SO.), a selective
catalytic reduction (SCR) system to control for nitrogen oxide (NOx), and an electrostatic precipitator
(ESP) to control for particulate matter. In 2021, Merrimack’s two coal units operated with an aggregate
capacity factor of 7 percent. All four Merrimack units have capacity commitments through FCA-16 (i.e.,
through May 31, 2026), but not in FCA-17. Given this change in obligation, we assume that both
Merrimack 1 and 2 retire on May 31, 2026, while the other two (gas-fired) Merrimack units continue to
be operational throughout the analysis period.

Table 45. Coal unit detail

Announced Modeled
Capacity (MW) ) Retirement
Retirement Date
Date
Merrimack 1 NH 113.6 None May 2026
Merrimack 2 NH 345.6 None May 2026

We do not model any incremental coal unit additions during the study period.

Natural gas and oil units

Throughout the study period, we assume over 77 MW of new capacity additions from natural gas or oil
resources. Table 46 lists the units added exogenously during the study period. Data on capacities and
online dates are from EIA’s Form 860 and the FCM. These resources are assumed to be primarily
natural-gas-fired.

Table 46. Incremental natural gas and oil additions
Modeled Online

Unit State Capacity (MW) Date Unit Type
Hartford Hospital Cogeneration 5 CcT 5.5 Jan 2026 Combined Cycle
Hartford Hospital Cogeneration 6 CcT 5.5 Jun 2026 Combu.stlon
Turbine
MMWEC Simple Cycle Gas Turbine MA 65 Jun 2023 Combustion
Turbine
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In addition, there are a number of major natural gas- and oil-fired units which are assumed to retire

during the study period (see Table 47). Unit retirements are based on announcements by the unit

owners. We do not assume any additional exogenous natural gas- or oil-fired unit retirements beyond

those detailed in this table.

Table 47. Major natural gas and oil retirements

Announced /

State Capacity (MW) Modeled Unit Type
Retirement Date
Mystic Generating Station Combined
GT81 MA 278.6 June 2024 cycle
Mystic Generating Station Combined
GT82 MA 278.6 June 2024 Cycle
Mystic Generating Station Combined
GT93 MA 278.6 June 2024 Cycle
Mystic Generating Station Combined
GT94 MA 278.6 June 2024 Cycle
Mystic Generating Station Combined
MA 15. 2024
ST85 315.0 June 20 Cycle
Mystic Generating Station Combined
ST96 MA 315.0 June 2024 Cycle
Cape Gas Turbine GT4 MA 17.5 May 2026 Combustion
Turbine
Cape Gas Turbine GT5 MA 17.5 May 2026 Combustion
Turbine
William F Wyman Hybrid Steam
(Yarmouth) 3 ME 1136 May 2027 Turbine
William F Wyman Hybrid Steam
(Yarmouth) 4 ME 6324 May 2027 Turbine
. Steam
Middletown 2 CT 113.6 May 2027 .
Turbine
. Steam
Middletown 4 CcT 414.9 May 2027 .
Turbine
. Steam
Middletown 10 CcT 18.5 June 2023 .
Turbine
Maine Independence Combined
Station GEN1 ME 177.8 June 2023 Gyl
Maine Independence Combined
ME 177. 202
Station GEN2 8 June 2023 Cycle
Maine Independence Combined
Station GEN3 ME 194.6 June 2023 Cycle
Steam
Norden #2 CcT 2 May 2026 .
Turbine
Steam
Norden #3 CT 2 May 2026 .
Turbine

FCAl6
Obligation
through May
2026
FCA16 oblig
through May
2026
FCA17 oblig.
Through May
2027
FCA17 oblig.
Through May
2027
FCA oblig.
through May
2027
FCA oblig.
through May
2027
No FCA oblig. in
Jun 2023
No FCA oblig. in
Jun 2023
No FCA oblig. in
Jun 2023
No FCA oblig. in
Jun 2023
FCA16 oblig
through May
2026
FCA16 oblig
through May
2026
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Large-scale battery storage resources

Table 48 identifies the battery storage resources assumed to be added during the study period. This list
includes over 730 MW of new battery storage. These resources are in addition to the BTM storage
resources described above in Section 4.3: New England system demand and energy components. Data
on capacities and online dates are from EIA’s Form 860 and the resources with obligations in the
forward capacity market.

Table 48. New battery storage additions

_ capaCity (MW) OI:ll:iondeelDeadte o Type soues

Outer Cape Community Battery MA 25 Dec 2022 Battery EIA 860
Syncarpha Hybrid CSGs* MA 9 2021, 2022** Battery EIA 860
AES Distributed Energy Projects* MA 35.8 2021,2022** Battery EIA 860
Ocean State BTM RI 3 Jun 2022 Battery EIA 860
Other ISO-NE < 5 MW Projects* MA 90.2 2021, 2022 Battery EIA 860
Rumford ESS ME 4.9 Jun 2021 Battery FCA
Medway Grid, LLC MA 250 Jun 2026 Battery FCA
Cross Town Energy ME 175 Jun 2026 Battery FCA
Cranberry Point Battery Storage MA 150 Jun 2026 Battery FCA
Great Lakes Millinocket ME 20 Jun 2026 Battery FCA

Other resources

Note that our analysis also includes several other existing resources not discussed in the above sections.
These include conventional hydroelectric resources, pumped-storage hydroelectric resources, and other
natural-gas-fired and oil-fired resources that are not assumed to exogenously retire during the study
period.

Other resources (e.g., biomass, wind) may have specific retirement dates.'*> These retirements and
additions are accounted for in Section 4.4: Renewable energy .

145

These retirements include Pinetree Power (MA) in June 2022.
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Generic non-renewable resource additions

In addition to known and anticipated capacity additions, we allow the EnCompass model to construct
generic unit additions of the types represented in Table 49 if there is a peak demand need. EPA recently
announced its proposed Greenhouse Gas Standards and Guidelines for Fossil Fuel-Fired Power Plants,
which is discussed in greater depth below in Section 4.8: Embedded emissions regulations. We assume
all new fossil units will be compliant with this rule. As a result, some of the operational parameters (e.g.,
fuel blends and capacity factors caps) are significantly different compared to the 2021 AESC Study. Table
50 outlines the compliance options for new gas plants that we were modeled, along with the retrofit
costs and incremental operational costs associated with the given retrofits. The base costs (capex, fixed
and variable O&M, and heat rates) are similar though. Note that there are two types of each generic gas
addition: one type that is built in Massachusetts load zones (and therefore subject to Mass DEP 310
CMR 7.74) and one type that is built in any of the other New England load zones.'*® Our analysis does
not take permitting into account for these endogenous builds; resources are built purely according to
least-cost economics of the electricity system.

Table 49. Operational characteristics of generic conventional resources assumed in the EnCompass model

Natural gas-fired
combustion Battery Storage

Natural gas-fired

Long-Duration

combined cycle turbine Storage
Maximum size MW 702 237 10 100
Minimum size MW 225 120 - -
Heat rate Btu/kWh 6,360 9,720 - -
Variable O&M
2024 S/MWh 2.1 .27 - -
costs DR S s e
F'Xigs?s&M 2024 $/kW-yr $33.40 $26.29 $40 $18
Unabated CO, Ib/MMBtu 119 119 ; -
emissions rate
Duration hours - - 4,6and 8 50
Round Trip % ; : 85% 50%
Efficiency
Capital costs
(exclusive of any 2024 S/kW $1,347 - $1,096 $1,214 - $984 $2,695 - $934 $2,269
retrofits)

Note: Each type of generic fossil resource may be fueled either with natural gas or fuel oil. Range of capital costs represents
2027-2050 cost trajectory and range of durations for battery storage.

Source: NREL’s 2023 ATB; “Clean, Reliable, Affordable: The Value of Multi-Day Storage in New England.” Form Energy.
September 2023. Available at https.//formenergy.com/wp-content/uploads/2023/09/Form-I1SO-New-England-whitepaper-

09.27.23.pdf.

146

More information on this environmental regulation can be found in the subsequent section on electricity commodities.
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Table 50. Compliance pathways and associated costs for new gas units under EPA’s proposed Greenhouse Gas
Standards and Guidelines for Fossil Fuel-Fired Power Plants

System Resource Type Fuel Blend Capacity Carbon Capture  Retrofit Cost Incremental
Contribution Factor . and _ (2024 $/kW) O&M costs
Constraint Sequestration
(CCS) (2024 3)
Peaker Combined Cycle Only ever burns 20% No none none
natural gas
Combustion Only ever burns 20% No none none
Turbine natural gas
Intermediate Combined Cycle Natural gas 50% No none none
through 2031,
30% hydrogen
blend (by
volume) in 2032
onward
Combustion Natural gas 50% No none none
Turbine through 2031,
30% hydrogen
blend (by
volume) in 2032
onward
Baseload Combined Cycle Natural gas No limit No $304 none
through 2031,
30% hydrogen
blend (by
volume) from
2032-2037, 96%
hydrogen blend
in 2038 onward
Combined Cycle Natural Gas No limit 90% CCS $1,240 FOM:
requirement $17/kW-yr
starting in 2038.
Parasitic load is VOM:
$19/MWh

modeled.

Note: Assumes 25% base capex to retrofit facility.

Sources: Oberg, Simon, Mikael Odenberger, and Filip Johnsson. 2020. "Exploring the competitiveness of hydrogen-fueled gas
turbines in future energy systems." International Journal of Hydrogen Energy; Capital Cost and Performance Characteristic
Estimates for Utility Scale Electric Power Generating Technologies, Sargent and Lundy.

4.6. Transmission, imports, and exports

This section describes the existing, under construction, and planned intra-regional transmission modeled
in the AESC 2024 study. It also describes our assumptions on new transmission between New England
and other adjacent balancing authorities, and how we model imports over these inter-regional
transmission lines in the analysis.
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Intra-regional transmission

The interface limits used in the AESC 2024 study reflect both the existing system and the ongoing
transmission upgrades discussed in ISO New England’s Regional System Plan.?4’ The transmission paths
that link each of the 13 modeled regions in New England are based on transmission limits published by
ISO New England (see Table 51).148

Table 51. Group transmission limits

Transmission Limit | Path A to B (MW) B to A (MW)

NE East-West NE Massachusetts Central - NE Massachusetts West 3,500 3,000
NE New Hampshire - NE Vermont

NE Rhode Island - NE Connecticut Northeast
NE North-South NE New Hampshire - NE Boston 2,725 2,725
NE New Hampshire - NE Massachusetts Central
NE Vermont - NE Massachusetts West

Hydro Quebec - NE Massachusetts Central
NE SEMA/RI NE Massachusetts Southeast - NE Boston 1,800 3,400
NE Rhode Island - NE Boston

NE Rhode Island - NE Connecticut Northeast
NE Rhode Island - NE Massachusetts Central
NE Southeast NE New Hampshire - NE Boston 5,150
NE Massachusetts Central - NE Boston

NE Rhode Island - NE Connecticut Northeast
NE Rhode Island - NE Massachusetts Central
NE SW CT NY K Long Island - NE Norwalk Stamford 2,800
NE Connecticut Northeast - NE Connecticut

Southwest
NE Connecticut NE Connecticut Northeast - NY K Long Island 3,400 3,400
NY K Long Island - NE Norwalk Stamford

NE Massachusetts West - NE Connecticut Northeast
NE Rhode Island - NE Connecticut Northeast

NY G Hudson Valley - NE Connecticut Northeast

Note: Internal transmission limits are based on ISO New England’s published Transmission Transfer Zone Capabilities for FCA 18
in https://www.iso-ne.com/static-assets/documents/2023/03/a08 fca 18 transmission transfer capability and
capacity zone development.pptx, slide 8.

147

Regional System Plan documents can be found on ISO New England’s website at https://www.iso-ne.com/system-
planning/system-plans-studies/rsp.

148 Note that recent analysis by ISO New England that examines large amounts of renewable construction has found that,
depending on where and how much renewable capacity is built, at a certain point, additional transmission capacity is
required to facilitate the movement of renewable generation in northern New England (i.e., areas with favorable wind
capacity factors) to southern New England (i.e., areas of high customer load). In response to this, AESC 2024 models one
new 1200 MW transmission line between Maine West Central and Massachusetts Central beginning in 2030. The
transmission line is intended to help limit issues of curtailment in Maine. For more information, see ISO New England. 2050
Transmission Study Draft Report. November 1, 2023. Available at https://www.iso-ne.com/static-
assets/documents/100005/2023 11 01 pac 2050 transmission study draft.docx.
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Inter-regional transmission

In addition, we model transmission between subregions of New England and adjacent balancing
authorities in New York, Québec, and New Brunswick. As with intra-regional transmission, transmission
lines between these regions are typically grouped into aggregate links with aggregate transfer
capacities. We model and export quantities between New England and adjacent balancing areas on an
hourly basis, with an 8760-shape based on averages of recent historical quantities. Synapse calibrated
transfers on these lines such that transfers modeled in historical years resemble actual historical
transfers.

In addition, we model an incremental 1,200 MW transmission line from Québec to southeast Maine, per
the topology of the New England Clean Energy Connect (NECEC) project.'*? This line is modeled as
providing 9.45 TWh per year. This transmission line represents compliance with Massachusetts’ 2017
Act to Promote Energy Diversity, and the associated long-term contracts signed per that legislation. Per
the latest data available, we assume this line will instead be energized on January 1, 2027. Because this
cost is assumed to be unavoidable to Massachusetts ratepayers, we do not develop or incorporate a
price for this resource at this time. See Section 7.1: Assumptions and methodology for more information
about this assumption.

4.7. Operating unit characteristics

Under the production-cost modeling framework, EnCompass represents the detailed operations of
individual generating units. This representation includes detail on following operational characteristics
for dispatch data:

e Unit type (steam-cycle, combined-cycle, simple-cycle, cogeneration, etc.)

e Fuel type (including dual-fuel capabilities, startup fuel usage, and fuel delivery point or
basin of origin)

e Heat rate values and curve

e Seasonal capacity ratings (maximum and minimum)
e Variable O&M costs

e Commitment bid adders and multipliers

e Forced outage rates and planned outage rates and schedules

149 see the New England Clean Energy Connect website at https://www.necleanenergyconnect.org/ for more information. Our
analysis does not currently make any assumptions regarding the construction of the proposed Twin States Energy Link
project (https://www.twinstatescleanenergylink.com/) or any other transmission projection conceived to increase
connections between ISO New England and adjacent balancing authorities.
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e  Minimum up and down times, including maximum hours for warm and hot start
scenarios

e Quick start, regulation, and spinning reserves capabilities

e Startup costs

e Ramp rates

e CO; emission rates

e Seasonal and/or hourly capacity factor profiles for hydro, wind, and solar resources
e Acceptable curtailment levels for hydro, wind, and solar resources

e Storage charge and discharge rates (in MW), maximum energy-stored levels (in MWh),
and payback rates for pumped hydropower and battery storage

The model uses unit operational restraints (for example, minimum up times and ramp rates) to simulate
unit commitment for hourly, chronological model runs. During unit operations, units incur costs based
on fuel usage, variable O&M costs, and emission costs. Operational units also receive revenue based on
their provision of grid services, including energy, regulation, and reserve services. Every model run
produces an estimate of each unit’s profitability given a dispatch pattern optimized to produce the
lowest overall electric system costs for the region. O&M costs for existing conventional generation are
based on unit-specific data contained in EnCompass.

4.8. Embedded emissions regulations

This section contains detail on the emission regulations embedded in the electric commodity forecast.

The Regional Greenhouse Gas Initiative

All six New England states are founding members of RGGI. Under the current program design, the six
states (along with New York, Maryland, Delaware, New Jersey, and Virginia) conduct four auctions each
year in which CO; allowances are sold to emitters and other entities.

In August 2017, the RGGI states announced a set of proposed program changes for 2021 through
2030.2°° Under this extended program design, the RGGI states are set to continue reducing CO,
emissions through 2030, eventually achieving a CO; emissions level 30 percent below 2020 levels. This
program design also put forth a number of changes to the “Cost Containment Reserve” (a mechanism
that allows for the release of more allowances in an auction if the price exceeds a certain threshold) and
the creation of an “Emissions Containment Reserve” (a mechanism which withholds a number of

150 £or more information on the proposed program review, see https://www.rggi.org/program-overview-and-design/program-
review.
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available allowances if the allowance price remains below a certain threshold). Together, these triggers
effectively act as a floor and ceiling on RGGI prices.’®> 152 The RGGI states are currently conducting a
Third Program Review, which will likely set cost containment reserve (CCR) and emissions containment
reserve (ECR) caps between 2031 and 2040 and may make other adjustments to the caps for 2026 to
2030.1>3

In addition, the RGGI region has been expanding and changing in recent years. The first new state to join
RGGI was New Jersey in January 2020 (rejoining the program after leaving it in 2012).1>* Later in 2020,
Virginia finalized its rulemaking to join RGGI, effective January 1, 2021.2°° Then in June 2023, the Virginia
Air Pollution Control Board voted to withdraw the state from RGGI at the end of the year, with
environmental groups challenging the Board’s authority to make this decision.'*® Pennsylvania started
the process of joining RGGI in 2019 and finalized its rulemaking in April 2022. However, Pennsylvania has
yet to participate in any RGGI auctions, and its role in RGGI remains uncertain due to ongoing legal
challenges.*’

Figure 28 displays the recent prices for RGGI allowances from auctions in 2010 through 2023. This figure
also shows the prices associated with the ECR and CCR. Although two states (Maine and New
Hampshire) do not use the ECR (the floor price), emissions from these two states make up a small
fraction of RGGI-wide emissions and are unlikely to have a substantial effect on the price. Prices lower
than the ECR are possible in situations where the full ECR (e.g., 10 percent of the allowances sold in any
given auction) is withheld and there is still not enough demand at the trigger price for the remaining
allowances. If only some of the ECR needs to be withheld, then the price will match the ECR trigger
price.

151 The true floor price is the minimum reserve price, which is lower than the ECR price.

152 Regional Greenhouse Gas Initiative. December 19, 2017. “RGGI 2016 Program Review: Principles to Accompany Model Rule

Amendments”. RGGl.org. Available at rggi.org/sites/default/files/Uploads/Program-Review/12-19-
2017/Principles Accompanying Model Rule.pdf.

153 Regional Greenhouse Gas Initiative. Last accessed August 8, 2023. “Program Review.” RGGl.org. Available at:
https://www.rggi.org/program-overview-and-design/program-review.

154 New Jersey Department of Environmental Protection. Last accessed August 21, 2023. “Regional Greenhouse Gas Initiative.”
state.ny.us. Available at https://www.state.nj.us/dep/ages/rggi.html.

155 Virginia Department of Environmental Quality. Last accessed August 21, 2023. “Carbon Trading.” Deq.virginia.gov. Available
at https://www.deq.virginia.gov/our-programs/air/greenhouse-gases/carbon-trading.

156 southern Environmental Law Center. August 21, 2023. “We’re suing to hold the line on Virginia’s climate progress”.
Available at: https://www.southernenvironment.org/news/were-suing-to-hold-the-line-on-virginias-climate-progress/.

157

Pennsylvania Department of Environmental Protection. Last accessed August 21, 2023. “Regional Greenhouse Gas
Initiative.” Dep.pa.gov. Available at https://www.dep.pa.gov/Citizens/climate/Pages/RGGl.aspx. See also the recent PA
Supreme Court decision, which is under appeal (Huangpu, Kate. “Pa. court strikes down a key climate program, but
environmentalists expect an appeal.” Spotlight PA. November 1, 2023. Available at
https://www.spotlightpa.org/news/2023/11/regional-greenhouse-gas-rggi-struck-down-pennsylvania-climate-change-

fossil-energy/.
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Because the RGGI region includes states not modeled in the AESC 2024 study (New York, Delaware,
Maryland, New Jersey, Virginia, and Pennsylvania) and is in fact dominated by emissions outside of New
England (see Figure 29)—even in a future where Virigina and Pennsylvania withdraw from the
program—we model the effects of RGGI as an exogenous price rather than a strict cap on emissions. The
RGGI price modeled in AESC 2024 is based on historical prices through 2023, an average of historical
prices and the ECR trigger price in 2024, and then a trajectory extending the ECR through 2050. This
trajectory reflects a future in which reductions in the RGGI cap are continued after the current
compliance period ends in 2030. A modeling report from the University of Pennsylvania’s Kleinman
Center and Resources from the Future also forecasts 2030 RGGI prices at the ECR price (without
Pennsylvania).'>® The report attributes recent high historical RGGI prices to the increase in gas prices,
expected to return to previous forecasts by 2025, as well as temporary investor behavior. We observe
that prices published as part of RGGI’s Third Program Review in September 2023 vary widely according
to the scenario being considered.*> Although none of the scenarios modeled by RGGI are entirely
aligned with the framing used by any of the AESC 2024 counterfactuals and sensitivities, cost projections
modeled by RGGI range from (1) being roughly halfway between the RGGI ECR and CCR (as is the case
with a flat extension of RGGI’s cap, but a regional acceleration to zero-emitting electricity in 2035) to (2)
being aligned with the ECR and the AESC 2024 assumption (as is the case with an extension of RGGI’s
current declining cap, and a regional acceleration to zero-emitting electricity in 2035), to (3) being priced
at a near-zero transactional cost, below the ECR (as is the case with a flat extension of RGGI’s cap, and a
regional acceleration to zero-emitting electricity in 2040).

158 Burtraw, D. et al. “The Prospects for Pennsylvania as a RGGI Member.” Resource for the Future and Kleinman Center for
Energy Policy at UPenn. May 2023. Available at https://kleinmanenergy.upenn.edu/wpcontent/uploads/2023/05/Report-
23-04.pdf.

159 Regional Greenhouse Gas Initiative Program Review: Public Meeting. RGGl.org. September 26, 2023. Available at

https://www.rggi.org/sites/default/files/Uploads/Program-Review/2023-09-
26/RGG| 26 Sept 2023 Meeting Presentation.pdf. Slide 28.
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Figure 28. Historical RGGI allowance prices, the prices associated with the cost containment reserve (CCR) and
emissions containment reserve (ECR), and RGGI prices used in AESC 2024
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Figure 29. Electric sector CO2 emissions in existing and proposed RGGI states, 2022
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Source: EPA Clean Air Markets Program dataset, available at https://campd.epa.gov/data/custom-data-download.

Massachusetts Global Warming Solutions Act and MassDEP regulations

AESC 2024 models the GHG regulations finalized by the Massachusetts Department of Environmental
Protection (MassDEP) in 2017 in accordance with the Massachusetts Global Warming Solutions Act
(GWSA). Under this finalized rule, MassDEP established two regulations that impact the electric sector:
310 CMR 7.74, which establishes a state-specific cap on CO, emissions from emitting generators in
Massachusetts and 310 CMR 7.75, which establishes a Clean Energy Standard for Massachusetts LSEs.
Impacts of these policies in $-per-metric-ton terms are available in Appendix G: Marginal Emission Rates

310 CMR 7.74: Mass-based emissions limit on in-state power plants

310 CMR 7.74 assigns declining limits on total annual GHG emissions from identified emitting power
plants within Massachusetts. Table 52 lists the affected power plants under this regulation. In the AESC
2024 study, we modeled this regulation as a state-wide limit through which plants receive CO;
allowances pursuant to 310 CMR 7.74 at the start of each year.'®° The emissions limit starts at 9.1

160 \j/e understand that allowances may be distributed through free allocation, through an auction, or through some
combination thereof. We do not plan to make a distinction between these approaches in the 2018 AESC study, as the
approach is unlikely to substantially impact allowance prices.
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million metric tons in 2018, 8.7 million metric tons in 2019 and 8.5 million metric tons in 2020. The limit
then declines by about 0.2 million metric tons per year until reaching 1.8 million metric tons in 2050 (see
Figure 30).161

In this analysis, we assume that both new and existing units fall under the same aggregate limit. Table
52 lists all the existing units affected by the rule. We assume that both new and existing units are able to
fully trade allowances pursuant to 310 CMR 7.74 throughout each compliance year. To simplify
computation, we do not model ACPs or banking of CO, allowances pursuant to 310 CMR 7.74.

Figure 30. Analyzed electric sector CO: limits under 310 CMR 7.74
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For the latest information on limits under 310 CMR 7.74, see Massachusetts Department of Environmental Protection.
Proposed Amendments to 310 CMR 7.74. January 4, 2023. Available at https://www.mass.gov/doc/310-cmr-774-
amendments/download, page 3.
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Table 52. List of generating units modeled as subject to 310 CMR 7.74

ORSPL
1588
1588
1588
1592
1592
1592
59882
1595
1595
1599
1599
1599
1642
1642
1642
1660
1660
1678
1678
1682
1682
6081
6081
10307
10726
50002
52026
52026
54586
54805
55026
55041
55079
55211
55212
55317
1626
1626

Facility
Mystic
Mystic
Mystic
Medway Station
Medway Station
Medway Station
Exelon West Medway Il LLC
Kendall Green Energy LLC
Kendall Green Energy LLC
Canal Station
Canal Station
Canal Station
West Springfield
West Springfield
West Springfield
Potter
Potter
Waters River
Waters River
Cleary Flood
Cleary Flood
Stony Brook
Stony Brook
Bellingham
MASSPOWER
Pittsfield Generating
Dartmouth Power
Dartmouth Power
Tanner Street Generation, LLC
Milford Power, LLC
Dighton
Berkshire Power
Millennium Power Partners
ANP Bellingham Energy Company, LLC
ANP Blackstone Energy Company, LLC
Fore River Energy Center
Salem Harbor
Salem Harbor

Unit Type
ST
cC
CcC
GT
GT
GT
GT
ST
CcC
ST
ST
GT
ST
GT
GT
cC
GT
GT
GT
ST
oT
cC
GT
cC
cC
cC
cC
GT
cC
cC
cC
cC
cC
cC
cC
cC
cC
cC

Fuel Type
Natural Gas
Natural Gas
Natural Gas

Qil

Qil

Qil
Natural Gas
Natural Gas
Natural Gas

Oil

Qil

Qil

Qil
Natural Gas
Natural Gas
Natural Gas
Natural Gas
Natural Gas
Natural Gas

Qil
Natural Gas

Oil

Oil
Natural Gas
Natural Gas
Natural Gas
Natural Gas
Natural Gas
Natural Gas
Natural Gas
Natural Gas
Natural Gas
Natural Gas
Natural Gas
Natural Gas
Natural Gas
Natural Gas
Natural Gas

EnCompass Unit Name
Mystic Generating Station:7
Mystic Generating Station:G941
Mystic Generating Station:G942
Exelon Medway LLC:GT1
Exelon Medway LLC:GT2
Exelon Medway LLC:GT3
Exelon West Medway Il LLC:GT
Kendall Square Station:JET1
Kendall Square Station:CC1
Canal:1
Canal:2
Canal:3
Essential Power Massachusetts LLC:3
Essential Power Massachusetts LLC:GT1
Essential Power Massachusetts LLC:GT2
Potter Station 2:POT2
Potter Station 2:GT:52.6MW(2)
Waters River:1
Waters River:2
Cleary Flood:8
Cleary Flood:CC1
Stony Brook:CC1
Stony Brook:1
Bellingham Cogeneration Facility:CC1
Masspower:G321
Pittsfield Generating LP:CC1
Dartmouth Power Associates LP:CC1
Dartmouth Power Associates LP:GT1
Tanner Street Generation:CC1
Milford Power Project:CC1
Dighton Power Plant:CC1
Berkshire Power:CC1
Millennium Power:CC01
ANP Bellingham Energy Project:CC1
ANP Blackstone Energy Project:CC1
Fore River Generating Station:G942
Salem Harbor Station NGCC:CC1
Salem Harbor Station NGCC:CC2

Note: This list includes some units that are modeled as retiring at some point in the study period.

310 CMR 7.75: Clean Energy Standard

This regulation establishes additional tranches of clean energy that are eligible to qualify for Clean

Energy Certificates. More information on how we modeled this regulation can be found in Section 4.4:

Renewable energy .
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Other environmental regulations and policies

Several other environmental regulations are modeled in EnCompass and are thus embedded in the
avoided energy costs. Other environmental regulations not included in the avoided energy costs include
the following.

Sulfur dioxide, nitrogen oxides, and mercury

Synapse examined allowance prices for annual SO, emissions covered under the Cross-State Air
Pollution Rule (CSAPR) and the Acid Rain Program (ARP). Actual weighted average allowance prices from
the 2022 SO, spot auctions are very low, at or around $0.02 per short ton.'®? Because of this, and
because of the relatively small quantity of SO, emissions in New England relative to the rest of the
country, we do not model any embedded SO, prices.

Likewise, we assume no embedded NOy prices. This assumption stems from three factors: the New
England states being exempt from the CSAPR program; an assumption that currently proposed state-
specific regulations in Massachusetts and Connecticut on ozone-season-NOx are unlikely to be binding;
and NOx prices having been excluded from being modeled in previous AESC studies including AESC 2021.

As in past AESC studies, we assumed no trading of mercury and no allowance prices.

Other state-specific CO, policies

All six New England states have specified a goal or target for reducing CO; emissions (see Table 53).
Unlike Massachusetts, no other state has currently issued specific electric-sector regulations aimed at
requiring that electric-sector emissions remain under a specified cap in some future year. In the AESC
2024 analysis, we do not include any embedded costs of GHG reduction compliance from states other
than Massachusetts, and we assume no additional electric-sector regulations to those put forth under
310 CMR 7.74 and 7.75.163

162 5. EPA. Last accessed August 10, 2023. “2022 SO, Allowance Auction.” EPA.gov. Available at https://www.epa.gov/power-

sector/2022-s02-allowance-auction#tab-2.

163 Note that AESC 2024 does not assume that the full costs of the Massachusetts GWSA—or any other states’ climate goals—
are embedded in the energy prices and CES compliance prices. AESC 2021 only models the cost of compliance associated
with regulations promulgated by MassDEP, including 310 CMR 7.74 and 310 CMR 7.75. In reality, the full cost of the
Massachusetts GWSA and similar goals, targets, and requirements, will also be driven by (a) other, modeled impacts to the
electric sector (i.e., new unit retirements, unit additions, natural gas prices, load forecasts) and (b) explicitly non-modeled
impacts to the electric sector (i.e., energy efficiency and other DSM programs), (e) emission-reducing actions that occur
outside the electric sector, and will be bounded by (c), the interim targets for specific milestone dates, which are in many
cases not yet established.
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Table 53. State-specific GHG emission reduction targets for 2050

State 2050 Target

CT 80% below Statutory
2001 levels Target

ME 80% below Statutory
1990 levels Target

MA 85% below Statutory
1990 levels;  Target
Net zero

NH 80% below Executive
1990 levels Target

RI Net zero Statutory

Target

VT 80% below Statutory

1990 levels Target

Category Sources

Substitute House Bill No. 5600
Public Act 08-98: "An Act
Concerning Global Warming
Solutions" (Global Warming
Solutions Act, or GWSA). See
https://www.cga.ct.gov/
2008/ACT/PA/2008PA-00098-

Interim Targets / Notes

Senate Bill No. 7 Public Act No. 18-82:
"An Act Concerning Climate Change
Planning and Resiliency” established
an interim goal of 45% below 2001
levels by 2030. See
https://www.cga.ct.gov/2018/
act/pa/pdf/2018PA-00082-

ROOHB-05600-PA.htm

38 MRSA §576-A. Greenhouse gas
emissions reductions. See
http://www.mainelegislature.org/
legis/statutes/38/title38sec576-
A.html

Senate Bill No. 9: “An Act Creating
A Next-Generation Roadmap for
Massachusetts Climate Policy”
(2021 Climate Law). See
https://www.mass.gov/doc/final-
signed-letter-of-determination-for-
2050-emissions-limit/download
and
https://www.mass.gov/doc/2025-
and-2030-ghg-emissions-limit-
letter-of-determination/download
2009 New Hampshire Climate
Action Plan. See
https://www.des.nh.gov/
organization/divisions/air/tsb/tps/
climate/action_plan/
documents/nhcap_final.pdf

Title 42, State Affairs and
Government, Chapter 42-6.2
Resilient Rhode Island Act of 2014 —
Climate Change Coordinating
Council, Section 42-6.2-2. See
http://webserver.rilin.state.ri.us/
Statutes/TITLE42/42-6.2/42-6.2-
2.HTM

Title 10 V.S.A. § 578 Conservation
And Development Chapter 023: Air
Pollution Control. See
https://legislature.vermont.gov/
statutes/section/10/023/00578

ROOSB-00007-PA.pdf

The legislation has the following
interim goals: (a) 45% below 1990
levels by 2030; (b) by 2040, the gross
annual GHG emissions level must, at
a minimum, be on an annual
trajectory sufficient to achieve the
2050 annual emissions target; and (c)
net zero emissions beginning 2045.
The Executive Office of Energy and
Environmental Affairs (EEA) has set
the following interim goals: (a) 33%
below 1990 levels by 2025 and (b)
50% below 1990 levels by 2030. The
EEA is also required to set a 2040
reduction goal of at least 75% below
1990 levels.

n/a

The legislation has the following
interim goals: (a) 45% below 1990
levels by 2030 and (b) 80% below
1990 levels by 2040.

The legislation has the following
interim goals: (a) 26% below 2005
levels by 2025 and (b) 40% below
1990 levels by 2030.

Note: “Category” uses definitions from https://www.c2es.org/document/qreenhouse-qgas-emissions-targets/.
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Massachusetts sector-based sublimits

The 2021 Climate Law in Massachusetts directed the Executive Office of Energy and Environmental
Affairs (EEA) to adopt sector-specific emissions sublimits for every five years between 2020 and 2050.154
These sublimits are intended to complement the state’s economy-wide emissions limits, targeting the
following sectors: electric power, transportation, C&I heating and cooling, residential heating and
cooling, industrial processes, and natural gas.

The electric power sector emissions category includes the combustion of fuels in power plants located in
Massachusetts as well as emissions from electricity generated in or imported into ISO New England to
meet Massachusetts’ electricity demand. These totals also take into account renewable and clean
energy credits from the state’s Renewable Portfolio Standard and Clean Energy Standards. The heating
and cooling sectors include all onsite combustion of fuels. The natural gas emissions sector represents
fugitive emissions from natural gas distribution and service. The Massachusetts Clean Energy and
Climate Plan for 2025 and 2030 provides details on the sector-based sublimits for 2025 and 2030, and
the Clean Energy and Climate Plan for 2050 provides these details for 2050.16> 156 The emission sublimits
relevant to the sectors addressable by programmatic DERs are shown in Table 54.167

Table 54. Sector-based sublimits describing required emission reductions relative to 1990 levels

Residential heating and Commercial and industrial .
. . X Electric Power
cooling heating and cooling
2025 29% 35% 53%
2030 49% 49% 70%
2050 95% 92% 93%

Sources: https://www.mass.qgov/doc/2025-and-2030-ghg-emissions-limit-letter-of-determination/download and
https://www.mass.qov/doc/determination-letter-for-the-2050-cecp/download.

The following sections describe how we modeled these sublimits for AESC 2024. We note that, although
these calculations have been performed for Massachusetts, we believe that an analogous methodology
is appropriate to be applied to any other states with emissions limits or sublimits, or any other states
with Clean Heat Standards similar to the one proposed in Massachusetts.

164 senate Bill No. 9, 2021: “An Act Creating A Next-Generation Roadmap for Massachusetts Climate Policy”, available at
https://malegislature.gov/Bills/192/S9/BillHistory.

165 Massachusetts Clean Energy and Climate Plan for 2025 and 2030, available at https://www.mass.gov/info-
details/massachusetts-clean-energy-and-climate-plan-for-2025-and-2030.

166 \assachusetts Clean Energy and Climate Plan for 2050, available at https://www.mass.gov/info-details/massachusetts-
clean-energy-and-climate-plan-for-2050.

167 \we note that there are other sectors with sublimits (e.g., transportation, natural gas distribution & service, and industrial
processes). However, these are not considered in AESC 2024 because the Massachusetts program administrators do not
currently offer measures or programs that address emissions in these sectors.
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Electric sector

AESC 2024 does not explicitly model compliance with the electric sector sublimit. Instead, we observe
the emission reductions modeled in the EnCompass model for Massachusetts and compare these with
the emission levels required by the sublimits. This is done due to the number of policies that are already
deployed in Massachusetts that either purposefully or indirectly achieve emission reductions over time,
even without electric energy efficiency (including 111, RGGI, 310 CMR 7.74 and 310 CMR 7.75, and
various other renewable policies). Figure 31 shows the emissions modeled in Counterfactual #1. The
components of this figure are estimated as follows:

e Thered “electric sector GHG sublimits” represent the quantity of allowable GHG
emissions in the electric sector, for Massachusetts. These values are defined for 2025,
2030, and 2050 in terms relative to the 1990 level of emissions (see Table 54). All other
values are interpolated (except 2024, which re-uses the 2025 level of emissions).

e The yellow “310 CMR 7.74” series describes the cap on in-state emissions from most of
the large electric sector power plants in Massachusetts.

e The dark blue “in-state emissions” series is calculated by summing the total emissions
from the power plants located in Massachusetts’ borders. The emissions in this category
are primarily made of up those generated by power plants affected by 310 CMR 7.74,
but includes emissions from other unaffected plants as well.

e The light blue “imported emissions” series is calculated via an algorithm which seeks to
approximate the one used by Massachusetts DEP in its GHG emissions inventory.168
Briefly, imported emissions are equal to total imported load multiplied by a marginal
emissions rate, where the marginal emissions rate is the rate defined in Section 8.2:
Applying non-embedded costs, and total imported load is estimated by subtracting the
sum of the generation from in-state emitters and purchased RECs (and REC-like
instruments) from the projected Massachusetts load.

Table 55 summarizes the degree to which the electric sector complies with the electric sector sublimit
(overcompliance is shown with positive numbers and non-compliance is shown with negative numbers).

168 5o https://www.mass.gov/lists/massdep-emissions-inventories for more information.
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Figure 31. Modeled Massachusetts emissions in Counterfactual #1, compared to electric sector sublimits
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Table 55. Difference in electric sector GHG emissions, compared to electric sector sublimits (million short tons
COze)

CF #1 CF #2 CF #3 CF #4 CF #5 CF #6
2024 6.0 5.5 6.0 6.1 6.1 6.1
2025 6.4 7.3 6.3 6.5 6.5 6.5
2026 6.2 6.9 6.0 6.3 6.3 6.3
2027 6.2 6.7 6.0 6.3 6.3 6.3
2028 6.2 5.2 5.9 6.2 6.2 6.2
2029 6.5 6.3 6.5 6.6 6.6 6.6
2030 6.8 6.6 6.7 6.8 6.8 6.8
2031 6.3 6.1 6.2 6.4 6.4 6.4
2032 6.1 6.1 6.0 6.1 6.1 6.1
2033 5.6 5.7 5.4 5.6 5.6 5.7
2034 5.2 5.4 5.0 5.1 5.1 5.3
2035 4.8 4.9 4.6 4.9 4.8 4.8
2036 4.6 4.9 4.4 4.7 4.6 4.7
2037 4.1 4.7 4.0 4.4 4.3 4.3
2038 4.1 4.3 3.7 4.0 4.1 3.9
2039 4.0 4.2 3.9 4.1 4.1 4.0
2040 3.6 3.8 3.5 3.7 3.7 3.5
2041 3.6 3.7 3.4 3.5 3.7 3.4
2042 3.1 3.3 3.1 3.1 3.3 3.0
2043 3.1 3.3 3.1 3.2 3.3 3.0
2044 2.8 2.9 2.7 2.8 2.9 2.7
2045 2.8 3.0 2.8 2.8 2.9 2.6
2046 2.7 2.9 2.7 2.8 2.8 2.7
2047 2.6 2.7 2.6 2.7 2.7 2.6
2048 2.2 2.4 2.3 2.3 2.4 2.2
2049 2.2 2.3 2.2 2.2 2.3 2.2
2050 2.0 2.2 21 21 2.2 21

Note: Overcompliance with sublimits is shown with positive numbers; undercompliance is shown with negative numbers.

Building sectors

AESC 2024 posits that the mechanisms most likely to achieve compliance with emission reductions
required in the residential, commercial, and industrial heating sectors are (a) energy efficiency, (b)
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building electrification, and (c) renewable fuels. We assume that counterfactuals that do not achieve the
emission sublimits for these sectors via the first two mechanisms must implement a sufficient quantity
of renewable fuels in order to reduce emissions in each year and achieve compliance.'®® Because most
modeled counterfactuals do not include quantities of either energy efficiency or building electrification
sufficient to meet the sublimit requirements, each counterfactual therefore requires some level of
blending of renewable fuels alongside direct fuels (namely natural gas, home heating oil, and propane).

The Synapse Team developed a projection of business-as-usual (BAU) fuel use and emissions in
Massachusetts for each fuel type and sector, based on applying growth rates from AEO 2023 to recent
historical fuel use data reported by EIA in the SEDS database. For each counterfactual, we then adjust
this BAU projection to account for the reduced fuel use (and emissions) achieved via the energy
efficiency and building electrification measures that are included. Next, we calculate the amount of
renewable fuel blending needed in each year that would achieve emission reductions equal to the
remaining gap.'’° Finally, we adjust this blending requirement to reflect any over-compliance or under-
compliance in the electric sector.

For example, Counterfactual #1 does not assume any future energy efficiency or building electrification
measures beyond that which is installed in 2023; this scenario therefore requires relatively high levels of
renewable fuel blending. This level of renewable fuel blending is decreased by the quantity of over-
compliance in the electric sector.

Meanwhile, Counterfactual #3 includes large amounts of building electrification. These building
electrification measures achieve a large quantity of emission reductions on their own, necessitating a
comparatively lower level of fuel blending in order to achieve compliance with the emission sublimits.
As with Counterfactual #1, we observe overcompliance with the electric sector sublimits in all years,
which helps to reduce the quantity of renewable fuel blending required. This level of renewable fuel
blending is decreased by the quantity of over-compliance in the electric sector. Figure 32 illustrates the
estimated fuel blending requirements for each counterfactual.

169 \je note that this is the principle underlying the proposed Clean Heat Standard, a policy that is currently under

development by Massachusetts Department of Environmental Protection (for more on this topic, see
https://www.mass.gov/info-details/massachusetts-clean-heat-standard). As of October 2023, details of a proposed Clean
Heat Standard have not yet been made public, although we understand such detail is likely to be issued in 2024. Therefore,
the analysis described in this section should be considered an estimation of the likely cost impacts of the coming Clean Heat
Standard, without a focus on the specific details of how the policy is likely to be implemented.

170 as with electric sector emissions, sublimits for the residential heating and C&I heating sectors are only available for 2025,
2030, and 2050. Sublimits for all other years have been linearly interpolated.
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Figure 32. Renewable fuel blending requirements for Counterfactual #1 and Counterfactual #5
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Note: In general, counterfactuals that feature building electrification (Counterfactual #3, Counterfactual #4, Counterfactual #6)
have projections that closely resemble the projection for Counterfactual #5, will those that do not (Counterfactual #2) resemble
Counterfactual #1.

Using the Excel-based versions of AESC 2024’s Appendix C and Appendix D, users can calculate the
avoided costs for natural gas and fuel oils in Massachusetts both with and without the renewable fuel
blending requirements. Generally speaking, these fuel blending requirements increase avoided costs for
natural gas and fuel oils (thereby highlighting the relative cost-effectiveness of energy efficiency and
building electrification measures, relative to renewable fuels). Using the Excel-based AESC 2024 User
Interface, users can also calculate how these blending requirements impact avoided costs associated
with non-embedded GHG costs and DRIPE. Generally speaking, including these blending requirements
reduces the avoided costs for these categories, as renewable fuels are assumed to have zero (or near-
zero) emissions, and are not calculated as having DRIPE benefits.!”! More information on the
assumptions related to renewable fuel costs, potentials, and emission rates can be found in Section 2.3:
New England natural gas market and Section 3.4: Avoided costs. More information on the results
associated with blending renewable fuels into avoided costs of natural gas and fuel oils can be found in
Section 2.5: Avoided natural gas costs by end use and Section 3.4: Avoided costs.

U.S. EPA’s proposed carbon emission rule for fossil-fuel-fired power plants

In May 2023, U.S. EPA released its proposed Greenhouse Gas Standards and Guidelines for Fossil Fuel-
Fired Power Plants under section 111 of the Clean Air Act. Under the proposed rule, different carbon
emission abatement pathways are available depending on an affected power plant’s retirement date,
size, and capacity factor. Table 56 summarizes compliance pathways under 111(d), which regulates
existing fossil plants, and Table 57 summarizes compliance pathways under 111(b), which regulates new
gas plants (there are currently no planned new coal plants in New England or the United States).

171

It is likely that eventual large-scale markets for renewable fuels do have DRIPE benefits, but due to the nascent nature of
these markets, and the uncertainty in estimating a DRIPE value, we have assumed DRIPE benefits to be zero.
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Table 56. Compliance options for existing power plants under EPA’s proposed 111(d) rule

Unit Type
Coal and Oil/Gas Steam

Retirement Date
Before 2032

Compliance Pathway
Plants must not exceed current emissions rate

After 2032 but before 2035

Capacity factor must be less than or equal to 20% in
2030; must not exceed current emissions rate

After 2035 but before 2040

Units must co-fire natural gas at 40% of heat input in
2030

After 2040 or no announced

retirement date

Units must have 90% CCS in 2030; wet FGD and ELG
also required

Gas GTs and CCs with
capacity > 300 MW and
future capacity factor > 50%

Path A: 90% CCS by 2035
Path B: Combust 30% Hz by volume by 2032, 96% H2 by
2038

All other gas-fired GTs and
CCs

No controls needed

Table 57. Compliance options for new gas plants under EPA’s Proposed 111(b) rule

Unit Type
Peaking (likely GTs)

Capacity Factor Cap
20%

Compliance Pathway
No controls needed (emissions rate equal to efficient plant in

2023)

Intermediate (CCs and GTs)

50%

Combust 30% H2 by volume by 2032

Baseload (likely CCs only)

Combust 30% H2 by volume by 2032, 96% H» by 2038

In New England’s existing fleet of fossil plants, there are 13 gas-fired combined combined-cycle units

that may be affected by the proposed 111(b).1”? For each of these units, we allow the model to optimize
between Path A (CCS) and Path B (hydrogen blending) outlined in Table 56. There are no coal plants
expected to be impacted by 111(b), and there are unlikely to be any simple-cycle combustion turbines
that would be affected by 111(b).1”3

172

Each of these units has a capacity equal to or greater than the 300-MW threshold stated in EPA’s proposed rule. Many, but

not all of the units, have a historical capacity factor greater than the 50 percent capacity threshold. If these plants exceed a
capacity factor of 50 percent in the relevant years, they will incur compliance requirements.

173 \We note that Canal 3 is likely the only simple-cycle combustion turbine that exceeds EPA’s size threshold; but given its
relatively low historical capacity factor (about 5 percent), it is unlikely to incur any compliance requirements.
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Table 58. List of existing gas plants subject to proposed 111 rules

Likely to
Plant Type Plant Name ORSPL Unit ID Plant State Capacity Capacity basr:ed on
(MW) Factor (%)
2021
operation?
Combustion Canal 1599 3 MA 330 5% No
Turbine
Combined . .
Cycle Millennium Power 55079 CT01 MA 335 24% No
Combined . .
Cycle Granite Ridge 55170 CT11 NH 339 53% Yes
Combined .
Cycle Granite Ridge 55170 CT12 NH 339 55% Yes
Combined Fore River 55317 GT11 MA 364 52% Yes
Cycle Generating Station
Combined Fore River
. . 55317 GT12 MA 362 58% Yes
Cycle Generating Station
Combined CPV Towantic 56047 CTG1 cT 389 81% Yes
Cycle Energy Center
. PV T .
Combined CPV Towantic 56047 CTG2 cT 390 82% Yes
Cycle Energy Center
Combined Kleen Energy 56798 u1 cT 311 43% No
Cycle Systems Project
i E
Combined Kleen Energy 56798 U2 cT 311 46% No
Cycle Systems Project
Cogtc’:zed Bridgeport Station 568 501 cT 576 73% Yes
Combined Salem Harbor
M 119 N
Cycle Station NGCC 60903 3 A 339 % °
Combined Salem Harbor o
Cycle Station NGCC 60903 4 MA 338 14% No

Notes: This table shows only the combustion turbine components of any combined cycle plants. Each of these rows has been
allocated a share of the capacity and generation at the local steam recovery units, based on 2021 data from EPA’s NEEDS
database and EIA 923. Units at Merrimack and Mystic Generation are not shown, as these units are assumed to retire in May
2026 and June 2024, respectively (see Table 45 and Table 47). All plant attributes used in identifying which plants are likely to be
subject to 111 is based on EPA’s April 2023 edition of the NEEDS database, available at
https.//www.epa.gov/system/files/documents/2023-04/NEEDS%20for%20EPA%20Post-
IRA%202022%20Reference%20Case.xlsx. Plants are flagged as “likely to trigger 111 compliance based on 2021 operation” if
they have a capacity factor higher than 50 percent.

New gas plants that operate with a capacity factor greater than 20 percent will eventually require either
some amount of hydrogen blending or CCS equipment. Both of these technologies have significant cost
uncertainties.

For the hydrogen-enabled plants, we use an exogenous hydrogen price trajectory and do not model
hydrogen production explicitly (see projection developed in Section 2.3: New England natural gas
market). Our modeling does not dynamically model electrolyzers and the incremental renewable energy
required to produce the hydrogen, but rather integrates all costs into the hydrogen fuel price trajectory.
If we were to dynamically model hydrogen, we would need to calculate a shadow price of hydrogen
which would vary by scenario (depending on electricity prices and electrolyzer utilization). Using a set
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price trajectory allows us to be consistent across scenarios, and with other avoided fuel cost
calculations.

For new and existing baseload gas plants that install CCS, we model all relevant retrofit costs, CO,
transportation and storage costs, and parasitic load effects associated with operating CCS equipment, as
well as the IRA section 45Q tax credits available to powerplants that capture CCS.

For both hydrogen blending and CCS, we use the same retrofit cost assumptions used by the EPA to
analyze the impact of its proposed rule through its Regulatory Impact Analysis.'”*

EPA is currently accepting comments on the proposed rule and expects to publish a final rule by summer
2024. The rule may be challenged on the grounds that the proposed systems of emission reduction have
not been “adequately demonstrated” as required under Section 111 of the Clean Air Act. However, the
current policy environment, including the IRA 45Q tax credit for capturing CO; and the IRA 45V tax credit
for producing hydrogen, will likely lend support to arguments in favor of the economic feasibility of
these measures. Generator owners and operators will face decisions now regarding whether to retire
fossil units and how to plan for future generation. If the judicial review ends up taking a few years, the
regulatory uncertainty may be great enough to cause operators to retire sources early and begin

planning their systems assuming the rule will go through regardless of the final outcome.’>

Inflation Reduction Act and Bipartisan Infrastructure Law

The IRA and Bipartisan Infrastructure Law (BIL) were passed in August 2022 and November 2021
respectively. Both laws allocate substantial federal funding to accelerate the energy transition over the
next decade. The tax credits in the IRA begin to phase out after 2032, if and only if the U.S. electric
sector emissions reach 25 percent of 2022 levels. We assume that the tax credits remain in effect
throughout the study period. The most relevant elements of these laws for the AESC modeling will be:

1. Tax credits for renewable energy resources: Applicable IRA tax credits are included in
the methodology for projecting renewable energy builds (see Chapter 7. Avoided Cost of
Compliance with Renewable Portfolio Standards and Related Clean Energy Policies for
more information).

2. Tax credits for hydrogen production and CCS: We assume IRA hydrogen production tax
credits are represented in the projected hydrogen fuel price trajectory. Power plants
that capture CO;receive commensurate IRA tax credit amounts.

3. Tax credits for nuclear power production: We assume the IRA 45U zero-emission
production tax credit for existing nuclear powerplants prevents the two nuclear

174 epa, Regulatory Impact Analysis. Docket EPA-HQ-OAR-2023-0072. Available at:
https://www.regulations.gov/document/EPA-HQ-OAR-2023-0072-0007.

175 Clements, Carter. 2023 “Expect Legal Challenges to New EPA Rules on Emissions”. Power Magazine. Available at:
https://www.powermag.com/expect-legal-challenges-to-new-epa-rules-on-emissions/
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powerplants in New England (Seabrook and Millstone) from retiring during our study
period.

4. Funding for energy efficiency and electrification measures: This funding has the
potential to impact future load. All of our assumptions are based on the most recent
data from I1SO New England, which to our best understanding does not currently include
impacts any impacts from IRA or BIL.1”® Because most states in New England already
have ambitious energy efficiency and electrification plans, it is unclear whether the IRA
funding would lead to different amounts of energy efficiency and electrification, or
whether this funding would instead decrease realized costs for consumers. Meanwhile,
for electric vehicles, we observe that recent studies analyzing the impact of the IRA
suggest that, with IRA funding, electric vehicle sales shares might reach levels of about
50-60 percent in the early 2030s.177 Using a standard adoption S-Curve and typical rates
of vehicle turnover, that implies electric vehicles make up about 20-30 percent of
vehicle stock by the early 2030s and reach close to 100 percent stock by 2050. This
resembles the forecasts that ISO New England have assembled for the six states in its
CELT 2023 forecast, which are used in this AESC analysis.’®

176 Because of limitations in this study’s scope and budget, we do not include further impacts on load related to IRA or BIL.

177 Analyzing the Impact of the Inflation Reduction Act on Electric Vehicle Uptake in the United States. Slowik et. al. ICCT and

Energy Innovation. January 2023. Available at https://theicct.org/wp-content/uploads/2023/01/ira-impact-evs-us-
jan23.pdf.

178 see Section 4.3: New England system demand and energy components for more information on these forecasts.
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5. AVOIDED CAPACITY COSTS

AESC 2024 develops avoided capacity prices for annual commitment periods starting in June 2024. The
avoided capacity costs are driven by actual and forecasted clearing prices in ISO New England’s FCM.
The AESC 2024 forecast prices are based on observations made in recent auctions as well as expected
future changes in demand, supply, and market rules. Synapse applies these prices differently for cleared
measures (i.e., measures that participate in the capacity market) and uncleared measures (i.e.,
measures that do not participate in the capacity market).1’® This chapter discusses the methodology for
calculating avoided capacity prices through May 2028. We also include discussion of our assessments of
avoided capacity costs and cost drivers after 2028, when we assume new market rules will come into
effect.

In general, we find that capacity prices are similar to those projected in AESC 2021. Counterfactuals with
higher peaks tend to have higher capacity prices than other counterfactuals, although this is impacted
by the exogenous resource additions assumed for that scenario. AESC 2024’s Counterfactual #1 features
higher capacity prices than its AESC 2021 counterpart, in part due to a deferral of clean energy resources
(compared to the assumptions used in AESC 2021). Counterfactuals that are missing programmatic
demand response resources or programmatic BTM storage have less exogenous firm capacity.
Therefore, they have lower near-term reserve margins, and higher near-term capacity prices, compared
to counterfactuals with the same respective load components. Eventually, these higher capacity prices
lead to incremental endogenous gas and battery storage additions in the mid 2030s, beyond what gets
added in the equivalent load counterfactuals with the exogenous firm capacity present. Each single gas
plant that gets added provides a large amount of firm capacity, and results in larger reserve margins
than might be observed if gas plants were not large, discrete resources. This capacity overbuild that
occurs in the mid-2030s drives down longer-term capacity market prices towards the end of the study
period for these counterfactuals.

5.1. Wholesale electric capacity market inputs and cleared capacity
calculations

The following section provides a description of the analysis used to develop avoided capacity prices from
the FCM auctions through FCA 18, as well as key input assumptions.

179 «yncleared resources” includes resources that qualify for the FCM but do not receive an obligation, as well as resources
that simply do not participate in the market at all. They can also be thought of as “non-market” resources.
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Avoided capacity methodology through May 2028

This section describes the methodology, data, and sources used to estimate avoided capacity costs for
the near-term years in AESC 2024, i.e., costs from 2024 through 2028. The methodology used to

estimate avoided capacity costs in later years is found in the subsequent section.

Description of Forward Capacity Market analysis

AESC 2024 develops avoided capacity prices from the FCM auction prices for power-years from June
2024 through May 2027, using data from recently conducted auctions (FCAs 14 through 17, for delivery

years 2023/2024 through 2026/2027). For FCA 18, AESC 2024 assumes:

ISO New England will continue to operate the FCM in a manner similar to recent
years, including using a similarly shaped demand curve.

Resources generally continue to bid FCM capacity in a manner similar to their
bidding in recent auctions. Most existing resources (renewables, nuclear, hydro,
combined-cycle and modern combustion turbines) continue to bid in as price-
takers, at or below likely FCM clearing prices.

Following recent trends, prices in different zones within New England will not
separate in price. The location of future potential zonal price spikes is difficult to
assess; since the start of the FCM, ISO New England has observed or anticipated
capacity-price separation for Maine, Connecticut, NEMA, northern New England
(Vermont and New Hampshire), SEMA, SEMA-RI, and southeastern New England
(NEMA, SEMA and Rhode Island). The transmission owners and ISO New
England have made great efforts to eliminate binding capacity constraints
between zones and have been successful since FCA 10.2° We observed
relatively minimal price separation in FCA 15 and FCA 16, but the price
differences were small and did not exist in FCA 17, so we assume no price
separation in FCA 18 for simplicity. Further, we do not anticipate sufficient new
resources (such as offshore wind) to enter the market in FCA 18 to lead to
significant price separation in just a single year, especially given that many
offshore wind resources are planned to interconnect in SEMA, which has
traditionally been import constrained rather than export constrained.

Retirements and additions of resources will change the amount of capacity in
the low-price section of the supply curve, but the shape of the demand curve
around the market-clearing point will remain similar to the shape of the supply
curve in FCA 17.

The capacity price is set in the primary FCA based on the bids of existing
resources, new unsubsidized resources, subsidized resources that could clear
without the subsidy or that clear through the Renewable Technology Resource

180 1he abrupt non-price retirement of the entire Brayton Point station and Vermont Yankee in FCA 8 resulted in insufficient

competition in the entire ISO in FCA 8 and in SEMA/RI in FCA 9.
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(RTR) exemption, and imports. In FCA 18, market rules set minimum offer prices
for resources of each technology type that can limit the ability of new state-
sponsored resources to clear. However, the RTR exemption allows these
resources to bypass minimum offer prices and nearly 600 MW of RTR exemption
is available for FCA 18. Alternatively, new resources can enter the market
through a secondary auction called Competitive Auctions with Sponsored Policy
Resources or CASPR, in which new resources can substitute for existing
resources but at lower prices. However, no resources have participated in
CASPR in recent years, and we do not expect that to change in FCA 18,
particularly given the substantial amount of capacity available in the RTR
exemption.

e For purposes of simplification, we assume that all resources are paid a single-
year price, rather than a multi-year price. The option for new resources to elect
a multi-year price was removed beginning in FCA 16.181

Input assumptions to FCM analysis

The analysis of future capacity prices utilizes the results of the four most recent auctions (FCA 14
through FCA 17), which are among the only ISO New England FCAs to clear at bid prices, rather than an
administrative limit.182 Table 59 shows the Rest of Pool results for each round of each auctions. As the
price falls in each round, the ISO increases the level of “demand,” i.e., the amount of capacity it deems
appropriate to procure. Simultaneously, the amount of supply that would clear falls with the price, and
the excess of supply over demand falls even faster.

181y 5. Federal Energy Regulatory Commission. December 2, 2020. Order on Paper Hearing 173 FERC 1 61,198. Available at

https://www.iso-ne.com/static-assets/documents/2020/12/el20-54-000 12-2-20 order _new_entrant rules.pdf.

182

FCA 9 and FCA 10 also cleared at bid prices.
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Table 59. FCA price results by round (Rest-of-Pool results only)

Price 2024 $/kW-month  $11.73 $8.37 $10.30 $7.30 $4.30 $3.00 $2.00
Demand Mw 32,204 32,631 33,237 33,591 34,194
Excess Mw 5,704 4,973 3,612 2,480 0
Supply Mw 37,908 37,604 36,849 36,071 34,194
FCA 15 Price 2024 $/kW-month  $11.95 $8.71 $9.71 $6.88 $4.05 $2.83 $2.46
Demand Mw 33,049 33,493 34,102 34,464 35,081
Excess Mw 4,547 3,857 3,078 1,246 0
Supply Mw 37,596 37,350 37,179 35,710 35,081
FCA 16 Price 2024 $/kW-month  $12.13 $7.31 $8.42 $5.49 $2.55 $2.53 $8.42
Demand Mw 31,471 31,986 32,803 33,053 31,471
Excess MW 4,488 3,973 3,115 0 4,488
Supply Mw 35,959 35,959 35,918 33,053 35,959
FCA 17 Price 2024 $/kW-month  $12.21 $7.04 $8.22 $5.35 $2.48 $2.48
Demand Mw 30,133 30,602 31,370 31,601
Excess Mw 4,547 4,036 3,053 0
Supply MW $8.22 $5.35 $2.48 $2.48

Notes: All prices have been converted to 2024 dollars.
Sources: See https://www.iso-ne.com/static-assets/documents/2016/12/summary_of historical icr_values.xlsx and
https.//www.iso-ne.com/static-assets/documents/2018/05/fca-results-report.pdf.

Historical supply curves

Figure 33 shows the price results of the auction rounds, as a function of the supply available at that
price. These are effectively the supply curves for capacity in each of these auctions. We note that in the
most recent auctions, the supply curve has tended to create a “reverse L” shape, with one very shallow
line segment, and one very steep line segment.

The price curves for the last four auctions are relatively closely clustered and guide the AESC 2024
projection for future pricing. For future years, we move the FCA 17 supply curve right or left to reflect
changes in capacity additions and retirements under each counterfactual.
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Figure 33. FCA price results by round (effective supply curves)
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Historical demand curves

ISO New England has used the administrative demand curve for several years to provide greater stability
in capacity prices and acquire additional resources when prices are low. Starting with FCA 14, the
demand curve has been a smooth curve, shaped to mimic the change in loss-of-load expectation. The
demand curve is scaled so that the capacity price equals ISO New England’s estimate of cost of new
entry (CONE) at the net installed capacity requirement (Net ICR).

Figure 34 shows demand curves used in FCA 14 through 17. To model FCA 18, we rely on the demand
curve for FCA 18 published by ISO New England, shifted according to projected changes in demand in
each counterfactual.
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Figure 34. Recent FCA demand curves
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Historical capacity price results

Figure 35 shows the result of matching the demand and supply curves for FCA 14 through FCA 17. The
figure shows each FCA represented by a distinct color. The figure then is further differentiated with:

e Asolid line representing the demand curve for each FCA
e Asolid line representing the supply curve for each FCA

e Adashed line for the supply curve for Counterfactual #1 that excludes the post-2024
energy efficiency for each FCA
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Figure 35. Market clearing capacity prices for FCA 14 through FCA 17
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Notes: Solid lines marked “D” are demand curves, solid lines marked “S” are actual supply curves, and dashed lines marked “S””
are supply curves absent post-2023 energy efficiency. Intersections of “S” and solid “D” lines denote the clearing price under
actual conditions while intersections of “S” and dashed “D” lines denote what the clearing price would have been but for post-
2023 energy efficiency. Only results for Rest-of-Pool are shown.

The exact clearing price in each auction depends on the size of the marginal unit, since ISO New England
accepts entire units rather than individual megawatts. Table 60 summarizes the clearing prices for the
actual and hypothetical “without post-2020 EE” cases described in Figure 35. Because recent auctions
have tended to clear at very flat parts of the demand curve, adding more energy efficiency tends to have
a very minor impact on prices.®3

Table 60. Capacity prices for recent and pending FCAs (2024 $ per kW-month)

Commitment Period Actual Clearing Price Actual Clearing Price Without
(June to May) post-2023 EE
2024 S 2024 S
2023/2024 14 $2.05 $2.05
2024/2025 15 $2.61 $2.66
2024/2025 16 $2.53 $2.53
2025/2026 17 $2.48 $2.48

Note: Values shown are for Rest-of-Pool only.

183 A5 of the time of this document’s publication, FCA 18 has been conducted, but no price results have been made public.
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As a point of reference, Figure 36 illustrates the actual clearing prices since the start of the FCM. The
average Rest-of-Pool clearing prices over the four most recent auctions is $2.45 kW-month.

Figure 36. Forward capacity auction clearing prices for all past auctions (Rest-of-Pool prices only)
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Note: All prices have been converted into 2024 dollars.

Regional capacity price separation

The sections above describe the methods for calculating capacity prices for the Rest-of-Pool only.
However, FCA 15 and FCA 16 displayed regional price separation, or a difference in capacity clearing
prices resulting from additional supply and demand constraints in some regions of ISO New England
relative to the rest-of-pool region. Specifically, Southeast New England (SENE) and Northern New
England (NNE) separated in price from the Rest-of-Pool in each of these auctions.

ISO New England does not make the SENE or NNE supply curves public, so we are not able to use the
methods described earlier. Instead, we rely on the public MRI demand curves for each region to
determine an estimate of capacity prices for counterfactuals that remove energy efficiency. We identify
where along the demand curve the market cleared for each region, remove the relevant quantity of
energy efficiency, and determine the modified clearing price for each. Because the market clears where
the supply and demand curves intersect, this approach results in the same outcome as using the supply
curve had that been available. The location of this clearing price also informs capacity DRIPE, which we
derive based on the slope of the supply curve where the clearing price occurs.

Synapse Energy Economics, Inc. AESC 2024 140




Projecting future capacity prices

For FCA 18, we estimate the supply curve, using the steps described above. The demand curve has
already been published by ISO New England. The supply curve shifts left or right, depending on the
extent of resource retirements and additions.'®* The intersection of these two curves indicates the
capacity price.

Table 61 depicts the available supply under each counterfactual in the future years where prices are
simulated (as opposed to FCAs 14 through 17, where capacity prices are based on actual observations).
Projected supply is based on the impacts from the drivers described in Chapter 4. Common Electric
Assumptions, Chapter 7. Avoided Cost of Compliance with Renewable Portfolio Standards and Related
Clean Energy Policies. The supply depicted here is the net cumulative supply relative to FCA 17, after
accounting for those inputs, as well as endogenous conventional plant retirements and additions. We
model about 3.8 GW of additional firm capacity in Counterfactual #1 and #5. Few differences are
present between counterfactuals due to the fact that most capacity changes between now and 2027 are
already known. In addition, there are few differences in peak demand between the counterfactuals in
this early time period, which minimizes the likelihood of the model selecting different capacity builds by
2027. See Chapter 6: Avoided Energy Costs for more discussion on these results.

Table 61. Projected cumulative change in supply (GW), relative to FCA 17

Counter- Counter- Counter- Counter- Counter- Counter-

factual #1 factual #2 factual #3 factual #4 factual #5 factual #6

2027/2028 3,913 3,981 3,995 3,913 3,995 3,852

As described above, our simplified capacity market model does not estimate geographic price
separation in FCA 18. We observe relatively minimal price separation in FCA 15 and FCA 16, no price
separation in FCA 17, and we assume no price separation in FCA 18 to be consistent with those recent
trends. Although it is possible that price separation could occur, there is much uncertainty in terms of
where this separation could occur and what level of price spread occurs.'®> Thus, for purposes of
simplicity, we assume a single regional clearing price for FCA 18.

FCA 18 results

As described above, for each year and each counterfactual, MW differences in supply (relative to FCA
17) are added to or subtracted from the FCA 17 supply curve to create a new estimated FCA 18 supply

184 The supply curve will also change with the economics of continued operation of resources, the operators’ bidding
strategies, the availability of imports, ISO New England’s rules for resource eligibility, and other factors. We have not
estimated those changes, which will be driven by factors that are difficult to forecast.

185 \We observe that future interconnection of large generators in regions that currently lack them (e.g., offshore wind
installations in southeast Massachusetts or Rhode Island) may produce future price separation. However, the degree to
which this price separation would occur is uncertain and challenging to predict.
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curve. On the demand side, we use the FCA 18 demand curve published by ISO New England, modified
to include new energy efficiency per the inputs relevant to each scenario. Table 62 describes the
resulting market clearing prices in Counterfactual #1 for FCA 18, showing a clearing price of $2.48 per
kW-month. We observe that this value resembles the clearing price from FCA 17, as a result of the
overall similarity in demand curves and very flat shape of the supply curve. Results for other
counterfactuals are similar, due to the same dynamics described above.

Table 62. Projected capacity prices for FCA 18 (2024 $ per kW-month)

Counter- Counter- Counter- Counter- Counter- Counter-
factual #1 factual #2 factual #3 factual #4 factual #5 factual #6
FCA
18 2027/2028 $2.48 $2.48 $2.48 $2.48 $2.48 $2.48

Note that FCA 18 was conducted on February 5, 2024. As of the time of this document’s publication, but
no price results have been made public. As a result, the results of this auction were not available to be
included in the AESC 2024 analysis.

Avoided capacity methodology for June 2028 and later

This section describes the methodology, data, and sources used to estimate avoided capacity costs for
the longer-term years in AESC 2024, i.e., costs in June 2028 and later.

In AESC 2024, we model the capacity market within the EnCompass model, the same model used to
develop avoided energy prices. This change allows us to incorporate updated ISO market rules and to
better align our capacity analysis with our energy analysis and modeling. The new methodology offers
the following advantages:

e Itis consistent with modeled energy prices because both would be calculated using the
same model results (cost inputs are described above in Section 4.5: Anticipated non-
renewable resource additions and retirements).

e Future supply curves are modeled based on the changing resource mix.

e Dynamic resource accreditation values are captured, including changes to the
accreditation values of existing resources that remain in the supply stack from one year
to the next. The methodology is described in more detail below.

e Capacity price separation associated with transmission constraints is endogenously
modeled based on existing transmission constraints within EnCompass.

Background

ISO New England is proposing a major capacity market reform through the RCA project. RCA will replace
the existing heuristic-based accreditation system with a more sophisticated but complicated
probabilistic assessment called the Resource Adequacy Assessment (RAA). The RAA simulates thousands
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of possible years with different weather patterns and resource performance outcomes based on
available historical data. The RAA identifies simulated hours in which some load would go unserved. The
RCA project proposes to accredit resources based on their marginal impact on the amount of unserved
energy over the thousands of simulated years. This quantity is defined as the Marginal Reliability Impact
(MRI). The MRI approach aligns resource accreditation with the calculation of the Installed Capacity
Requirement (ICR) that anchors the demand for capacity in the FCM. MRI values are normalized relative
to the MRI of a perfect capacity resources that is available at all hours of the year without any outages
or operational limitations. The result is the relative MRI (rMRI) value, which when multiplied by
Qualified Capacity (QC) gives the accredited capacity value, called the Qualified MRI Capacity
(QMRIC).*8® Notably, under the MRI approach, resource accreditation values depend on the resource
mix and can change every year. This increases the complexity of modeling capacity market outcomes.

The RCA project also includes updates to how the RAA process accounts for fuel supply limitations.
Historically, fuel supply was modeled without limits such as natural gas pipeline constraints and fuel oil
tank replenishment timelines. As part of RCA, ISO proposes to model limits on available gas supply.
These limits would be based on gas pipeline import capability in addition to forecasted LNG supply.
These new limits on fuel availability would reduce the accreditation values of gas-only resources in the
winter. Preliminary analysis that the ISO has conducted has shown minimal reliability risks in the winter
when gas pipeline constraints tend to be binding. However, ISO is still considering adjustments to how it
models fuel oil replenishment that could shift modeled risk toward the winter months and increase the
impact of ISO’s proposed gas modeling updates. In the future, increasing winter loads associated with
electrification could increase modeled winter risk too.

ISO is also seriously considering adopting a seasonal and/or prompt capacity market design.’®” In a
seasonal market, resources would be accredited, and demand would be calculated separately for each
season (such as summer or winter). In a prompt market, the capacity auction would be held shortly
before the associated Capacity Commitment Period (CCP). While both market design changes are
significant, a move to a seasonal market would have a particularly large effect on the AESC 2024
capacity modeling methodology.

Methodology for AESC 2024

Given the significant uncertainty regarding the future capacity market design in New England, we model
a seasonal capacity market, due to the stated interest of ISO New England in adopting such a design, the
increasing popularity of seasonal market designs in other RTOs and ISOs (NYISO and MISO have seasonal

186 150 New England. July 12, 2022. “Resource Capacity Accreditation in the Forward Capacity Market.” Page 34. Available at:

https://www.iso-ne.com/static-assets/documents/2022/07/a02a_mc_2022 07 12-
14 rca_iso_presentation conceptual design.pptx.

187

ISO presented on the tradeoffs associated with a seasonal and/or prompt capacity market at the August NEPOOL Markets
Committee meeting. ISO New England. Tradeoffs with Alternate FCM Commitment Horizons. August 8-10, 2023. Available
at https://www.iso-ne.com/static-assets/documents/2023/08/a03a_mc_2023 08 08-

10 prompt seasonal tradeoffs presentation.pdf.
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markets, and PJM is considering one), and the ability of seasonal results to be aggregated back up to
annual results if necessary.

EnCompass simulates the capacity market by approximating an auction that includes an administrative
demand curve and a supply curve made up of all resources that remain operating in each year. The
administrative demand curve is specified using three points, which in turn are each designated by a
price and a reserve margin (relative to the peak load). The full demand curve is made by connecting
these three points with two line segments, which approximates the smooth demand curve that ISO New
England uses in its market. The supply curve is based on resource accredited capacities and offer
prices.18 Resources are ordered based on their input offer prices, which are calculated as the difference
between their avoidable costs (fixed costs plus new resources’ levelized capital costs, as described
above in Section 4.5: Anticipated non-renewable resource additions and retirements) and their operating
profits (energy revenues minus fuel and other variables costs). Each resource contributes an amount of
capacity to the supply curve equal to its accredited capacity. EnCompass determines where the
administrative demand curve and the supply curve intersect and sets the capacity price at that point.
EnCompass can simulate a capacity auction as described in this section either on an annual basis or
more frequently (such as on a seasonal basis). The primary inputs into EnCompass’s capacity market
modeling are the individual resource accreditation values and the regionwide reserve requirements.

To account for the changing accreditation values and demand requirements, we develop forecasts of
accreditation values and reserve margins that depend on the resource mix, using an iterative modeling
approach. This approach evaluates accreditation values by conducting Monte Carlo simulations in
EnCompass based on stochastic load and generation data published by ISO New England.*®° Within this
approach, Monte Carlo simulations have been conducted for 2030, 2040, and 2050 to benchmark
reserve margin and accreditation values as the resource mix and load profile changes. We calculate
accreditation values for the remainder of the study period years by interpolating between these three
benchmark years. For each year, we model a base case to determine baseline unserved energy and then
model additional scenarios with 1 MW of each renewable and storage resource type (as well as perfect
capacity) added to calculate each resource type’s impact on unserved energy, and ultimately to
calculate accreditation values. Meanwhile, we calculate reserve margins by summing the amount of
accredited capacity needed for the system to achieve 1 in 10 LOLE. We then input calculated reserve
margin and accreditation values from the Monte Carlo analysis into the primary EnCompass avoided
cost runs for each counterfactual, which shifts the resource mix. Next, we iterate between the Monte
Carlo accreditation runs and the deterministic avoided cost runs until the results converge.

188 More information on supply and demand curves can be found later in this chapter on page 138 and following.

189150 New England. 2022. Variable Energy Resource Data. Available at: https://www.iso-ne.com/system-planning/planning-
models-and-data/variable-energy-resource-data/.
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Post-May 2028 avoided capacity modeling results

As soon as the seasonal market begins to be modeled in 2028, the capacity prices in summer and winter
diverge. Because there is more load in the summer in Counterfactual #1, and the availability of most
resources on the system is similar in the summer and the winter, summer is the season that results in
more risk of generation shortages. As a result, more capacity is required in the summer to achieve the
same reliability target, and when enough capacity is procured for the summer, excess is available in the
winter. This leads to SO per kW-month capacity prices in the winter in our modeling. We note that our
modeling does not currently capture limitations to gas and oil availability in the winter that ISO New
England is planning to incorporate into the RCA accreditation framework, though it is still uncertain how
large of an effect those constraints will have.

Because post-2028 capacity prices are calculated endogenously in the EnCompass model, we perform a
number of post-processing steps to extract detail related to price shifts and reliability metrics, which we
use to estimate capacity DRIPE values and values of reliability. The following sections provide
methodology on how we perform these calculations.

Calculating demand curves

In AESC 2024, we model the capacity market endogenously within EnCompass. This requires the
construction of a capacity demand curve that can be entered into the EnCompass model and used as a
constraint. ISO New England uses an MRI demand curve to procure capacity in the FCM on behalf of
load. While ISO New England’s RCA project will impact the shape and position of the demand curve, ISO
New England is proposing to largely maintain its MRI methodology for developing the demand curve.
That MRI methodology involves calculating a Net ICR that anchors the demand curve.'®® The Net ICR
represents the amount of capacity needed to exactly achieve 0.1 LOLE. The MRI demand curve is
constructed to have a value of Net CONE at the Net ICR capacity quantity. Then, to draw the rest of the
curve, ISO New England calculates the MRI of incremental capacity by calculating expected unserved
energy (EUE) with different amounts of capacity on the system. The value of the MRI demand curve
changes proportionately with the EUE reduction (in hours per year) associated with an incremental MW
of capacity at each quantity of system capacity. In its December 2022 presentation to the Markets
Committee about the RCA proposal, ISO New England noted that conforming changes would need to be
made to the calculation of Net CONE and to the construction of the demand curve to translate both
from Qualified Capacity (QC) space to Qualified MRI Capacity (QMRIC) space.'%! Thus, the two
anticipated changes are that (1) Net CONE will be recalculated to reflect the new accreditation values

190 gee 150 New England FCM 101 training, Lesson 4: Capacity Zones and Demand Curves. Available at: https://www.iso-
ne.com/static-assets/documents/100005/20231024-fcm101-lesson-4-capacity-zones-demand-curves print.pdf.

191

Otto, S., and F. Zhao. December 2022. “Resource Capacity Accreditation in the Forward Capacity Market.” Slide 12.
Available at: https://www.iso-ne.com/static-
assets/documents/2022/12/a02a mc 2022 12 06 08 rca iso design presentation.pptx.
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and (2) the x-axis of the demand curve will be measured in QMRIC (new accreditation) instead of QC (old
accreditation).

For the purposes of our analysis, we use Monte Carlo simulations in EnCompass to calculate the Net ICR
by determining the amount of load that the resource mix can support at exactly 0.1 LOLE.*®2 This Net
ICR value then serves as an input into EnCompass’s internal capacity demand curve. As described earlier
in this chapter, EnCompass simulates the capacity market by approximating an auction that includes an
administrative demand curve and a supply curve made up of all resources that remain operating in each
year. The administrative demand curve is specified using three points, which in turn are each designated
by a price and a reserve margin (relative to the peak load). The full demand curve is made by connecting
these three points with two line segments, which approximates the smooth demand curve that ISO New
England uses in its market. Note that to make the optimization linear, EnCompass takes the two line
segment demand curve and converts it into a step function with five steps per line segment. This results
in discretized capacity price results.

The primary inputs into EnCompass’ capacity market modeling are the individual resource accreditation
values and the regionwide reserve requirements. To account for the changing accreditation values and
demand requirements, we develop forecasts of accreditation values and reserve margins that depend
on the resource mix, using an iterative modeling approach. This approach evaluates accreditation values
by conducting Monte Carlo simulations in EnCompass based on stochastic load and generation data
published by I1SO New England.®3 Within this approach, we conduct Monte Carlo simulations for 2030,
2040, 2050 to benchmark reserve margin and accreditation values as the resource mix and load profile
changes.'%* For each year, we calculate reserve margins by summing the amount of accredited capacity
needed for the system to achieve 1 in 10 LOLE. The reserve margins that achieve 0.1 LOLE correspond to
the Net ICR, and are thus used to anchor the MRI demand curve.

As shown in Figure 37, we need to specify two additional points along the demand curve in EnCompass:
one on either side of the middle point at the Net ICR. To keep the computation feasible within the time
constraints of the AESC 2024 study, we do not conduct additional Monte Carlo simulations to select
these points. Rather, we use the shape of the FCA 18 MRI curve, anchoring it to the Net ICR values that
we calculate for future years under RCA. To determine the point to the left of Net ICR, we use the

192 Note that our analysis includes several simplifications to make the calculations feasible. These include not explicitly
calculating the impacts of tie benefits and OP-4 relief in determining Net ICR, and not recalculating Net CONE with the
assumption that the reference resource, a new gas combined cycle plant, will not be significantly impacted by RCA. (This
last assumption reflects that we do not incorporate winter gas supply limitations in this analysis, though we recognize that
ISO is incorporating these limitations and gas CC resources could see reductions in accreditation as a result that would
impact Net CONE.)

193150 New England. 2022. Variable Energy Resource Data. Available at: https://www.iso-ne.com/system-planning/planning-

models-and-data/variable-energy-resource-data/.

194 \we also explored generating ELCC values for interim years (e.g., 2035 and 2045). We ultimately decided against this due to
the similarity in ELCCs between the three years that were modeled.
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rightmost point on the FCA 18 MRI curve at the auction starting price. For FCA 18, this point is at 30,015
MW, or 1.8 percent below the Net ICR value of 30,550 MW. In our modeling, we assume that the
demand curve reaches the auction starting price at a capacity quantity that is 1.8 percent below Net ICR.
To determine the capacity quantity coordinate of the point to the right of Net ICR on the MRI curve, we
use the point at which the FCA 18 demand curve reaches a price of $1/kW-month.'®> To the right of this
point, the FCA 18 MRI curve is flat and close to zero. This occurs at a capacity quantity of 32,610 MW,
which is 6.7 percent greater than Net ICR. In EnCompass, we specify the third point on the MRI curve to
be the point with a capacity quantity coordinate 6.7 percent greater than Net ICR and a price coordinate
of $0/kW-month (EnCompass requires the third point along the demand curve to have a price of $0/kW-
month). Figure 38 shows an illustrative demand curve as used as an input to AESC 2024, and how it
compares with the analogous MRI curve.

Figure 37. EnCompass capacity demand curve inputs
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195 One could conceptualize an alternative approach where this datapoint is more generalized relative to Net CONE (e.g., 90%

below Net CONE). The methodology described in the above text was chosen given the time constraints of the AESC 2024
study.

Synapse Energy Economics, Inc. AESC 2024 147



Source: Reproduced from the EnCompass user guide.

Figure 38. Example capacity demand curve (with unchanged Net ICR) relative to FCA 18 demand curve
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Supply curve methodology

To calculate capacity DRIPE, reliability value, and other capacity-related avoided costs, we need to
identify the shape of the supply curve. To calculate the supply curve in each season, we take a
resource’s energy revenues from our modeling results as fixed, and then calculate its capacity bid based
on the missing revenue needed to recover all fixed and variable costs. In other words, we subtract
energy revenues from fixed costs for each season, and then divide this “missing money” quantity by the
resource’s accredited capacity in the season.'®® Once each resource’s capacity bid is calculated for each
season, we can order the resources from lowest to highest offer price to form a supply curve. To
calculate the slope of the supply curve at different points along the curve, we estimate the slope over a
local portion of the supply curve as specified by a percentile range of total firm capacity in the supply
curve. ¥’

The EnCompass model’s handling of the capacity market and supply curves (which is predicated on the
outcome of modeling results) is different than the method used to determine the supply curve in the
current auction approach (which is predicated on observations from completed auctions). Under the
current auction approach, we have information about all resources that participated in the auction,
whether they cleared the auction or not. That supply curve is also based on real data (rather than

196 Determining static supply curves for capacity is necessary to make the calculation of capacity DRIPE and other related
values feasible. However, we note that an incremental 1 MW of energy efficiency would impact energy prices, summer
capacity prices, and winter capacity prices all at once, which would cause shifts in the summer and winter capacity supply

curves (in addition to the shift along the curve) because energy revenues and other-season capacity revenues impact
seasonal resource capacity bids.

197 Specifically, we look at data points within +/-100 MW of the clearing price (or however close is possible to be estimated

given the results of the particular year and counterfactual) and determine an average supply curve slope. This MW spread
is used in order to avoid noisy data and to be a better reflection of a portfolio-sized energy impact.
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approximate modeled data), reflecting the expected realities of what capacity auction participants think
their resources will experience in terms of all electricity market costs and revenues. In contrast, in years
for which we depend on EnCompass to estimate capacity prices, we only have data on the resources
that actually cleared the auction. In EnCompass, the resources that do not clear the auction retire and
therefore do not contribute to the supply curve. Furthermore, our modeled version of this market uses
simplified assumptions to estimate energy revenues and costs. Resources that are retained by the model
but have higher implied capacity bids are kept running for other non-quantifiable reasons (e.g., if the
resource were to retire, capacity prices in that year or some other year would be much higher). Finally,
because the model breaks the supply curve into “steps” in order to reduce solve time, it means that the
capacity prices are staggered at discrete breakeven points (roughly $2/kW-month). This means that,
compared to a model that had a continuous supply cure function, in some years EnCompass may
overestimate capacity prices while in other years it may underestimate capacity prices.

Aggregate results

Resulting capacity prices are shown in Table 63. Counterfactuals such as Counterfactual #1 that assume
no new energy efficiency measures installed after 2023 rely on an estimation of what capacity prices for
the most recent auctions would have been without the inclusion of that energy efficiency. Other
counterfactuals, such as Counterfactual #5, assume a continuation of energy efficiency installations and
rely on the actual capacity prices. Despite this difference in methods, because recent auctions have
tended to clear on very flat parts of the supply curve, there tend to be very only minor differences in
results for capacity prices in the near term. These are the avoided capacity costs used for cleared
resources.

Prices in Table 63 are shown in units of S per kW-month, as this is the unit predominantly used in the
current capacity market. However, under the future capacity market structure, which is seasonal, it is
likely more intuitive to think about prices in S per kW-season terms. Later tables and figures in this
section that focus on the latter years of the study period use this unit instead.
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Table 63. Comparison of capacity prices in Rest-of-Pool (2024 $ per kW-month)

] Actual AESC 2024
Comml.tment but for
: Jun';etr('f&ay) N CF#2  CF#3  CF#a
2023 EE
2024/2025 15  $2.61  $2.66 | $2.66  $2.61  $2.66  $2.61  $2.61 $2.61 | $3.10
2025/2026 16 $2.53  $2.53 | $253  $253  $253  $2.53  $2.53 $2.53 | $3.07
2026/2027 17 $2.48  $2.48 | $2.48  $248  $2.48  $2.48  $2.48 $248 | $3.25
2027/2028 18 $248  $248  $248  $2.48  $2.48 $248 | $3.51
2028/2029 19 $257  $142  $142  $283 142 $425 | $3.72
2029/2030 20 $2.83  $1.42  $283  $425  $2.83 $5.66 | $4.06
2030/2031 21 $425  $142  $283  $425  $2.83 $5.66 | $3.86
2031/2032 22 $425  $142  $2.83  $425  $1.42 $5.66 | $4.15
2032/2033 23 $5.66  $2.83  $566  $5.66  $4.25 $7.08 | $4.40
2033/2034 24 $5.66  $2.83  $425  $566  $2.83 $5.66 | $4.36
2034/2035 25 $7.08  $566  $566  $8.49  $7.08 $4.25 | $5.27
2035/2036 26 $5.66  $566  $2.83  $7.08  $8.49 $7.08 | $4.13
2036/2037 27 $425  $425  $142  $425  $7.08 $425 | n/a
2037/2038 28 $7.08  $566  $5.66  $7.08  $7.08 $5.66 | n/a
2038/2039 29 $7.08  $7.08  $425  $7.08  $7.08 $849 | n/a
2039/2040 30 $5.66  $5.66  $5.66  $5.66  $7.08 $5.66 | n/a
2040/2041 31 $10.53  $5.66  $566  $5.66  $9.51 $425 | n/a
2041/2042 32 $7.08  $566  $5.66  $4.25  $8.49 $5.66 | n/a
2042/2043 33 $5.66  $425  $7.08  $2.83  $9.51 $425 | n/a
2043/2044 34 $7.08  $566  $7.08  $2.83  $9.51 $425 | n/a
2044/2085 35 $7.08  $566  $7.08  $2.83  $9.51 $2.83 | n/a
2045/2046 36 $9.51  $7.08  $566  $2.83  $8.49 $425 | n/a
2046/2047 37 $9.51  $849  $7.08  $2.83  $7.08 $283 | n/a
2047/2048 38 $11.94  $849  $566  $2.83  $5.66 $283 | n/a
2048/2049 39 $8.49  $8.49  $7.08  $2.83  $7.08 $2.83 | n/a
2049/2050 40 $849  $566  $7.08  $425  $9.51 $2.83 | n/a
2050/2051 $7.08  $566  $5.66  $2.83  $7.08 $283 | n/a

15-year

. $3.60 $3.66 $5.02 $4.51
levelized cost

Percent
difference

-9% -8% 27% 14%

Notes: Levelization periods are 2024/2025 to 2038/2039 for AESC 2024 and 2021/2022 to 2035/2036 for AESC 2021. Real
discount rate is 1.74 percent for AESC 2024 and 0.81 percent for AESC 2021. Values for “Actual” and “Actual but for post-2020
EE” are calculated based on Rest-of-Pool. Data on clearing prices for other counterfactuals and regions can be found in the AESC
2024 User Interface. Future costs for Counterfactual (CF) #1 are summer capacity prices, for the months of June through
September. Capacity prices for 2028—-2050 are weighted four months for summer prices and eight months for winter prices.

Longer term, capacity prices are subject to the seasonal RCA and produce a summer price that is paid for
four months and a winter price that is paid for eight months. Table 63 illustrates a series of combined
prices, where summer and winter prices are each weighted by the number of months for which they are
paid. Counterfactual #1 is summer peaking throughout the study period, but winter peaks approach
summer peaks late in the study period to a degree that elicits capacity prices in both seasons. On a 15-
year levelized basis, the capacity prices in AESC 2024’s Counterfactual #1 are 19 percent higher than

- Synapse Energy Economics, Inc. AESC 2024 150



what was projected in AESC 2021.1°8 This is largely due to increases in demand alongside near-term
plant retirements (e.g., Mystic and Merrimack), and diminishing ELCCs for clean energy.

Compared to Counterfactual #1, Counterfactual #2’s peaks are lower, with more exogenous firm
capacity from BTM storage and demand response resources. This extra-firm capacity leads to lower
capacity prices. As in Counterfactual #1, winter peaks approach summer peaks late in the study period,
with capacity prices for both seasons appearing in the early 2040s.

Meanwhile, Counterfactual #5 experiences a shift from summer to winter peaking in the mid-2030s. It
features summer-only capacity prices in the near term, both summer and winter prices in the 2030s, and
winter-only prices through 2050. Because capacity prices in the near term are slightly lower than in
Counterfactual #1 (due to Counterfactual #5’s inclusion of energy efficiency) and are higher in the long
term (due to higher peaks), the 15-year levelized cost ends up being similar to Counterfactual #1.

Counterfactual #3 displays prices that are different from Counterfactual #5, despite their similarity in
terms of load components. This counterfactual does not include any energy efficiency measures but
does include building electrification measures. As a result, it has the highest seasonal peaks of any
modeled scenario. Because of these high peaks, the model builds quantities of gas capacity that exceed
those built in any other scenario. Because each single gas capacity addition is large, these additions lead
to larger reserve margins (i.e., larger than they would be if the “perfect” amount of capacity could have
been added), which leads to lower capacity prices. Furthermore, beginning in the late 2030s,
Counterfactual #3 has system stress periods that occur outside of peak load times. While this
phenomenon is present to some extent in the other winter peaking scenarios, the lack of energy
efficiency measures intensifies the issue in this counterfactual. Therefore, in some years, energy
requirements drive gas additions, as opposed to capacity requirements. As a result, Counterfactual #3
contains capacity additions beyond the bare minimum required by capacity market economics, leading
to lower capacity prices. Importantly, these decisions are made with the model looking at the entire
modeling time horizon (sine the model has “perfect foresight”), which means that some decisions may
look uneconomic in the near-term but are in fact economic when considering the entire study period.

Counterfactual #4 has the same load components as Counterfactual #5, without the BTM storage
resources and demand response resources. Absent this exogenous firm capacity, the near-term reserve
margin is slightly lower, which causes higher near-term summer capacity prices. Counterfactual #4
builds one additional gas combined cycle plant in 2035 than Counterfactual #5. This extra combined
cycle plant has a slightly greater capacity than the exogenous firm capacity and demand response

198 At the time of this writing, there are few other published studies against which to benchmark our results. One such example
is a December 2023 study published by Analysis Group, focused on projecting capacity costs in FCA 18 alone (see Capacity
Market Alternatives for a Decarbonized Grid: Prompt and Seasonal Markets Discussion of Draft Results. Analysis Group.
December 13, 2023. Available at https://www.iso-ne.com/static-
assets/documents/100006/a03b _mc 2023 12 12 14 alternative fcm commitment horizons agi presentation.pdf.) We
note that this study (slides 54 and 57) indicates results that are broadly in line with our own findings, with the higher
clearing prices indicated by this study perhaps caused by that study’s higher peak demand assumptions, compared to AESC
2024’s Counterfactual #1.
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resources in Counterfactual #5. Therefore, Counterfactual #4 has a slightly higher reserve margin and
lower capacity prices in 2035. In the latter section of the study period, Counterfactual #4 continues to
build a mix of batteries, peaker power plants and combined cycle power plants in place of the
exogenous firm capacity present in Counterfactual #5. Similar to Counterfactual #3, the “lumpy” nature
of these capacity additions leads to larger reserve margins and correspondingly lower capacity prices.

In Counterfactual #6, in comparison with Counterfactual #5, the absence of the non-programmatic BTM
storage prevents the retirement of 227 MW of steam turbines in 2028 and shifts the addition of the first
new gas combined cycle plant forward from 2035 to 2028. This results in a similar market effect to
Counterfactual #4. In the near-term, the absence of exogenous firm capacity leads to higher capacity
prices, though not yet high enough to justify new capacity additions, from a total system cost
optimization perspective. By 2033, capacity prices are high enough to drive new power plant additions,
leading to a jump up in the reserve margin.

The following section delves deeper into the drivers that cause some of the capacity price outputs
observed in the modeled counterfactuals. In the next section, Table 64 displays the seasonal capacity
prices for all scenarios in tabular form under the new capacity market structure (which begins in FCA 19,
or 2028), while Figure 41 compares these capacity prices with each scenario’s peak demand forecast and
estimated reserve margin.

In one year, in one counterfactual (out of the 138 years capacity prices are estimated across all six
counterfactuals), the capacity price clears at a level that is below EnCompass’ lowest threshold for
estimating capacity prices. In this single year, we use the slope of the supply curve from the most
recently completed auction to estimate capacity prices.

Understanding capacity market dynamics

The capacity market has several related inputs that interact and contribute to fluctuations in the
clearing price from year to year. Here, we outline the general principles that impact capacity market
dynamics and discuss how those principles play out in a few different modeled years.

Fundamentally, seasonal capacity market prices are reflective of the system’s seasonal reserve margin.
In AESC 2024, we define the seasonal reserve margin to be the ratio of MW of firm capacity (as opposed
to nameplate capacity) to the MW demand in the peak hour of that season. We conducted a stochastic
analysis to calculate technology specific capacity accreditations, or effective load carrying capacities
(ELCCs), which we then used to calculate firm capacities (see “Avoided capacity methodology for June
2028 and later” section above). This process uses marginal ELCCs, which represent the incremental
reliability that one additional megawatt (MW) of nameplate capacity would provide. Marginal ELCCs
indicate the capacity contribution that one unit addition of a specific technology would provide during
times of system stress. They are calculated by comparing the reduction in unserved energy due to one
incremental MW of a given technology to the reduction in unserved energy that one MW of perfect
capacity would result in. Critically, system stress times may not necessarily be correlated with peak load
hours, especially as intermittent resource penetration increases. When this is the case, resources may
outperform their accredited capacities during the season’s peak load hours. As a result, reserve margins
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calculated using firm capacities can be significantly lower than reserve margins calculated using
nameplate capacities. In some cases, reserve margins may be near zero or even negative if the load
during system stress times is lower than peak load.

When the system has a lower reserve margin, the grid is tight on firm capacity, so the market clears at a
higher price. When the system has a higher reserve margin, the grid has excess firm capacity, so the
market clears at a lower price.

To understand the fluctuations in the capacity market price on an annual basis, it is important to
consider changes to the reserve margin that have occurred relative to the previous year. Changes in the
reserve margins are driven by (1) changes in peak load and (2) changes in firm capacity. In general, if the
peak load increases by a greater amount than the firm capacity increases, the reserve margin will
decrease, resulting in a higher capacity market clearing price relative to the previous year. If the firm
capacity increases by a greater amount than the peak load, the reserve margin will increase, and the
capacity market will clear at a lower price.

In modeling, as in reality, there are several factors that can lead to unpredictable capacity market
results. We used full optimization settings in the capacity expansion step of our modeling, meaning the
model is able to “see” the entire study time period when it is making decisions regarding resource
builds. While results for a single year may sometimes appear uneconomic when considered in isolation,
systemwide results considered over the entire study period will always be economic. This is reflective of
actual planning processes, where entities will consider future market projections when making major
investment decisions, as opposed to just thinking one year at a time. Another factor is the “lumpiness”
of resource builds and retirements. Fossil power plants tend to be relatively large relative to the size of
the New England market, and the addition or retirement of a few large power plants can materially
impact the reserve margin. This inherent lumpiness of resource builds, combined with the ability of the
model to consider future system needs, means that the model may sometimes add capacity earlier than
necessary, if it will be needed in the future.

By examining a few demonstrative modeled years, we can understand how the principles described
above apply in practice. Figure 39 illustrates how key variables change over time in Counterfactual #1.
Since Counterfactual #1 is a summer peaking system throughout the study period, we focus on analyzing
summer results for this counterfactual. Counterfactual #5 results are discussed afterwards to illustrate
how these principles apply in a market that undergoes a transition to winter peaking.
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Figure 39. Trends in summer capacity prices and year-on-year changes in summer firm capacity and summer
peak load for Counterfactual #1.
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Notes: Year-on-year change in firm capacity includes all endogenous and exogenous resource additions and retirements.

Consider the following time periods in Figure 39 above (highlighted in grey):

e 2033 to 2034: Capacity prices increase from 2033 to 2034. During this time period, we observe
peak loads increasing by a greater magnitude than the increase in firm capacity. As a result, the
reserve margin in 2034 is lower than the reserve margin in 2033, causing the market to clear at a
higher price.

e 2039 to 2041:

o 2039 to 2040: Capacity prices increase significantly from 2039 to 2040. Between these
two years, we observe a substantial increase in peak load, but a very small increase in
firm capacity. This causes the reserve margin to decrease, leading to high prices.
However, despite the capacity market clearing at a high price, the price is not yet high
enough to drive new builds in 2040. This is because the reserve margin in the 2036-2039
era was relatively high, which led to some buffer for the reserve margin. In other words,
there was room for the reserve margin to decrease after 2039 without the need for new
builds.

O 2040to 2041: From 2040 to 2041, there is a moderate increase in peak load. Since the
reserve margin in 2040 was already low, this increase in peak loads consumes the
remaining buffer. As a result, there is a substantial buildout of net firm capacity in 2041,
which increases the reserve margin, driving prices down.

e 2047 to 2049:

o 2043 to 2047: In 2047, capacity prices reach a local peak. The substantial buildout of
capacity that occurred in 2041 increases the reserve margin at the start of the 2040s,
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but this room is reduced over the course of the 2040s as firm additions are made at a
slower rate than peak demand growth occurs. This leads to a gradual decay in the
reserve margin from 2043 through 2047 and gradually higher capacity prices.

o 2047 to 2048: Capacity prices decrease significantly from 2047 to 2048, without
significant net firm capacity additions. This is because this time period is one of the few
instances where peak load decreases year-on-year in Counterfactual #1. At the same
time, the quantity of firm capacity does not significantly change year-on-year. This leads
to a higher reserve margin, which produces a lower capacity price.

o 2048 to 2049: While there is a significant increase in load in 2049, this is almost exactly
matched by an increase in firm capacity. This results in capacity market prices staying
constant from 2048 to 2049.

For a second example, consider Figure 40, which depicts changes in winter capacity prices, peak loads,
and firm capacity for Counterfactual #5. Unlike Counterfactual #1, Counterfactual #5 transitions to a
winter peaking system starting in 2034. In general, over the entire study period, prices in Counterfactual
#5 tend to be higher and more stable than prices in Counterfactual #1. While year-on-year changes in
winter peak demand fluctuate, they mostly fluctuate considerably above zero. Firm capacity additions
are usually right below, or right around, the year-on-year changes in peak demand. Reserve margins are
tighter, since just enough capacity is being added to maintain reliability.

Figure 40. Trends in winter capacity prices and year-on-year changes in winter firm capacity and winter peak
load for Counterfactual #5

$150 2034 - 2037 2040 - 2044 2045 - 2049
$125
$100
$75
$50

$25

2024%$/kW-season

$0

-$25

Winter Capacity Price

Summer Capacity Price /
YoY Change in Winter Peak Load

-$50 Summer | Winter
peaking | peaking

-$75
2028 2031 2034 2037 2040 2043 2046 2049
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Consider the following time periods in Figure 40 above (highlighted in grey):

e 2034 to 2037:
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o Pre-2034: From 2028 through 2033, the system is summer peaking, and the
winter capacity market clears beyond the winter maximum reserve margin, at
zero dollars. As the winter peak increases, winter reserve margins decrease,
eventually producing a low winter capacity market price in 2034.

o 2034 to 2037: From 2034 through 2036, the summer and winter peak are close
together, so there are nonzero capacity prices in both seasons. However, as
building electrification load continues to increase, the winter peak increases
past the summer peak. In 2037, firm capacities built to serve winter energy are
so large relative to the summer peak that the summer capacity price falls to
zero. During this period, the winter peak increases are consistently greater than
the firm capacity additions, so capacity prices rise steadily.

2040 to 2044: Prices are high and relatively stable from 2040 through 2044. In 2040, we
see a slight price increase where growth in demand outpaces growth in firm capacity,
but this is followed by a slight decrease when the converse occurs in 2041. In general,
cumulative capacity additions are similar in magnitude to the cumulative changes in firm
capacity that occur during this period. Reserve margins stay around the same level, so
capacity prices follow suit.

2045 to 2049:

O 2045 to 2047: Three consecutive years of greater increases in winter firm
capacity relative to year-on-year changes in winter peak loads drive the reserve
margin up. This causes capacity prices to fall.

o 2048 to 2049: Capacity prices rise back up to their previous high level during this
period as comparatively less firm capacity is added. Prices peak in advance of a
significant capacity addition in 2050.
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Figure 41. Comparisons of capacity prices, peak demand, and reserve margins across all modeled scenarios during the new capacity market structure period
(post-FCA 18)

CF#1 CF#2 CF#3 CF#4 CF#5 S#I| S#2

Summer,
values

@
5 3

Capacity Prices
(2024 $/kW-year)
n
$§88s

Winter
$20 volues /—

g

30

AR

20

30%

20%

\
N L
NN

ol

Reserve Margin
(%)
$ @
//
{t
Slf()/

-10%

@O ~N O @0 ™~ O W~ O @ ~N O @ @ ™~ O o~ O (- -] @ ~N O
23283¥E 822%:%% SRR 3 S22F%F 232%8%2 S228%% S228X¥ S22%%%
NN AN NN N NN N N NN NN N NN ™ N AN AN AN AN NN N NN ™ NN NN ™ NN N N NN NN N N NN

. Synapse Energy Economics, Inc. AESC 2024 157



Table 64. Seasonal capacity prices for all modeled scenarios during the new capacity market structure period (post-FCA 18) (2024 $/kW-year)

Summer Winter

Year | FCA #

CF#1  CF#2  CF#3  CF#4  CF#5  CF#6 S#1 S#2 CF#1  CF#2  CF#3  CF#4  CF#5  CF#6 S#1 S#2
2028 19 $31 $17 $17 $34 $17 $51 $17 $17 ) ) S0 S0 S0 S0 S0 S0
2029 20 S34 $17 $34 $51 $34 $68 $34 $34 S0 S0 S0 S0 S0 S0 S0 S0
2030 21 S51 $17 $34 $51 $34 $68 $51 $34 ) ) S0 S0 S0 S0 S0 S0
2031 22 S51 $17 $34 $51 $17 $68 $51 $17 ) ) S0 S0 S0 S0 S0 S0
2032 23 $68 $34 $68 $68 $51 $85 $85 $34 S0 S0 S0 S0 S0 S0 S0 S0
2033 24 S68 $34 $51 $51 $34 $51 $85 $17 S0 S0 S0 $17 S0 $17 S0 S0
2034 25 $85 $68 $68 $85 $68 $51 $85 $51 S0 S0 S0 $17 $17 SO S0 S0
2035 26 $68 $68 $17 $34 $34 $34 $85 $17 S0 S0 S17 $51 $68 $51 S0 $51
2036 27 S51 $51 SO S0 $17 S0 S68 S0 S0 S0 $17 $51 $68 $51 S0 $17
2037 28 $85 $68 SO S0 S0 S0 $85 S0 S0 S0 S68 $85 $85 $68 S0 $51
2038 29 $85 $85 S0 S0 S0 $17 $85 S0 S0 S0 $51 $85 $85 $85 S0 $34
2039 30 S68 $68 SO S0 S0 S0 S68 S0 S0 S0 S68 $68 $85 $68 S0 $34
2040 31 $126 $68 SO S0 S0 S0 $85 S0 S0 S0 S68 $68 S114 $51 S0 $17
2041 32 $85 $68 S0 S0 S0 S0 $85 S0 S0 S0 $68 $51 $102 $68 S0 $34
2042 33 S68 $51 SO S0 S0 S0 $85 S0 S0 S0 $85 $34 S114 $51 S0 $34
2043 34 S85 $68 SO S0 S0 S0 $85 S0 S0 S0 $85 $34 S114 $51 S0 $34
2044 35 $85 $51 S0 S0 S0 S0 $85 S0 S0 $17 $85 $34 $114 $34 $17 $17
2045 36 $114 $85 SO S0 S0 S0 $114 S0 S0 S0 S68 $34 $102 $51 S0 $34
2046 37 $114 $85 SO S0 S0 S0 $85 S0 S0 S17 $85 $34 $85 $34 S0 $34
2047 38 $126 $85 ) S0 S0 S0 $85 S0 $17 $17 S68 $34 $68 $34 S0 $17
2048 39 $85 $68 S0 S0 S0 S0 S68 S0 S17 S34 $85 $34 $85 $34 S17 $34
2049 40 $85 $51 S0 S0 S0 S0 $85 S0 S17 S17 $85 $51 S114 $34 S34 $34
2050 41 S68 $51 S0 S0 S0 S0 $68 $0 $17 $17 S68 $34 $85 $34 S17 $17
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5.2. Uncleared capacity calculations

Any load reduction that clears provides avoided capacity costs in the year in which the resource
participates in the capacity auction. For example, if a program administrator has bid 1 MW into FCA 17
and expects to deliver that 1 MW starting in the summer of 2026 (the beginning of the FCA 17
commitment period) that benefit will receive the full avoided capacity cost benefit starting in 2026.
Likewise, if this measure is re-bid into each subsequent auction for the duration of its life, it will receive

an avoided capacity cost equal to the market clearing price for all future years.®®

But not all resources are bid into the FCA. Program administrators may choose to claim lower savings
from new installations until the program is approved, funding is more certain, or the rate of installation
is better known. Other measures, such as building electrification measures, affect the demand
constraint, rather than supply constraint and cannot be bid. Thus, a program administrator may bid

some (or only a portion) of the anticipated capacity into the FCA.2%°

This remaining capacity is known as “uncleared” capacity. Unlike cleared capacity, the benefit associated
with this resource is not simply the capacity price multiplied by the resource’s capacity. Instead,
uncleared capacity utilizes a “phase-in” and “phase-out” schedule that approximates how the impacts of
these resources are indirectly captured in the development of inputs to ISO New England’s FCM.

Phase-in

Each year, ISO New England generates a demand forecast using a complex regression analysis of load,
weather, and a time trend over multiple years of historical summer (primarily July and August) daily
peak loads. As load reductions from uncleared efficiency programs appear in the model’s data, forecasts
of capacity requirements (i.e., load) are reduced.?®! Because each annual capacity auction is performed
three years in advance of a commitment period, and because there is a lag in terms of when changes to
load appear in the load forecast used for a capacity auction, we assume that benefits from uncleared
capacity do not start until five years after their installation date. Table 66 describes a hypothetical
timeline where a measure is installed in 2024 but does not produce an impact on the capacity market
for another five years.

199 Expired measures are not bid into the market and do not receive a capacity price. In AESC 2024, these expired measures are
assumed to be replaced with measures of an equivalent level of efficiency and are accounted for in the conventional load
forecast. This results in them being taken into account of the demand side of the capacity market calculation in future
years.

200 5 long as it is “qualified” to participate in auctions (per ISO New England’s definition and rules), the uncleared portion of

the resource may be later bid into monthly annual reconciliation auctions (MRA) and annual reconciliation auctions (ARA),
as well as for the FCAs for later commitment periods. In general, ARA prices are lower than FCA prices; for the ARAs
completed for the commitment periods ending in 2013 to 2016, the first ARA averaged about 54 percent of the FCA price,
the second ARA averaged 38 percent, and the third ARA averaged 39 percent.

201 The effect of the load reduction on the coefficients of the weather variables is less predictable and depends on the weather

conditions on the days affected by the program.
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Table 65. lllustration of when uncleared capacity begins to have an effect

2024 Measure is installed and begins to reduce load.

2025 ISO New England publishes a load forecast that is partially impacted by the load reductions
installed in the previous year.

2026 An annual capacity auction occurs (effective three years from now in 2024). The demand curve
in this auction is based on the load forecast made in the previous year.

2027 -

2028 -

2029 The year the prices from the capacity auction take place. The uncleared measure now begins

to have an impact.

Meanwhile, Table 66 describes a hypothetical timeline where a measure is installed in 2028, the first
year of the new market structure. This timeline has been shortened from five years because we assume
ISO New England adopts a prompt auction structure. In a prompt market, the phase-in timeline is
accelerated by three years relative to a three-year forward market. In the example shown in Table 66,
the auction held in 2030 would procure capacity for the year beginning in June 2030, and thus the
phase-in would begin just two years after the installation of the measure.

Table 66. lllustration of when uncleared capacity begins to have an effect

2028 Measure is installed and begins to reduce load.

2029 ISO New England publishes a load forecast that is partially impacted by the load reductions
installed in the previous year.

2030 Early 2030: An annual capacity auction occurs. The demand curve in this auction is based on

the load forecast made in the previous year.
June 2030: The year the prices from the capacity auction take place. The uncleared measure
now begins to have an impact.

Phase-out

However, once impacts begin, they are discounted to some degree. The phase-in of these impacts is
non-linear, depending on the duration of load reductions and when in the 15-year dataset the
reductions occur. The following paragraphs illustrate two examples of this phenomenon.

Figure 42 illustrates how a measure with a one-year measure life may impact the load forecast used in
the FCM In each panel: the black dots illustrate historical load data, with the right-most dot representing
data from the most recent historical year. The red line is a simple best-fit linear regression continuing for
several years into the future. The first panel shows a base case with 15 years of data and no reduction in
load. The second panel shows the effect of a one-year load reduction on a linear regression when that
load reduction occurs in the most recent historical year. The third panel shows an alternate situation,
where the one-year load reduction occurred two years in the past. The final panel shows a situation
where the one-year load reduction has occurred five years in the past. These examples show that the
single-year load reduction has the largest impact on the forecast when it is at the end of the data, in the
most recent past year. When the reduction has aged, the impact on the forecast is more modest. This is
because the critical point is more towards the center of the 15-year time series rather than on the edge.
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Figure 42. lllustrative impacts of a single-year load reduction on the peak forecast
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In a second example, Figure 43 depicts the impact of a load reduction with a five-year measure life. This
measure is illustrated at having been installed at various times: not at all in the first panel, one year ago
in the second panel, two years ago in the third panel, and five years ago in the final panel. The program’s
effect on the load forecast (the red line) increases with multiple years of operation. The longer a

measure is in effect, the flatter the resulting trend line.

Figure 43. lllustrative impacts of a five-year load reduction on the peak forecast
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Load forecast effect schedule

The above observations lead us to a set of conclusions:

In reality, we would expect the capacity market to respond to the cumulative effect of each program on
the load forecast (and hence the demand curve used in the auction). Because of the complexity
associated with these forecast reductions, we approximate the incremental phase-in schedule using
simplified blocks (see Table 68). We assume that the first year a one-year measure produces an impact
on the load forecast, the uncleared capacity benefit is scaled by 30 percent. In the following three years,
the benefit is scaled by 20 percent. In the fourth year, the benefit is scaled by 10 percent, and by the
fifth year, we assume the benefit is erased completely. These simplified blocks are the same ones used
in previous AESC studies, which were developed via consensus through discussions with the Study

Group.
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Table 67. Load forecast effect schedule for a measure with a one-year lifetime installed in 2024

Percent of uncleared capacity impact in place

2024 0%
2025 0%
2026 0%
2027 0%
2028 0%
2029 30%
2030 20%
2031 20%
2032 20%
2033 10%
2034 0%
2035 0%
2036 0%
2037 0%
2038 0%

Just as the phase-in described above is assumed to be shifted three years earlier under the new market
structure, we assume that the load forecast effect (LFE) schedule is also shifted forward three years (see

Table 68).

Table 68. Load forecast effect schedule for a measure with a one-year lifetime installed in 2028

Percent of uncleared capacity impact in place

2028 0%
2029 0%
2030 30%
2031 20%
2032 20%
2033 20%
2034 10%
2035 and later years 0%

However, because we assume these effects are driven by the cumulative impact of a measure, if a
measure produces savings for multiple years, it will have a greater and more sustained price effect. In
general, we assume the same kind of LFE effect in AESC 2024 as we did in AESC 2021. However, the
structure is more complex due to the switch in capacity market structures.

First, Table 69 shows the schedule assumed for measures with lifetimes varying from one to ten years,
under a future in which there is no new capacity market.2%? Each successive phase-in column has the
same series of values (equal to the effect of a one-year program), offset by one year. The percentage of

202 g6 the AESC 2024 User Interface for a detailed schedule of uncleared capacity DRIPE effects for measures lasting one
through 35 years.
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the actual load reduction integrated into the forecast is the sum of the effect from each program
year.2%3 For example, in 2030, the assumed effect is equal to 50 percent, or the sum of the 2029 impact
from a one-year program and the 2030 impact from a one-year program.

Table 69. Load forecast effect schedule for uncleared capacity value for measures with L lifetimes installed in
2024, assuming no new market structure

2024 0% 0% 0% 0% 0% 0% 0% 0% 0% 0%
2025 0% 0% 0% 0% 0% 0% 0% 0% 0% 0%
2026 0% 0% 0% 0% 0% 0% 0% 0% 0% 0%
2027 0% 0% 0% 0% 0% 0% 0% 0% 0% 0%
2028 0% 0% 0% 0% 0% 0% 0% 0% 0% 0%
2029 30% 30% 30% 30% 30% 30% 30% 30% 30% 30%
2030 20% 50% 50% 50% 50% 50% 50% 50% 50% 50%
2031 20% 40% 70% 70% 70% 70% 70% 70% 70% 70%
2032 20% 40% 60% 90% 90% 90% 90% 90% 90% 90%
2033 10% 30% 50% 70% 100% 100% 100% 100% 100% 100%
2034 0% 10% 30% 50% 70% 100% 100% 100% 100% 100%
2035 0% 0% 10% 30% 50% 70% 100% 100% 100% 100%
2036 0% 0% 0% 10% 30% 50% 70% 100% 100% 100%
2037 0% 0% 0% 0% 10% 30% 50% 70% 100% 100%
2038 0% 0% 0% 0% 0% 10% 30% 50% 70% 100%

Note: Measures installed in subsequent years use the same schedule, but shifted by an appropriate number of years (e.g., a
measure installed in year 2025 would see effects beginning in year 2030). Note that effects for measures with measure lives of
six years or greater continue to phase out after 2038. Because of this, the AESC 2024 User Interface calculates these effects
through 2060 for each individual year, rather than extrapolating values.

However, we are assuming a switch to a new capacity market in 2028. This market utilizes a prompt
structure, which for the purposes of the LFE schedule, means that effects are shifted three years early
(see Table 70). This means that some market effects are actually shifted before the 2028 market
changeover. As a result, these market benefits are “lost” and cannot be counted by any measure. In
other words, a shift from a three-year-ahead market to a prompt market means that three years of load
regressions, and their associated benefits become lost. Measures installed in 2028 and following years
would realize the full time series of market benefits.

203 g modeling is a simplification to facilitate screening. In some simple trend-line examples, the forecast can actually fall by

slightly more than the full load reduction in some years. Given the effects of other variables on the regression equation,
and the uncertainties in the decay schedule, greater complexity in modeling the capacity DRIPE effect does not seem
warranted.
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Table 70. Load forecast effect schedule for uncleared capacity value for measures with L lifetimes installed in
2024, assuming a new market structure active in 2028

2024 0% 0% 0% 0% 0% 0% 0% 0% 0% 0%
2025 0% 0% 0% 0% 0% 0% 0% 0% 0% 0%
2026 30% 30% 30% 30% 30% 30% 30% 30% 30% 30%
2027 20% 50% 50% 50% 50% 50% 50% 50% 50% 50%
2028 20% 40% 70% 70% 70% 70% 70% 70% 70% 70%
2029 20% 40% 60% 90% 90% 90% 90% 90% 90% 90%
2030 10% 30% 50% 70% 100% 100% 100% 100% 100% 100%
2031 0% 10% 30% 50% 70% 100% 100% 100% 100% 100%
2032 0% 0% 10% 30% 50% 70% 100% 100% 100% 100%
2033 0% 0% 0% 10% 30% 50% 70% 100% 100% 100%
2034 0% 0% 0% 0% 10% 30% 50% 70% 100% 100%
2035 0% 0% 0% 0% 0% 10% 30% 50% 70% 100%
2036 0% 0% 0% 0% 0% 0% 10% 30% 50% 70%
2037 0% 0% 0% 0% 0% 0% 0% 10% 30% 50%
2038 0% 0% 0% 0% 0% 0% 0% 00% 10% 30%

Note: Measures installed in subsequent years use the same schedule, but shifted by an appropriate number of years (e.g., a
measure installed in year 2025 would see effects beginning in year 2030). Note that effects for measures with measure lives of
six years or greater continue to phase out after 2038. Because of this, the AESC 2024 User Interface calculates these effects

through 2060 for each individual year, rather than extrapolating values.

Reserve margin requirements

Each year ISO New England calculates a Net ICR that represents the target amount of capacity to be
purchased in the Forward Capacity Auction in order to plan for a system that meets the accepted
standard for resource adequacy. While the actual amount of capacity procured depends upon many
factors, the percentage by which the Net ICR exceeds the projected system peak is the planning reserve
margin. Over the last four auctions, the reserve margin has averaged 13 percent (see Table 71). We
update our reserve margin assumptions throughout the study period to be consistent with the reserve
margins calculated in the Monte Carlo analysis as described in Section 5.1: Wholesale electric capacity
market inputs and cleared capacity calculations. AESC 2024 estimates reserve margins independently of
clearing prices. This is because the planning reserve margins are based upon the target amount to be
procured, and actual capacity purchased can be much higher when incumbent generation owners are
willing to accept low capacity payments. Under the new market structure beginning in 2028, reserve
margins are likely to be lower than under the old market structure, and can, in certain circumstances,
even be negative. This is reflective of the fact that the ISO’s RCA methodology accounts for all the
limitations of each resource in its accreditation values, resulting generally in fewer accredited MW per
resource but more reliability value per accredited MW. As a result, a smaller amount of total accredited
capacity is needed to achieve the same reliability objective. In addition, the capacity market under RCA
will procure resources to meet system needs during high-risk hours. While the capacity market has
historically procured capacity entirely for peak load conditions, high-risk conditions on the future grid
could include some more moderate load hours when certain generation resources (such as renewables,
or gas plants in the winter) are less available. If more moderate load hours drive the need for capacity,

the total MW of capacity needed is smaller relative to peak loads.
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Table 71. Calculated reserve margins for years before the switch to a prompt market

Summer FCA # Calculated reserve margin
2023 14 13%
2024 15 14%
2025 16 13%
2026 17 11%
Average (used in 2027) - 13%

The reserve margin is particularly relevant to the calculation of uncleared capacity benefits. Uncleared
measures are effectively “counted” on the demand side of the capacity auction (i.e., within the load
forecast). In contrast, cleared measures are effectively treated the same as conventional power plants
(i.e., supply), and through the auction effectively require the purchase of some extra amount of capacity
to act as a reserve margin. As a result, we increase the uncleared capacity benefit by a value equal to
one plus the reserve margin.

Calculating the benefit from uncleared capacity

Finally, to calculate the benefit from uncleared capacity in any particular year, we calculate the product
of:

e The capacity price (e.g., the values in Table 63)
e The effect schedule that matches the measure’s lifetime (e.g., the values in Table 69)
e One plus the reserve margin (e.g., the values in Table 71)

Table 72 describes the uncleared capacity benefit in Counterfactual #1. This table describes benefits for
measures installed in 2024, with measure lives ranging from one to ten years. Values shown in this table
are the sum of benefits that accrue both from the current capacity market structure, as well as the
future seasonal capacity market structure.
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Table 72. Uncleared capacity value for measures with L lifetimes installed in 2024 in Counterfactual #1 in Rest-
of-Pool region

2024 $0 $0 $0 $0 $0 $0 $0 $0 $0 $0
2025 $0 $0 $0 $0 $0 $0 $0 $0 $0 $0
2026 $0 $0 $0 $0 $0 $0 $0 $0 $0 $0
2027 $0 $0 $0 S0 S0 S0 S0 S0 S0 $0
2028 $6 $13 $23 $23 $23 $23 $23 $23 $23 $23
2029 $7 $14 $21 $31 $31 $31 $31 $31 $31 $31
2030 $5 $16 $26 $36 $52 $52 $52 $52 $52 $52
2031 $0 $5 $15 $26 $36 $52 $52 $52 $52 $52
2032 $0 $0 $7 $20 $34 $47 $67 $67 $67 $67
2033 $0 $0 $0 $7 $20 $34 $47 $67 $67 $67
2034 $0 $0 $0 $0 $8 $25 $42 $58 $83 $83
2035 $0 $0 $0 $0 $0 $7 $20 $33 $47 $67
2036 $0 $0 $0 $0 $0 $0 $5 $15 $25 $35
2037 $0 $0 $0 $0 $0 $0 $0 $8 $25 $41
2038 $0 $0 $0 $0 $0 $0 $0 $0 $8 $25
15-Year Levelized $1 $3 $6 $10 $14 $18 $22 $27 $31 $35

Note: Effects for measures with measure lives of six years or greater continue to phase out after 2038. Because of this, the AESC
2024 User Interface (tab “Appdx J”) calculates these effects through 2060 for each individual year, rather than extrapolating
values. See the AESC 2024 User Interface for benefits in other counterfactuals, other regions, and benefits for measures with
longer lifetimes.

Important caveats for applying uncleared capacity values

Uncleared capacity is different than many other avoided cost categories. Because uncleared capacity
describes an effect that fades out over time due to the market’s responses to that effect, users should
sum avoided costs over the entire study period, regardless of any one measure’s lifetime. For example,
the avoided costs of a 1 MW measured installed in 2024 would be equal to the sum of the values from
2024 through 2060, regardless of whether that measure had a 1-year measure life or a 30-year measure
life.29% See Appendix J: Guide to Calculating Avoided Costs for Cleared and Uncleared measures for more
information.

Uncleared resources affect the load forecast only to the degree that these resources provide load
reductions on the hours used in the load forecast regression. Some resources—such as demand
response resources—may be active only on one or some of the hours used in the load forecast. As a
result, these resources would provide a diminished uncleared capacity benefit. We recommend that
program administrators apply a scaling factor to the benefits detailed in Table 72 to account for this
effect. See Appendix K: Scaling Factor for Uncleared Resources for more information on how this scaling
factor is calculated and how it can be applied.

204 This is the same approach used for summing avoided costs for uncleared capacity and uncleared capacity DRIPE, but no
other avoided cost categories.

i Synapse Energy Economics, Inc. AESC 2024 166



6. AVOIDED ENERGY COSTS

This chapter describes the findings associated with avoided energy costs. As a point of comparison, we
compare the electric energy prices for the West Central Massachusetts zone between AESC 2024 and
AESC 2021.2% On a levelized basis, the 15-year AESC 2024 annual all-hours price for Counterfactual #1 is
S50 per MWh, compared to the equivalent value of $46 per MWh from AESC 2021. This represents a
price increase of 9 percent. Relative to Counterfactual #1, counterfactuals and years with higher loads
and peaks tend to have higher energy prices, while counterfactuals with lower loads and peaks tend to
have lower energy prices. The increase in energy prices observed in AESC 2024 is primarily due to higher
near-term wholesale gas prices and a deferral of zero-marginal-cost clean energy to later in the study
period, relative to AESC 2021.

6.1. Forecast of energy and energy prices

Figure 44 presents the projected level of New England electric system energy from 2024 to 2050. The
EnCompass model estimates these energy levels given the capacities specified in Figure 45, fuel prices,
availability factors, heat rates, and other unit attributes. Figure 44 assumes a future in which no new
energy efficiency is added in 2024 or later years, and other assumptions are consistent with
Counterfactual #1. This figure includes an accounting of energy imports over both existing and new
transmission lines from electric regions adjacent to New England. Note that all prices discussed in this
chapter are wholesale prices, not retail prices.

Figure 44. New England-wide generation, imports, and system demand in Counterfactual #1
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Notes: “Other Fossil” contains generation from steam turbines (including coal), combustion turbines, fuel cells, and other
miscellaneous fossil-fuel-fired power plants. “Other” contains generation from energy storage, demand response, municipal
solid waste, landfill gas, and other miscellaneous fuel types.

205 This WCMA price is intended to represent the ISO New England Control Area price, which is within this zone.
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Figure 45. New England-wide capacity modeled in EnCompass in Counterfactual #1
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Notes: “Other Fossil” contains capacity associated with steam turbines (including coal), combustion turbines, fuel cells, and
other miscellaneous fossil-fuel-fired power plants. “Other” contains capacity associated with energy storage, demand response,
municipal solid waste, landfill gas, and other miscellaneous fuel types. Capacity is included in the above chart in a given year if a
resource is existing on January 1 of that year.

Forecast of wholesale energy prices

In addition to modeling the generation shown in Figure 45, the EnCompass model also produces
wholesale energy prices (see Figure 46 and Table 73).2%° These modeled prices change over time (and on
a peak and off-peak basis) depending on the system demand, available units, transmission constraints,
fuel prices, and other attributes. Over time, energy prices generally track the trend in gas prices.
However, this relationship appears to be weaker in AESC 2024 than in previous analyses, in part due to
the larger quantity of offshore wind and other zero-marginal cost generators that suppress prices,
especially in off-peak hours. Energy prices demonstrate increased variability towards the latter half of
the study period due to an increased number of hours with demand response, storage, and clean energy
being on the margin.

Note that these energy prices are not inclusive of RECs, but they are inclusive of modeled environmental
regulations that impose a price on traditional generators, including RGGI, 310 CMR 7.74, and proposed
rules under Section 111 of the Clean Air Act.

206 Note that all summarized energy prices are calculated using a load-weighted average.
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Figure 46. Wholesale energy price projection for WCMA in Counterfactual #1
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Note: As elsewhere in this report, this figure utilizes ISO New England’s definitions of on-peak and off-peak, which may not
match popular conceptions of on-peak or off-peak. See Appendix B: Detailed Electric Outputs for more information on this topic.
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Table 73. AESC 2024 wholesale energy price projection in Massachusetts in Counterfactual #1 (2024 $ per MWh)

Annual Winter Winter Summer Summer
All hours Peak Off-Peak Peak Off-Peak

2024 $62.82 $78.55 $75.49 $38.14 $37.47
2025 $63.77 $79.24 $75.82 $40.02 $38.89
2026 $50.51 $62.48 $60.15 $31.97 $30.73
2027 $48.47 $60.20 $57.88 $30.09 $29.23
2028 $48.36 $59.49 $57.62 $30.31 $30.01
2029 $47.77 $58.71 $56.56 $30.38 $29.83
2030 $47.10 $57.65 $54.84 $31.09 $30.17
2031 $48.29 $58.62 $56.14 $32.38 $31.31
2032 $46.64 $56.93 $51.89 $33.11 $31.69
2033 $47.59 $56.80 $52.59 $34.90 $34.13
2034 $47.68 $55.81 $52.77 $35.93 $34.98
2035 $48.00 $56.23 $52.43 $36.99 $35.43
2036 $47.57 $55.34 $50.60 $38.70 $36.15
2037 $48.17 $57.13 $50.10 $39.54 $36.08
2038 $48.98 $59.18 $47.40 $42.92 $38.16
2039 $46.67 $56.78 $43.09 $42.37 $37.94
2040 $48.54 $55.22 $48.35 $44.88 $39.57
2041 $47.09 $54.62 $45.57 $44.39 $37.86
2042 $48.13 $56.15 $45.78 $45.27 $39.57
2043 $47.56 $55.96 $44.06 $45.63 $39.34
2044 $48.68 $59.83 $42.29 $46.54 $40.72
2045 $50.34 $58.31 $46.99 $48.32 $42.97
2046 $50.44 $56.35 $48.26 $49.33 $44.00
2047 $55.84 $61.82 $56.68 $52.55 $45.77
2048 $52.15 $59.85 $46.72 $52.44 $46.71
2049 $57.41 $59.96 $61.55 $55.16 $46.72
2050 $54.42 $63.40 $45.31 $58.43 $49.60
Comparison to AESC 2021

Table 74 shows a comparison between AESC 2021 and AESC 2024 for the 15-year levelized costs for
Massachusetts. Prices are shown for all hours, and for the four periods analyzed in previous AESC
studies. Generally speaking, annual average prices in the AESC 2024 counterfactuals are similar to the
annual energy price in AESC 2021’s Counterfactual #1. Higher near-term prices (especially in peak hours)
in AESC 2024 tend to be offset by lower mid- and longer-term prices, producing 15-year levelized costs
similar to those observed in AESC 2021. These energy price trends generally track the assumptions
related to natural gas price inputs. In AESC 2024, counterfactuals with lower loads and peaks tend to
have lower energy prices on a 15-year levelized basis. We note that counterfactuals with more fossil
retirement and fewer fossil additions (such as Counterfactual #2) tend to have more volatile energy
prices in the very long term (e.g., after 2040) as a result of more wind, solar, battery storage, and
demand response resources being on the margin.
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Table 74. Comparison of energy prices for Massachusetts (2024 $ per MWh, 15-year levelized)

Annual Winter Winter Summer Summer

All hours Peak Off-Peak Peak Off-Peak
AESC 2021 Counterfactual 1 $46.11 $52.90 $51.02 $36.88 $33.71
AESC 2024 Counterfactual 1 $50.36 $61.22 $57.34 $57.34 $33.55
AESC 2024 Counterfactual 2 $47.42 $57.41 $53.44 $53.44 $32.27
AESC 2024 Counterfactual 3 $50.92 $62.27 $58.79 $58.79 $31.53
AESC 2024 Counterfactual 4 $50.30 $61.42 $58.20 $58.20 $30.94
AESC 2024 Counterfactual 5 $50.38 $61.64 $58.06 $58.06 $31.12
AESC 2024 Counterfactual 6 $49.70 $60.75 $57.56 $57.56 $30.46
% Change: Counterfactual 1 9% 16% 12% 55% 0%
% Change: Counterfactual 2 3% 9% 5% 45% -4%
% Change: Counterfactual 3 10% 18% 15% 59% -6%
% Change: Counterfactual 4 9% 16% 14% 58% -8%
% Change: Counterfactual 5 9% 17% 14% 57% -8%
% Change: Counterfactual 6 8% 15% 13% 56% -10%

Notes: All prices have been converted to 2024 S per MWh. Levelization periods are 2021-2035 for AESC 2021 and 2024-2038 for
AESC 2024. The real discount rate is 0.81 percent for AESC 2021 and 1.74 percent for AESC 2024. AESC 2021 values are from the
AESC 2021 User Interface, while AESC 2024 values are from the AESC 2024 User Interface.

Table 75 compares 15-year levelized costs between AESC 2021 and AESC 2024 for each of the six New
England states. These values incorporate the relevant costs of RPS compliance, as well as the impact of
wholesale risk premiums.
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Table 75. Avoided energy costs, AESC 2024 vs. AESC 2021 (15-year levelized costs, 2024 $ per kWh)

Winter Peak Winter Summer Summer
Off-Peak Peak Off-Peak
AESC 2024 1 Connecticut $0.083 $0.079 $0.079 $0.053
Counterfactual 1 2 Massachusetts $0.090 $0.086 $0.086 $0.061
3 Maine $0.082 $0.078 $0.078 $0.052
4 New Hampshire $0.078 $0.074 $0.074 $0.048
5 Rhode Island $0.088 $0.084 $0.084 $0.059
6 Vermont $0.075 $0.070 $0.070 $0.044
AESC 2021 1 Connecticut $0.061 $0.060 $0.045 $0.042
Counterfactual 1 2 Massachusetts $0.065 $0.063 $0.049 $0.046
3 Maine $0.060 $0.058 $0.044 $0.041
4 New Hampshire $0.061 $0.059 $0.045 $0.042
5 Rhode Island $0.068 $0.066 $0.052 $0.049
6 Vermont $0.057 $0.055 $0.041 $0.038
Delta 1 Connecticut $0.022 $0.020 $0.034 $0.011
2 Massachusetts $0.026 $0.023 $0.037 $0.015
3 Maine $0.023 $0.020 $0.034 $0.011
4 New Hampshire $0.017 $0.015 $0.029 $0.006
5 Rhode Island $0.020 $0.018 $0.032 $0.009
6 Vermont $0.018 $0.015 $0.030 $0.006
Percent Difference 1 Connecticut 35% 33% 77% 27%
2 Massachusetts 40% 36% 76% 32%
3 Maine 38% 34% 77% 27%
4 New Hampshire 28% 25% 64% 14%
5 Rhode Island 30% 26% 60% 19%
6 Vermont 31% 27% 73% 17%

Notes: These costs are the sum of wholesale energy costs and wholesale costs of RPS compliance, increased by a wholesale risk
premium of 8 percent, except for Vermont, which uses a wholesale risk premium of 11.1 percent. All costs have been converted
to 2024 dollars per kWh. Levelization periods are 2021-2035 for AESC 2021 and 2024-2038 for AESC 2024. The real discount
rate is 0.81 percent for AESC 2021 and 1.74 percent for AESC 2024. Values do not include losses.

6.2. Benchmarking the EnCompass energy model

The AESC 2024 Study Group requires a calibration of the dispatch model used with actual, historical
data. To complete this, the Synapse Team develops modeling inputs that reflect our best understanding
of electric system market operations in 2020 through 2022. This calibration is reliant on assumptions
relating to available generating units, fuel prices, and system demand.

Figure 47 compares actual day-ahead locational marginal prices (LMP) for each New England region
reported on by ISO New England against the same prices modeled in EnCompass for 2020 through
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2022.2%7 This figure also details the percent difference between actual and modeled LMPs for each
region. For example, modeled 2020 LMPs range from 6 percent lower to 3 percent higher than actual
2020 LMPs. The scale of these differences indicates that EnCompass is accurately capturing the
magnitude and differential spread of LMPs across New England during 2020-2022.

Figure 47. Comparison of 2020-2022 historical and simulated 2020-2022 locational marginal prices
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Figure 48 compares the monthly modeled LMPs for 2020-2022 in the WCMA region against actual LMPs
for the same region, and Figure 49 compares daily modeled New England-wide average LMPs for 2020—
2022 against historical daily average LMPs for New England. Figure 45 compares hourly modeled New
England-wide average LMPs for July to December 2022 against historical hourly LMPs for New
England.?®® Our calibration for 2020-2022 produces differences between modeled results and actual
historical prices that that have a slightly greater spread of magnitudes than differences observed in a
calibrated 2019 year from the 2021 AESC study. However, given the volatility in prices over the last few
years (due in part to the COVID-19 pandemic and the conflict in Ukraine), we are now calibrating against
three years of historical data instead of one year, so this slightly wider spread is expected.

207 actual LMP data is available from the ISO New England website at https://www.iso-ne.com/isoexpress/web/reports/load-

and-demand/-/tree/zone-info.

208

The prices modeled in EnCompass most closely approximate day-ahead, rather than real-time prices. The day-ahead market

is where most of the generating fleet is committed and compensated, whereas the real-time market mostly represents
transfer payments for over-performance and under-performance; they do not necessarily approximate the price implied by

the hour-by-hour demand.
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Our modeled generation mix matches historical generation very closely, on both an annual and monthly
basis. Our calibration process incorporated daily historical gas prices, monthly liquified natural gas
prices, hourly distributed solar load shapes, along with a close examination of many other variables that

impact prices.

As in previous AESC studies, differences between prices on a regional or temporal basis are likely related
to actual anomalies in the electric system, which are challenging to represent in an electric system
dispatch model. These “anomalies” may include planned and unplanned generator and transmission
outages (for which hourly data is unavailable or difficult to access) and operator discretion (which is
often masked by ISO New England for confidentiality purposes). Other more granular, plant-specific
factors such as fuel contracts, heat rate curves, and must-run reliability requirements are also difficult
for electric system dispatch models to address.

Future modeled years are intended to be representative years and aim to include the volatility, number
and intensity of extreme events observed in a typical year. The “anomalies” described above may imply
that depending on variations in future years, some hourly avoided costs may be underestimated while
others will be overestimated.

Figure 48. Comparison of 2020-2022 historical and simulated locational marginal prices for the WCMA region
(monthly)
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Figure 49. Comparison of 2020-2022 historical and simulated locational marginal prices for New England (daily)
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Figure 50. Comparison of July—December 2022 historical and simulated locational marginal prices for New
England (hourly)
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7. AVOIDED COST OF COMPLIANCE WITH RENEWABLE PORTFOLIO
STANDARDS AND RELATED CLEAN ENERGY POLICIES

Energy efficiency programs reduce the cost of compliance with RPS requirements by reducing total LSE
load. Reduction in load due to energy efficiency or other demand-side resources will therefore reduce
the RPS obligations of LSEs and the associated compliance costs recovered from consumers. Conversely,
increases in load tend to increase RPS obligations of LSEs, increasing the associated compliance costs
recovered from consumers. This estimate of avoided costs includes the expected impact of avoiding
each class or tier?%? of RPS?1? or Renewable Energy Standards?!? (RES) within each of the six New

England states. Table 76 lists the avoided costs of compliance for Counterfactual #1.212

Table 76. Avoided cost of RPS compliance (2024 $ per MWh) in Counterfactual #1

(o1} ME MA NH RI VT
New Renewable / Clean Procurement Obligations $15.36 $14.29 $13.32 $5.28 S22.62 S$2.78
All Existing Procurement Obligations $0.92 $1.33 $3.73 S3.69 S0.12 $2.75
All Other Compliance Obligations $1.00 $0.75 $7.54 $3.00 S$0.00 S$2.37

Total $16.16 $16.25 $23.84 $11.92 $21.54 $7.78

Note: A compliance obligation differs from a procurement obligation in that while it is expressed as a percent of retail sales, the
certificates purchased do not represent electricity used to serve retail load.

To the extent that the price of renewable electricity (i.e., energy and RECs together) exceeds the market
price of electric energy, LSEs incur a cost to meet the RPS percentage target. That incremental unit cost
is the price of a REC. The avoided cost of RPS compliance is not equal to the REC price, however. Instead,
the avoided cost is a function of both REC price and load obligation percentage (i.e., the RPS target
percentage for all applicable classes, by state). Therefore, the state with the highest or lowest REC price
does not necessarily have the highest or lowest compliance cost because of the multiplicative impact of
the RPS target.

Table 77 compares RPS compliance costs in AESC 2024 across counterfactuals and with those estimated
in AESC 2021. In general, AESC 2024 sees higher prices for meeting RPS compliance. This difference is
attributable to near-term shortages and cost increases for materials and labor, delays in offshore wind
deployment and regional transmission expansion, and increases in the long-term cost of entry due to
the lasting effects of the war in Ukraine and the COVID-19 pandemic. The cost of RPS compliance is also
impacted by increased RPS stringencies in multiple states and the addition of new RPS categories such
as Maine Class | Thermal, Massachusetts Clean Peak Standard (CPS), and the Massachusetts Greenhouse

209 \/ermont uses the term “tier” while all other New England states use the term “class” to describe RPS categories.

210 Massachusetts, Connecticut, Maine, and New Hampshire use the term Renewable Portfolio Standard (RPS).

211 phode Island and Vermont use the term Renewable Energy Standard (RES).

212 pjj values are levelized over 15 years and include energy losses.
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Gas Emissions Standard (GGES) for municipal light plants. On a 15-year levelized basis, costs of RPS
compliance tend to be similar across counterfactuals as most counterfactuals typically feature similar
renewable builds through the mid-2030s as a result of assumed renewable procurements.

Table 77. Avoided cost of RPS compliance (2024 $ per MWh)

CT ME MA NH RI VT
AESC 2021 $10 S9 S14 $10 $18 S5
AESC 2024 Counterfactual 1 $17 $16 $25 $12 $23 S8
AESC 2024 Counterfactual 2 $17 $16 $25 $12 $23 S8
AESC 2024 Counterfactual 3 $18 $17 $26 $12 S24 S8
AESC 2024 Counterfactual 4 $17 $16 $24 $12 $22 S8
AESC 2024 Counterfactual 5 S17 S16 $25 S12 s23 S8
AESC 2024 Counterfactual 6 S17 S16 $25 S12 S22 S8
Pcnt Change: Counterfactual 1 79% 83% 71% 21% 25% 67%
Pcnt Change: Counterfactual 2 79% 83% 71% 21% 25% 67%
Pcnt Change: Counterfactual 3 92% 91% 79% 24% 32% 70%
Pcnt Change: Counterfactual 4 77% 80% 70% 21% 22% 66%
Pcnt Change: Counterfactual 5 78% 82% 71% 21% 24% 66%
Pcnt Change: Counterfactual 6 79% 81% 74% 21% 23% 66%

Note: AESC 2021 values have been converted to 2024 dollars.

7.1. Assumptions and methodology

The purpose of this section is to describe the assumptions and methodology for forecasting the avoided
cost of RPS compliance. Herein, RPS compliance refers to the fulfillment of all state-specific obligations
that are expressed as a percent of load, including Massachusetts’ Clean Energy Standard (CES) and
Alterative Portfolio Standard (APS), Connecticut Class Il (for conservation and load management), and
renewable thermal requirements in Maine, New Hampshire, and Vermont.

REC (or more generally, certificate) price forecasts are developed for each RPS sub-category and are
based on expectations regarding eligible supply, annual demand targets, and—where applicable—the
long-term cost of entry of renewable energy additions. These forecasts are converted to an avoided cost
of compliance on a dollar per MWh basis. Voluntary demands for Class | RECs (such as a portion of
corporate renewable energy purchases and community choice aggregation) are also taken into account
as a factor influencing REC prices.

Renewable portfolio standards and clean energy standards

All six New England states have active RPS or RES policies—referred to hereafter as RPS. Each RPS
program has multiple classes—referred to as tiers in Vermont—which are used to differentiate these
policy mandates by technology, vintage, emissions, and other criteria that reflect state-specific policy
objectives. Massachusetts also has a CES, which is met in large part by the MA Class | RPS obligation, as
well as a “CES-E” for existing non-emitting resources—specifically nuclear and hydroelectric facilities
from Massachusetts, New Hampshire, Connecticut, and eastern Canada. Massachusetts regulations also
include an Alternative Energy Portfolio Standard (APS), which applies to combined heat and power,
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renewable thermal, flywheel storage, fuel cells, and waste-to-energy, and increases by 0.25 percent per
year indefinitely. While largely supporting non-renewable resources, APS program targets and avoided
cost are nonetheless included in this section because the mandate is avoided by energy efficiency in the
same manner as the RPS. This same logic applies to the MA Clean Peak Standard (CPS), as well as CT
Class lll, Maine Class | Thermal, NH Class | Thermal, and Vermont Tier lIl.

Table 78 provides a summary overview of RPS and CES obligations throughout New England. Maine
Class | Thermal, Massachusetts Clean Peak Standard (CPS), and the Massachusetts Greenhouse Gas
Emissions Standard (GGES) for municipal light plants are new policy additions that have been
implemented since AESC 2021.2%3 In 2023, Connecticut enacted Public Act 23-102 An Act Strengthening
Protections for Connecticut’s Consumers of Energy, which classifies nuclear power generating facility
constructed on or after October 1, 2023, as a Class | resource, as well as permits 2.5 percent (increase
from 1 percent) of the Class | RPS requirement to be met with “large-scale hydropower” should
Connecticut DEEP find that there is a material shortage of Class | renewable energy sources and 2.5
percent (increase from 1 percent) of the Class | RPS requirement to be met with run-of-the-river
hydropower facility that received a new license after January 1, 2018.

Regional Class | requirements (as well as Class Il in New Hampshire and Tier Il in Vermont) are intended
to create demand for new renewable energy additions. As a result, the RPS targets for these classes
increase each year until a specified maximum obligation is attained. Massachusetts Class | is the notable
exception to this rule; it increases indefinitely—presumably until the sum of all RPS and CES mandates
reaches 100 percent. Class 11,214 Class lII, Class 1V, and other “existing” supply obligations focus on
generators that were already in operation prior to the adoption of RPS programs. These policies are
intended to maintain the pre-RPS fleet rather than spur the development of new generating facilities. As
a result, the RPS targets for these classes do not generally increase each year, although some are subject
to periodic adjustment based either on supply conditions or policymaker discretion. The percentage
targets for each class are summarized below in Table 79 and Table 80.

213 Note that modeling of the CPS assumes full compliance.

214 With the exception of NH-II (which is dedicated to “new” solar) and possibly CT-II (which is dedicated to waste-to-energy
and is without a vintage requirement).
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Table 78. Summary of RPS and CES classes

State RPS Class or Tier COD Threshold Eligibility Notes
Connecticut Class | No threshold, except Subject to emissions threshold; Allows nuclear
hydro which requires power generating facilities constructed on or
COD >7/1/2003 after October 1, 2023
Class Il No threshold Dedicated to WTE; Class | resources also
eligible
Class llI Beginning 1/1/2006 or | Conservation and load management resources
4/1/2007 (depending
on system type)
Maine Class | Beginning 9/1/2005 Allows refurbished facilities
Class IA Beginning 9/1/2005 Does not allow refurbished facilities
Class | Thermal Beginning 6/30/2019 Produced directly by a facility using sunlight,
biomass, biogas or liquid biofuel or produced
as a byproduct of electricity generated by a
Class | or Class IA resource
Class Il No threshold Allows hydro up to 100 MW
Massachusetts | Class | Beginning 1/1/1998 Includes two solar carve-outs
Class II-Non- Before 1/1/1998 Includes same biomass standards as Class |
WTE
Class II-WTE Before 1/1/1998 Dedicated class for waste-to-energy
APS Beginning 1/1/2008 Combined heat and power, useful thermal
energy
CES Beginning 1/1/2011 MA Class | certified resources also eligible
CES-E Before 1/1/2011 Nuclear and hydro from NH, CT, and eastern
Canada
CPS No threshold New MA-I, existing MA-l w/ storage, DRR
GGES Besides biomass fuel, RPS Class | eligible technologies; biomass fuel
no threshold (after 1/1/2026); landfill methane and
anaerobic digester gas; nuclear energy;
imported hydro; any generation yielding a 50%
reduction in GHG relative to the operation of
combined cycle natural gas generating facility
over a 20-year life cycle
New Class | Beginning 1/1/2006 Includes a thermal carve-out
Hampshire Class Il Beginning 1/1/2006 Solar only
Class Il Before 1/1/2006 Dedicated to biomass and LFG
Class IV Before 1/1/2006 Small hydro only
Rhode Island New Beginning 1/1/1998 Fuel standard requirements apply
Existing Before 1/1/1998 Fuel standard requirements apply
Vermont Tier | No threshold Class Il and RE portion of imports also eligible
Tier Il Beginning 1/1/2015 Must be in-state and < 5 MW
Tier I Beginning 1/1/2015 Class Il resources also eligible

Notes: The COD threshold is the date after which a project must have commenced commercial operation in order to be eligible.
For the Massachusetts CES, eligible projects must have a COD on or after 1/1/2011; eligible facilities from adjacent control areas
must be delivered over transmission energized on or after 1/1/2017. “DRR” are Demand Response Resources; for more
information, see https://www.mass.qgov/service-details/program-summaries.

In addition to distinguishing between new and existing supply, some New England RPS programs also

include specified sub-component requirements for solar, biomass, hydroelectric, combined heat and
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power, waste-to-energy, thermal resources, energy transformation, or energy efficiency. These classes
are also included in Table 78 and their respective targets are summarized in Table 80. For simplicity, this
discussion includes these obligations under “RPS and CES requirements,” even though some classes
include resources that are not renewable.

RPS and CES compliance assumptions

AESC 2024 assumes that each retail LSE complies with RPS and CES obligations, by class and by state, in
each calendar year—either by securing certified RECs or by making ACPs to the applicable regulatory
authority. RPS requirements are calculated by multiplying obligated load (adjusted for contract
exemptions) by the applicable annual class-specific RPS percentage target.?> The forecast of obligated
load is based on the aggregate impact of conventional load, energy efficiency, active demand response,
and electrification described in Section 4.3: New England system demand. This includes a detailed
forecast of BTM generation, which is critical because it both reduces obligated load and generates RECs
for RPS compliance.?1® In all states, RPS targets are defined as a percentage of obligated load. Table 79
summarizes current RPS targets for new renewable energy additions, while Table 80 summarizes RPS
targets for existing resource categories.

Several changes have occurred since the prior AESC analysis. In 2021, Massachusetts passed An Act
Creating A Next-Generation Roadmap for Massachusetts Climate Policy, which created a “Greenhouse
Gas Emissions Standard” (GGES). The GGES requires municipal utilities to meet a minimum target of 50
percent non-carbon emitting electricity in 2030, 75 percent in 2040, and 100 percent in 2050 and
thereafter (see Table 78 for information on eligible “non-carbon emitting” resources).?t” While 2030 is
the first year Massachusetts municipal utilities are required to comply with GGES obligation, some
municipal utilities are expected to gradually increase their share of non-carbon emitting electricity
earlier to mitigate the rate impact in 2030. In 2022, Rhode Island signed into law An Act Relating to
Public Utilities and Carriers-Renewable Energy, which increased “New” targets incrementally starting in
2023 to reach 100 percent renewable electricity (98 percent New and 2 percent Existing) by 2033. Since
AESC 2021, Connecticut has codified the mandate to be 100 percent carbon-free by 2040. Connecticut
policymakers have not, however, established the annual Class | contributions toward this new target.
This analysis assumes CT Class | target increases consistent with achieving 100 percent carbon-free by
2040.

215 Municipal utilities are currently exempted from RPS and CES obligations in all states except Vermont. These exemptions are

assumed to remain for the duration of the study period.

216 geveral states have begun to consider whether load offset by BTM generation should be added to the total RPS obligation.
These discussions are preliminary, however, and therefore not included in this analysis.

217 The GGES target schedule is defined as a step function with targets set only for 2030, 2040, and 2050. There are no interim
targets before 2030 or between the three years.
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Table 79. Summary of current RPS targets for new resource categories

MA MA  NH-
CPS2!  APS 72

2021 22.5% 10% 5% 04% 18% 1.66% 3.92% 22% 3.0% 525% 11.4% 1.8% 0.7% 15.5% 3.4% 4.67%
2022 24% 10% 8% 0.8% 20% 1.54% 4.07% 24% 4.5% 550% 12.3% 2.0% 0.7% 17%  4.0% 5.33%
2023 26% 10% 11% 12% 22% 093% 3.92% 26% 6.0% 5.75%  13.2% 2.2% 0.7% 21% 4.6% 6.00%
2024 28% 10% 15% 1.6% 24% TBD TBD 28%  7.5% 6.00% 14.1% 2.2% 0.7% 26% 52% 6.67%
2025 30% 10% 19% 2.0% 27% TBD TBD 30%  9.0% 6.25% 15% 2.2% 0.7%  32% 58% 7.33%
2026 32% 10% 23% 24% 30% TBD TBD 32% 10.5%  6.50% 15% 2.2% 07% 39% 6.4% 8.00%
2027 35% 10% 27% 2.8% 33% TBD TBD 34% 12.0% 6.75% 15% 2.2% 0.7% 46% 7.0% 8.67%
2028 38% 10% 31% 3.2% 36% TBD TBD 36% 13.5% 7.00% 15% 2.2% 0.7% 53.5% 7.6% 9.33%
2029 41% 10% 35% 3.6% 39% TBD TBD 38% 15.0% 7.25% 15% 2.2% 0.7% 61.5% 8.2% 10.0%
2030 44% 10% 40% 4.0% 40% TBD TBD 40% 16.5%  7.50% 15% 2.2% 07% 70% 8.8% 10.67%
2031 46.5% 10% 40% 4.0% 41% TBD TBD 42% 18.0%  7.75% 15% 2.2% 0.7% 79%  9.4% 11.33%
2032 50% 10% 40% 4.0% 42% TBD TBD 44% 19.5%  8.00% 15% 2.2% 0.7% 885% 10% 12.0%
2033 54% 10% 40% 4.0% 43% TBD TBD 46% 21.0%  8.25% 15% 2.2% 0.7%  98% 10% 12.0%
2034 58% 10% 40% 4.0% 44% TBD TBD 48% 22.5%  8.50% 15% 2.2% 0.7%  98% 10% 12.0%
2035 62% 10% 40% 4.0% 45% TBD TBD 50% 24.0% 8.75% 15% 2.2% 0.7%  98% 10% 12.0%
2036 67% 10% 40% 4.0% 46% TBD TBD 52% 25.5%  9.00% 15% 2.2% 0.7%  98% 10% 12.0%
2037 72% 10% 40% 4.0% 47% TBD TBD 54% 27.0%  9.25% 15% 2.2% 0.7%  98% 10% 12.0%
2038 77% 10% 40% 4.0% 48% TBD TBD 56% 28.5%  9.50% 15% 2.2% 0.7%  98% 10% 12.0%
2039 83% 10% 40% 4.0% 49% TBD TBD 58% 30.0% 9.75% 15% 2.2% 0.7%  98% 10% 12.0%
2040 89% 10% 40% 4.0% 50% TBD TBD 60% 31.5% 10.00% 15% 2.2% 0.7%  98% 10% 12.0%
2041 89% 10% 40% 4.0% 51% TBD TBD 62% 33.0% 10.25% 15% 2.2% 0.7%  98% 10% 12.0%
2042 89% 10% 40% 4.0% 52% TBD TBD 64% 34.5% 10.50% 15% 2.2% 0.7%  98% 10% 12.0%
2043 89% 10% 40% 4.0% 53% TBD TBD 66% 36.0% 10.75% 15% 2.2% 0.7%  98% 10% 12.0%
2044 89% 10% 40% 4.0% 54% TBD TBD 68% 37.5% 11.00% 15% 2.2% 0.7%  98% 10% 12.0%
2045 89% 10% 40% 4.0% 55% TBD TBD 70% 39.0% 11.25% 15% 2.2% 0.7%  98% 10% 12.0%
2046 89% 10% 40% 4.0% 56% TBD TBD 72% 40.5% 11.50% 15% 2.2% 0.7%  98% 10% 12.0%
2047 89% 10% 40% 4.0% 57% TBD TBD 74% 42.0% 11.75% 15% 2.2% 0.7%  98% 10% 12.0%
2048 89% 10% 40% 4.0% 58% TBD TBD 76% 43.5% 12.00% 15% 2.2% 0.7%  98% 10% 12.0%
2049 89% 10% 40% 4.0% 59% TBD TBD 78% 45.0% 12.25% 15% 2.2% 0.7%  98% 10% 12.0%
2050 89% 10% 40% 4.0% 60% TBD TBD 80% 46.5% 12.50% 15% 2.2% 0.7%  98% 10% 12.0%

218 This is the gross MA-| target. The MA-SREC target is carved out of the MA-I target.
219 without exemptions for load under contract.

220 without exemptions for load under contract.

221 This is the initial target trajectory, which is subject to modifications based on market conditions.

222 This is the gross NH-I target. The NH-I Thermal target is carved out of the NH-I target.
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Table 80. Summary of RPS targets for other resource categories

CT-ll() CT-lll ME-II  MA-Il Non- MA-II MA NH- NH-IV  RI-Existing VT-11)
WTE WTE CES-E(®) 115

2021 4% 4% 30% 3.56% 3.7% 20% 8% 1.5% 2% 55.6%
2022 4% 4% 30% 3.6% 3.7% 20% 8% 1.5% 2% 55%
2023 4% 4% 30% 3.47% 3.7% 20% 8% 1.5% 2% 58.4%
2024 4% 4% 30% 3.6% 3.7% 20% 8% 1.5% 2% 57.8%
2025 4% 4% 30% TBD 3.7% 20% 8% 1.5% 2% 57.2%
2026 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 60.6%
2027 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 60%
2028 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 59.4%
2029 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 62.8%
2030 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 62.2%
2031 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 61.6%
2032 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2033 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2034 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2035 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2036 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2037 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2038 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2039 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2040 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2041 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2042 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2043 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2044 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2045 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2046 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2047 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2048 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2049 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%
2050 4% 4% 30% TBD 3.5% 20% 8% 1.5% 2% 65%

Notes: RPS target assumptions are based on current law.

(a) Connecticut Class | supply can be counted toward compliance with Class Il requirements

(b) The CES-E target is 20 percent in 2021 and 2022. Beginning in 2023, the CES-E percentage obligation is determined by a
formula that is tied to historical production.

(c) The NH PUC has the authority to review and reduce the NH-III RPS target, retroactively, each year.

(d) Vermont Tier | is derived by subtracting the Tier Il requirement from the total VT RES goal. Tier Il RECs can be counted toward
compliance with Tier | requirements.

Alternative compliance payments

Several material changes to alternative compliance payment mechanisms have occurred since the AESC
2021 analysis, and which impact market dynamics, REC prices, and the manner in which states will meet
RPS obligations during the AESC 2024 study period.

In 2021, Massachusetts amended its Class | ACP schedule to be phased down to $50 per MWh in 2022
and $40 per MWh in 2023 and thereafter. In 2022, Massachusetts retroactively amended its CES and
CES-E ACP schedules, which were previously indexed to the Class | ACP, to be fixed at $35 per MWh and
$10 per MWh respectively, starting 2022. In 2023, Maine enacted Chapter 361, which directed the
Maine PUC to update the Class Il ACP to no greater than $10 per MWh. In November 2023, the PUC
established a Class Il ACP of S5/MWh (fixed and flat). Table 81 provides a summary of ACP values for
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each RPS category. Note that some ACP values stay constant (in nominal terms) throughout the study
period, while other values change over time.

Table 81. Summary of Alternative Compliance Payment levels
2023 Alternative

Compliance Payment
(nominal $ per MWh)

CcT Class | $40.00 Fixed and flat.
Class Il $25.00 Fixed and flat.
Class Il $31.00 Fixed and flat. There is also a $10 floor price.
MA Class| $40.00 Fixed and flat.
Solar Carve-out | $330.00 Schedule set by DOER.
Solar Carve-out Il $271.00 Schedule set by DOER.
CPS Fixed and flat through 2024. Decline by $1.54 each year
thereafter. Trajectory subject to modifications based on
$45.00 market conditions.
Class Il —RE $33.06 Adjusted by CPI each year.
Class Il — WTE $33.06 Adjusted by CPI each year.
APS $23.50 Adjusted by CPI each year.
CES 75% of Class | ACP in 2020, 50% in 2021, and $S35/MWh
$35.00 thereafter.
CES-E $10.00 10% of Class | ACP in 2021, and $10/MWh thereafter.
RI New $80.59 Adjusted by CPI each year.
Existing $80.59 Adjusted by CPI each year.
ME Class | $50.00 Fixed and flat.
Class Il $5.00 Fixed and flat.
NH Class| $61.18 Adjusted by % of CPI each year.
Class | - Thermal $27.80 Adjusted by % of CPI each year.
Class Il $61.18 Adjusted by % of CPI each year.
Class Il $38.89 Adjusted by CPI each year.
Class IV $32.72 Adjusted by CPI each year.
VT  Tierl $11.97 Adjusted by CPI each year.
Tier Il $71.83 Adjusted by CPI each year.
Tier llI $71.83 Adjusted by CPI each year.

The ACP rate modifications explained above have substantive impacts on market dynamics and the
achievement of regional RPS compliance. While RPS compliance can technically be achieved either
through the procurement and retirement of renewable energy or through alternative compliance
payments, the latter does not impact the regional fuel mix or contribute towards the achievement of
GHG emissions targets or renewable and clean energy policy objectives more generally. In addition, the
ACP—by definition—serves as a price cap on RECs, ostensibly as a ratepayer protection mechanism. If
the expected value of energy, capacity, and RECs is not equal to or greater than a renewable energy
generator’s revenue requirement, however, the facility will not be able to secure the financing
necessary for construction. Therefore, if the ACP rate is too low it will be a barrier to new market entry.
Such conditions would likely cause state regulators to increase long-term procurement authority and
purchasing — which, through bundled contracts, implicitly avoid the ACP limitation. Therefore, to ensure
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that states meet their policy targets with renewable energy, this analysis assumes that incremental state
procurement is deployed at volumes necessary to avoid reliance on ACPs for policy compliance.

Market condition changes

Numerous changes have occurred in the market since the publication of AESC 2021 that influence
renewable energy deployment and the avoided cost of RPS compliance.

The IRA, now Public Law 117-169, makes significant climate and clean energy investments, largely
through expansion and extension of tax credits, including those assumed to be phased out during the
course of the analysis period for AESC 2021. For land-based wind, offshore wind, solar, qualified
hydropower, and tidal resource, our projection of long-term cost of entry assumes that modeled
resources will meet the prevailing wage and apprenticeship requirements to receive the full (base +
bonus) statutory investment and production credits throughout the analysis period. 223??* We do not
expect these requirements to have material cost impact for renewable energy projects in New England.
The IRA also offers various additional bonus credits. Our analysis assumes that all modeled resources
will leverage the bonus credit for domestic content, but a portion of the benefit will be offset by the
incremental cost of utilizing steel and other materials or subcomponents manufactured in the United
States. Distributed solar and offshore wind projects may also be able to leverage bonus credits for
locating on brownfields and serving energy communities. This could improve project economics and the
overall success of state-sponsored clean energy programs.

While the IRA extended and expanded economic support for renewable development, a combination of
unprecedented global, national, and regional constraints—triggered by the COVID-19 pandemic and
Ukraine War—have challenged renewable energy development since the release of AESC 2021. These
factors, which include supply chain constraints, inflation, interest rates, labor and service shortages,
vendor pricing power, and continued interconnection and permitting process delays, have exerted
material cost pressure on renewable development and caused significant delays and project failures
across New England. We have reflected the impacts of these costs and delays on near-term supply-
demand (pipeline project completion timing and attrition) and the long-term cost of entry (renewable
resource costs) in this analysis using assumptions derived from project-specific research, interviews with
market stakeholders such as developers and investors, and public sources (e.g., EIA’s AEO).

223 The |RA sets a “base credit” value for all relevant production and investment credits equivalent to 20 percent of the full

statutory credit values (of 30 percent and 2.5¢ per kWh (plus inflation adjustment. Eligible projects would be eligible to
earn “bonus credit” to receive the full credit value (equal to 100 percent of the full statutory investment and production
credit values) if applicable prevailing wage and apprenticeship requirements are met.

224 The |RA Clean Energy Production Credit and Clean Energy Investment Credit would phase out either at the end of 2032 or

when electric power section emissions are 75 percent below 2022 levels (as calculated on a national basis), whichever is
later. AESC 2024 assumes that the phase-out would occur in a timeline that does not affect the resources considered for
this analysis.
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7.2. Renewable Energy Certificate (REC) price forecasting

This section summarizes REC price forecasting outcomes. Class |, or “New” markets, are discussed first
followed by “Existing” markets. For context, this section also includes a summary of historical REC prices
in each market, as represented by broker quotations.

Historical renewable energy certificate prices

We rely upon recent broker quotes, in part, to inform the market prices at which RECs are transacted.
REC markets in New England continue to suffer from a lack of depth, liquidity, and price visibility. Broker
qguotes for RECs represent the best visibility into the market’s view of current spot prices. However,
since RPS compliance must be substantiated annually, and actual REC transactions occur sporadically
throughout the year, the actual weighted average annual price at which RECs are transacted will not
necessarily correspond to the straight average of broker quotes over time. Broker quotes for RECs may
span several months with few changes and no actual transactions (being represented by offers to buy or
sell), and at other times may represent a significant volume of actual transactions. As a result, analysts
should filter such data for reasonableness. This table was developed from a representative sampling of
REC broker quotes, which is comprised of both consummated transactions and bid-ask spreads in
periods where transactions were not reported. For reference, Table 82 shows annual average historical
REC prices for new RPS markets. Table 83 shows historical REC prices for existing RPS markets.

Table 82. Annual average historical REC prices, New supply: 2015-2023 (nominal $ per MWh)
2015 2016 2017 2018 2019 2020 2021 2022 2023

CT  Class| $44 $22 $12 $8 $35 $36 $35 $39 $39
MA Class | $44 $22 $12 $8 $35 $37 $35 $39 $39
APS $21 $21 $20 $17 $9 $1 $15 $19 $8
CES NA NA NA NA NA NA NA NA NA
RI  New $43 $23 $12 $7 $34 $34 $35 $39 $39
ME Class | & IA $18 $22 $8 $3 $2 $12 $15 $37 $36
NH Class | $45 $24 $12 $8 $35 $34 $35 $39 $39
Class Il - Solar $51 $43 $26 $13 $27 $36 $36 $38 $38
VT  Tierll NA NA NA NA NA NA NA NA NA
Tier IlI NA NA NA NA NA NA NA NA NA

* Broker quotes not yet available for Vermont markets at the time these data were collected.
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Table 83. Annual average historical REC prices, Existing supply: 2015-2023 (nominal $ per MWh)
2015 2016 2017 2018 2019 2020 2021 2022 2023

CT  Classll $1 $1 $7 $6 $20 $18 $20 $24 $24
Class Il $27 $27 $26 $26 $22 $9 $11 $27 $27
MA Class Il — Non-WTE $27 $26 $26 $26 $23 $28 $28 $31 $29
Class Il — WTE $6 $6 $6 $6 $10 $6 $15 $18 $23
CES-E NA NA NA NA NA $2.75 $4 $5 $10
RI Existing $1 $1 $1 $1 $1 $2 $6 $3 $2
ME  Class I $0 $1 $1 $1 $1 $2 $6 $3 $2
NH Class|ll $37 $28 $23 $13 $40 $38 $34 $34 $34
Class IV $25 $25 $25 $26 $26 $26 $27 $29 $29
VT  Tierl NA NA NA NA NA NA NA NA NA

* Broker quotes not yet available for Vermont markets at the time these data were collected.

Forecasting renewable energy certificate prices for compliance with Class | RPS obligations

The REC price is the key input to calculating the avoided cost of RPS compliance. The Synapse Team
forecasts Class | REC prices using the New England Renewable Energy Market Outlook (REMO).??> We
describe key methodological steps and assumptions throughout this document. Sustainable Energy
Advantage forecasts non-Class | markets with a range of class-specific methodologies, which we describe
later in this section.

Near-term supply and demand, REC prices, and renewable energy additions

The Class | REC price forecast from 2023 to approximately 2030 is based on an assessment of the near-
term supply and demand bala